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Background and Introduction

There have been numerous published reports and studies conducted over the past 20 years that
describe both the costs and benefits of independent system operators (ISOs) and regional transmission
organizations (RTOs), which operate the transmission system independently of wholesale market
participants. To foster competition, the ISOs and RTOs use bid-based offers in an open market paradigm
to determine both least-cost unit commitments and dispatch subject to grid security constraints.

After years of discussions, internal analyses, a detailed study conducted by the Brattle Group
consulting firm, and public involvement, the Western Area Power Administration’s (WAPA) Upper Great
Plains (UGP) regional office along with Heartland Consumers Power District and a portion of Basin Electric
decided to participate in the Southwest Power Pool (SPP). SPP is an independent RTO with a full day-
ahead market that operates in a fourteen-state footprint in the mid-section of the U.S. including all or
parts of Arkansas, lowa, Kansas, Louisiana, Minnesota, Missouri, Montana, Nebraska, New Mexico, North
Dakota, Oklahoma, South Dakota, Texas and Wyoming.
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On October 1, 2015, functional control of eligible WAPA UGP transmission facilities were
transferred to SPP, and UGP operations were seamlessly integrated into the SPP RTO. In addition,
through its participation in the SPP, UPG submits generation offers to the centralized market for
hydropower resources located in the Pick-Sloan Missouri Basin Program — Eastern Division marketing
area. During its first full year of operation in the SPP, the UGP Region realized many benefits exceeding
WAPA'’s expected savings of $11.5 million. WAPA is now exploring centralized market options for its
resources located in other WAPA marketing areas.
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The UGP positive outcome however does not ensure WAPA resources located in other marketing
areas?, shown in the map below, will reap similar benefits by participating in a RTO market. WAPA’s
marketing areas, managed by various regional offices, are unique in terms of their hydropower and
transmission resources, statutory requirements, operating criteria/goals, contractual arrangements with
their firm electric service (FES) customers and obligations to serve project use loads. WAPA therefore is
performing detailed analyses to investigate potential outcomes if facilities in other marketing areas
participate in a centralized wholesale power market.

~ MARKETING AREAS

Central Valley and Washoe projects

Parker-Davis, Boulder Caryan
and Central Arizona projects

Falcon-Amistad Propect

Prowo River Propect
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Pick-Sloan Missourl Basin Program—
Western Divishon and
Fryingpan-Arkansas Project

Pick-Sloan Missour
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O salt Lake City Areafintegrated Projects
Colorado River Storage Project, Collbran,
Rio Grande, Seedskades and Dolores projects

— State Boundaries

() Regional Office

& Corporate Services Office
’ CRSP Management Center

This report discusses the potential financial benefits for WAPA’s Loveland Area Projects (LAP) and
Colorado River Storage Project (CRSP) participation in a joint tariff or RTO with the Mountain West
Transmission Group (Mountain West).2 This joint tariff/RTO market is referred to, in both this study and
the one conducted by Brattle, as the “Regional Market.” LAP resources are marketed by the WAPA Rocky
Mountain Region (RMR) and CRSP is part of the Salt Lake City Area Integrated Projects (SLCA/IP) and
marketed by the CRSP Management Center.

Analyses presented in this report utilize data produced by Brattle production cost modeling of
the Western Interconnection (WI) grid with emphasis on Mountain West member utilities. Brattle used
the Power Systems Optimizer (PSO) software developed by Polaris Systems Optimization, Inc. to simulate
least-cost, security-constrained unit commitments and economic dispatch. The model determines
detailed hourly grid operations, estimates system production costs, and computes locational marginal
prices (LMPs). More details on Brattle study methods, processes and assumptions are documented in a

! Other marketing areas within WAPA include the Loveland Area Projects, Central Valley and Washoe projects,
Falcon-Amistad Project, Provo River Project, Pick-Sloan Missouri Basin Program, and the Salt Lake City Area Projects.
2 Members include Basin Electric Power Cooperative, Black Hills Corporation, Colorado Springs Utilities, Platte River
Power Authority, Public Service Company of Colorado, Tri-State Generation and Transmission Cooperative, and
WAPA’s LAP and CRSP facilities.
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report entitled “Production Cost Savings Offered by Regional Transmission and a Regional Market in the

Mountain West Transmission Group Footprint.”3

Due to the very sensitive and confidential nature of model results, the Brattle report only
discusses aggregate outcomes in its report without revealing the specific impacts on individual Mountain
West entities. Brattle did however compute financial estimates for RMR and CRSP for a narrow set of
situations. WAPA asked Argonne to broaden the investigation and estimate financial implications for LAP
and CRSP under a broad set of conditions if either LAP or CRSP participated in an existing RTO along with
other Mountain West participants.

Analysis Approach

Argonne estimated the financial impacts of LAP and CRSP operating in an existing RTO market via
a comparative analysis, in which model runs were conducted under two different market frameworks in
the year 2024. The first market framework, referred to as the “Status Quo” case, assumes that all
participants continue status quo operations under which bilateral market transactions are conducted.
The second market framework, referred to as the “Regional Market”, assumes that a centralized
wholesale RTO market structure will be adopted by Mountain West under which all participants would
always offer all of their operable generating facilities to the market. This comparative analysis quantifies
RMR and CRSP financial impacts as the difference between the Regional Market case and the Status Quo
case.

Separate financial analyses were conducted under three different plausible futures defined by
Brattle. The futures used by Argonne for financial analyses include:

1) current trends (CT): based on current most likely projections of the future based on a

continuation of recent trends;

2) high gas (HG) : 2024 natural gas prices are assumed to be significantly more expensive than
the CT case; and,

3) market stress (MS): includes high natural gas prices, higher Mountain West regional loads

and lower WAPA hydropower generation.

For consistency with the Brattle study, Argonne utilized key hourly results produced by PSO grid
simulations for the year 2024. To estimate changes in WAPA'’s financial positions, Argonne calculations
rely on Brattle LMP results that are comprised of the following three additive components: 1) energy -
referred to as the Marginal Energy Costs (MEC), 2) congestion - referred to as Marginal Congestion Costs
(MCC) and 3) losses - referred to as Marginal Loss Costs (MLC). Unless a specific component is
referenced, LMP in this report simply refers to the total of the three aforementioned components.

Brattle LMP calculations are dependent on numerous assumptions regarding grid costs and
operations in 2024. For example, the Brattle study assumed static transaction over the WI tie to the
markets in the eastern grid. Brattle used historical flows/transactions that do not allow for market

3 Based on information contained in a draft executive summary distributed by Brattle via email on 12/6/2016. File
Name: Mtn West Executive Summary (2016-12-01).docx
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operations in the WI to interact with markets in the eastern grid. The reader should therefore bear in
mind that if key assumptions are not realized in 2024, LAP and CRSP financial results may be different
from the ones presented in this report. Whereas the veracity of some of these assumptions may have
little impact on the overall economics of the WI some of these key assumptions may have a large impact
on specific LMPs and therefore LAP and CRSP financial results.* These assumptions include but are not
limited to: (1) regional and bus-load growth, (2) transmission system improvements and topology
changes, (3) RTO decisions regarding the opening of circuit breakers, (4) improvements and retirement
schedules at existing power plants, (5) the buildout of new thermal generation technologies by type, size
and location, (6) fossil fuel prices, and (7) the specific expansion locations and operation of variable
energy resources (VERs). Projections for VERs are in part a function of future policies regarding state
renewable energy resource portfolio standards and financial incentives such as investment tax credits.

Financial computations described and presented in this report only include generation costs and
financial transactions for energy purchases and sales required to balance WAPA hydropower generation
with loads plus losses. It does not include other factors that may impact WAPA's financial bottom-line.
For example, the analysis does not include WAPA’s foregone revenues associated with its use of
transmission resources to engage in energy purchases and sales arbitrage opportunities.

Unless and until an existing RTO is selected and the market rules are known, all costs and
revenues cannot be more accurately pinpointed. Presented impacts on those components that can be

Ill

identified and quantified should be viewed as rough “computer model” generated projections. These
should be used to identify general trends and magnitudes to help decision makers and stakeholders
better understand Mountain West RTO membership advantages/disadvantages. This analysis is also used

to help discover potential impacts that may not have otherwise been uncovered.

LAP Methodology

For each of the three Brattle futures, RMR financial positions for several LAP situations were
analyzed including multiple hydropower conditions, operational flexibility at the Mt. Elbert pumped
storage hydropower plant, reimbursement rules, transmission loss assumptions and market bidding
behaviors. RMR financial analyses are based on a spreadsheet model that was specifically developed by
Argonne for this study. It uses LMPs that Brattle computed for each LAP hydropower plant and load-
weighted average LMPs for LAP customer deliveries. In addition, some of the model runs performed by
Argonne also use the optimal hourly generation and pumping load profiles that were projected by Brattle
for the Mt. Elbert pumped-storage hydropower plant.®

4 The main objective of the Brattle study was to estimate the economic value of a regional market in the Mountain
West footprint. As a result of grid PSO simulations that support its study, hourly LMPs and power flows are
computed and output from the model. These outputs have been useful for examining WAPA financial implications,
but are potentially more sensitive to specific modeling assumptions as compared to the bottom-line economic
evaluations made by Brattle.

5 “Optimal” in this context refers to a mathematical solution in which WI production costs are minimized given the
information that is input into the PSO model. This does not necessarily translate into the “best” possible solution for
Mt. Elbert operation from RMR’s perspective, which under actual operations may consider other factors that are
not fully described in PSO.
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Calculations in the Argonne financial spreadsheet are based on hourly LAP net energy positions in
2014. This net position is equal to the sum of all LAP powerplant generation during a specific hour minus
the sum of LAP loads times a LAP transmission loss factor. When the net position is zero, the financial
position for RMR is also zero. On the other hand, in hours that LAP powerplants collectively generate
more power than combined loads and losses, RMR typically has a financial benefit®. This benefit is equal
to the LAP generation-weighted average LMP times the net excess generation. Generation-weighed LMPs
were computed by Argonne. Under all situations, the total LMP is always applied when energy is a long
position (i.e., energy excess). During hours that generation does not cover all of the LAP loads and losses
it encounters a net financial loss. The net financial dollar amount is based on Brattle computed load-
weighted LMPs times the short position (i.e., energy shortfall). Depending on the settlement rules that
are assumed for WAPA, the LMPs used to compute these financial losses are either the total LMP or only
the MEC component of the LMP. A more detailed description of the use of LMPs and its components are
provided in the next section.

In addition to the assumptions and limitations made by Brattle for LMP calculations, the Argonne
financial spreadsheet makes additional simplifying assumptions. For example, it uses static sets of hourly
LAP loads and hydropower generation levels. Only one vector of chronological hourly LAP loads is used
for all 2024 situations. On the supply-side of the equation, three hourly LAP generation profiles are used.
These generation sets represent a range of conditions spanning dry, average, and wet hydropower
situations based on historical operations. This allowed Argonne to model financial outcomes under a
range of LAP net annual energy positions.

The use of these static generation patterns does not allow LAP powerplant operations to respond
to market price patterns. There are a couple of important exceptions. First, under some financial model
runs, Argonne used Brattle’s optimized generation and pumping profiles for Mt. Elbert instead of the
static 2011 historical profile. Second, Yellowtail hydropower powerplant operations were manually
adjusted by WAPA scheduling experts under the Regional Market case to account for the additional
flexibility that would be afforded by lower regulation and spinning reserve duties at the facility.

It was also assumed that LAP FES customers do not change hourly energy request levels or
patterns in response to either hydropower conditions or evolving market price patterns under the
proposed Regional Market case. The assumed lack of operational flexibility and FES customer demand
variability therefore leads to a conservative estimate of LAP financial benefits (i.e., generally an under-
estimate).

Argonne financial calculations use Brattle LMPs for the three futures defined above; namely,
current trends, high natural gas prices, and market stress. Mathematically these prices are based on
precise demand/supply equilibrium points throughout the grid. There are situations however that
Argonne simulated in which LAP generation levels were modified to represent an alternative operating
situation not included in any of the Brattle simulations; for example, a wet hydropower condition or a

5 During infrequent events in which LMPs are negative, RMR would have a positive financial position when it is
energy short.
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historical Mt. Elbert operating pattern. Under these circumstances, Argonne did not adjust LMPs to
reflect an altered LAP operating pattern. Although mathematically imprecise, this simplification was
made because the LAP system is very small compared to the supply resources in the WI and therefore it
was assumed that LAP operations would typically have a minimal impact on market prices.’

The first LAP financial model run was used to benchmark Argonne financial calculations to those
made by Brattle for the current trends future under the Status Quo and Regional Market cases. Except
for small rounding errors (within $10) the Argonne and Brattle amounts were in agreement — both
showed a 2024 financial LAP gain of $1.48 million if LAP participated in the market. The Brattle estimate
however did not compute financial implication of transmission losses using a method that is consistent
with the one currently used by RMR so that result was not included in this analysis.

Benchmark model runs were also made for the high natural gas and market stress futures. For
both futures, Argonne and Brattle results were within a very small rounding error.

CRSP Methodology

Argonne estimated CRSP financial impacts for three major business processes conducted by the
CRSP Energy Management and Marketing Office (EMMO) located in Montrose, Colorado. These business
processes include (1) SLCA/IP hydropower plant generation scheduling/operations, (2) the Salt River
Project (SRP) exchange and (3) existing (a.k.a, grandfathered) transmission agreements. A more detailed
explanation of each of these business processes is provided below.

CRSP Scheduling

SLCA/IP hydropower plant generation schedules are managed by the CRSP EMMO. The
methodology used for this analysis mimics the CRSP scheduling process with a set of tools that simulate
the optimal operation of SLCA/IP powerplants. Constrained by environmental operating criteria, the
models pattern limited water releases and associated power production such that it maximizes the
financial value of SLCA/IP hydropower resources in observance with EMMO scheduling goals and
guidelines. Monthly operations are primarily driven by water volume release targets that fulfill water
delivery obligations in the Colorado River Basin and by hourly market forces as reflected by Brattle LMPs.
Operations are subject to the physical limitations of SLCA/IP hydropower plants, dispatch
guidelines/objectives, and statutory obligations to meet environmental criteria. Identical to the LAP
modeling process, financial benefits associated with joining a regional market are based on a comparison
of the Status Quo and Regional Market case simulation results. Financial impacts to CRSP are estimated
for 105 plausible hydrology futures for each month and case/future analyzed.

The flow chart shown below displays the major model components and information flows that
were used to simulate CRSP scheduling. The modeling process has two principal purposes. The first is to

7 There are situations when system-wide power grid operating reserve margins are very tight, usually during peak
demand periods, when the operation of any plant in the grid can move prices by altering its operation. Although
possible, this situation however is unlikely to occur in 2024 under the futures defined by Brattle. These are also
congested transmission states, for example as a result of line outages, under which suppliers may temporarily have
a large influence on LMPs. RTO market monitors however do not allow supplier to take undue advantage when
these situations arise.

‘III Western Area Power Administration 6



estimate the amount of seasonal and monthly energy and capacity that the CRSP EMMO will offer to FES
customers. The second purpose is to simulate SLCA/IP hydropower plant operations and to compute
associated CRSP finances. The key models that are utilized in the process include the Colorado River
Simulation System (CRSS), a lite version of Generation and Transmission Maximization (GTMax Superlite)
model?, the Available Hydropower (AHP) Offer routine, and a module that computes and ranks CRSP
financial outcomes. A brief description of each tool used for the CRSP analysis is provided below.

Run Each Trace/Case Combination for 12 Months

Brattle LMPs

Scenario/case
hourly LMPs

Run Once Per Trace for 12 Months

LTEMP Preferr: o : i
Alternative R i (/ 3l Typical Weekly
: f Price Profile

Typical
Hourly Load
Profile

5 Financial
1. Includes separate runs for FG and other large SLCA/IP Analysis
hydropower plants plus generation from small SLCA/IP :
hydropower plants

Colorado River Simulation System

CRSS was developed by the Bureau of Reclamation in the early 1970s to project the monthly
operations of the Colorado River in both the upper and lower basins in compliance with numerous water
compacts, treaties, and laws. Projections are made under various trajectories of hydropower conditions
over time using historical sequences of inflows, known as traces, and projected basin water
depletions/extractions.

For this study, the CRSS model produces results for 105 hydrological traces for the year 2024.
Although CRSS simulates the entire Colorado River Basin, SLCA/IP hydropower plants and associated
reservoirs in the CRSS model are all in the upper basin and include Glen Canyon, Fontenelle, Flaming
Gorge, Blue Mesa, Morrow Point, and Crystal. Model runs and traces used for the study are based on
analyses performed in support of the CRSP post-2024 marketing study. This post-2024 marketing study
CRSS formulation was updated from a previous CRSS version that was developed for the Long-Term
Experimental and Management Plan (LTEMP) Environmental Impact Statement (EIS) for the Glen Canyon
Dam. The LTEMP EIS record of decision (ROD) was recently issued in December 2016 and is currently
being phased into Glen Canyon Dam operations.

8 Several versions of the GTMax model were written by Argonne for the CRSP Management Center over the past 22
years. For a static model topology, such as the one used for this analysis, the GTMax-Superlite model solves
problems much faster than the full GTMax model.
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GTMax Superlite Model

The GTMax Superlite model and supplemental spreadsheet tools simulate the scheduling and
operation of SLCA/IP hydropower plants. The operation of smaller facilities are simulated using a
spreadsheet tool. These smaller resources consist of the Upper and Lower Molina, McPhee, Towaoc,
Dolores, and Rio Grande powerplants.

GTMax Superlite simulates the hourly operation of larger SLCA/IP hydropower plants that consist
of Glen Canyon, Blue Mesa, Morrow Point, Crystal, Fontenelle and Flaming Gorge. The model is run for
one typical week for each simulated month; that is; 12 simulations are performed for each of the 105
hydrological traces for a total of 1,260 situations for each case/future analyzed. Weekly capacity, energy
production, and financial results are scaled up to a monthly level. This modeling process was developed
by Argonne with WAPA’s guidance, funding, and support over the past 22 years. It is also utilized on an
ongoing basis in support of numerous SLCA/IP hydropower business processes.

Simulated operations over a weekly time period are consistent with CRSS monthly reservoir
water releases and forebay elevations. CRSS also provides information about water inflows into
reservoirs, side flows that occur between connected reservoirs, and reservoir evaporation. Other inputs
included operating constraints placed on the facilities, such as restrictions on water-release ramp rates
and flow requirements at the Jensen Gauge downstream of Flaming Gorge. The GTMax Superlite
objective is to simultaneously maximize the financial value of the hydropower resource at these large
facilities over weekly time periods. The output is an hourly schedule of water releases and electric
generation that maximizes the financial value of hydropower resources within the bounds of all operating
constraints.

CRSP hydropower resources contain two water cascades. The first consists of the Fontenelle and
Flaming Gorge Reservoirs, and the second consists of the Aspinall Cascade, which includes the Blue Mesa,
Morrow Point, and Crystal reservoirs. Operationally, reservoirs in the first cascade are very loosely
connected and therefore are not linked in GTMax Superlite. Reservoirs in the Aspinall Cascade are very
tightly coupled and these linkages are therefore represented in GTMax Superlite.

Operating constraints include maximum and minimum limits imposed on all reservoirs and a
complex set of restrictions at the Crystal Reservoir that bound the rate of elevation changes over time. In
order to ensure that water releases do not violate reservoir operating constraints, GTMax-Superlite
computes hourly water mass balances and reservoir elevations using reservoir elevation-volume
functions. Water balancing equations account for water inflows, side flows, evaporation, upstream
reservoir water releases, and all releases from the reservoir of interest. To ensure that operations at the
end of the simulated period are in a good position for the following day, model runs used a “wrap”
technique to reduce model-end effects. Conceptually the wrap technique infinitively repeats the same
modeled week.
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The hourly operations of large CRSP hydropower plants is simulated by two sets of GTMax
Superlite model runs. First, Flaming Gorge operations are optimized in isolation with no recognition of
system contributions from other CRSP facilities. This mimics current day procedures in which intra-day
hourly release pattern are occasionally determined by CRSP staff for a single day. This pattern without
alteration is prescribed each day until hydrological conditions appreciably change, prompting a revision
of the daily release pattern. For the MWTG study, the pattern simulated by GTMax Superlite is updated
monthly. The modeled release/generation pattern maximizes CRSP financial income based on Brattle
LMPs and on hydrological conditions in both the Green and Yampa Rivers.

Flows at the Jensen Gauge are restricted to daily stage changes of 0.1 meters/day. Because gauge
flows are directly affected by upstream water releases from the Flaming Gorge Reservoir, GTMax-
Superlite determines releases that comply with the daily gauge constraint. In general, it takes about 24
hours for the first fractional amount of a Flaming Gorge release to reach the gauge. Typically, all of the
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water passes the gauge 48 hours after the release. Gauge readings are computed using a function that
relates the water flow rate at the gauge to the gauge stage.

To ensure the modeled release/generation pattern is compliant with flow stage requirements at
the Jensen Gauge, the GTMax Superlite model uses a set of linear equations to approximate Green River
stream flows below the Flaming Gorge Dam. These linear equations require a set of input
parameters/scalers to accurately compute these flows. These scalers are produced by a condensed
version of the Streamflow Synthesis and Reservoir Regulation (SSARR) Model that was written by the
Army Corps of Engineers. Yampa River water flows into the Green River are based on historical monthly
data. For this study, a monthly 50% flow exceedance was input into both SSARR and GTMax Superlite.

SSARR uses a complex set of non-linear equations to estimate these scalers and downstream
flows at 148 points in the Green River between the dam and the Jensen Gauge based on a given set of
hourly water releases from the Flaming Gorge Dam and flow contributions from the Yampa. This given
set of water releases from Flaming Gorge is estimated by GTMax Superlite. This is a classic “chicken and
egg” problem because GTMax Superlite requires a set of scalers to estimate downstream water flows,
and SSARR requires a set of given water releases from Flaming Gorge that is estimated by GTMax
Superlite. To solve this problem, GTMax Superlite and SSARR are run iteratively in a process in which the
two models share successively more refined and accurate inflammation. Jensen Gauge results produced
by the models typically converge to nearly identical solutions after one to three iterations.

The second set of GTMax-Superlite model runs simultaneous optimizes the operations of all
other large SLCA/IP hydropower plants. It uses Brattle LMPs, FES customer hourly loads, generation from
smaller SLCA/IP hydropower plants, and Flaming Gorge prescribed/static generation patterns projected
by the first set of GTMax-Superlite runs.

Small SLCA/IP Resources Spreadsheet Tool

Relatively small SLCA/IP hydropower plants including Towaoc, McPhee, Elephant Butte, Upper
Molina, and Lower Molina power plants. In total, these facilities contribute a relatively small amount of
capacity and all but the Molina power plants are flat flow facilities. Powerplant capacities for small
powerplants are computed in a spreadsheet based on historical monthly generation data as archived in
Form PO&M-59. The Molina powerplants are dispatchable and operated in unison. The spreadsheet
algorithm evenly divides Form PO&M-59 monthly generation among all days in the month. The
spreadsheet operates Molina at maximum output continuously until the entire daily generation is
exhausted; that is, the units start and stops once per day and no power is produced in any other hours.
The block of operating hours is based on market prices such that the financial value of Molina resources
is maximized.

AHP Offer Routine

Under many of the hydrological futures projected by CRSS, the CRSP Office will have excess
capacity and/or energy above SHP contract levels, which at the discretion of WAPA, may be offered to its
FES customers. These offers, referred to as Available Hydro Power (AHP), impact SLCA/IP FES hourly firm
loads input into the GTMax Superlite model and therefore computations of WAPA’s energy transaction
and financial positions.

The AHP Offer Routine estimates these seasonal capacity and energy offers. It was recently
developed by WAPA and Argonne in support of the LTEMP EIS and subsequently modified and enhanced
in support of this project. The AHP Offer Routine computes CRSP seasonal excesses and estimates AHP
offers (if any) on a monthly basis for each CRSS trace. Similar to the LTEMP EIS application, for this

‘III Western Area Power Administration 10




analysis it is assumed that AHP capacity and energy offers are proportional; that is, both energy and
capacity AHP offers are based on identical percentages that are applied to the SHP level. For example,
AHP capacity and energy in a month are both set equal to 30% of SHP capacity and energy levels,
respectively. Also, SLCA/IP total firm loads are increased by this same percentage during all hours in a
month.

AHP seasonal offers are made to FES customers well in advance of a season based on anticipated
future conditions. Future water releases from SLCA/IP hydropower plants and therefore the level of
energy and capacity that are actually realized is subject to forecasts error and, at times, is too small to be
worthwhile to prepare and make AHP offers. A minimum level of excess capacity and energy must
therefore be projected before AHP is offered to FES customers.

The criteria that “triggers” an AHP offer has differed over time and has been a function of the
staff and management composition at the CRSP Management Office. The AHP Offer Routine requires a
consistent and concise set of rules that are applicable under a wide range of hydrological and release
conditions. Criteria incorporated into the routine must also reflect realistic decisions that may be made
by CRSP management in the future.

Based on the expert opinions of CRSP senior staff, criteria were developed for the LTEMP EIS. It
underwent external peer reviews and was published in the final LTEMP EIS document. With minor
modifications the LTEMP criteria were also used for this study. For modeling purposes the AHP “offer”
protocol outlined by the CRSP Management Center is as follows:

e SLCA/IP electrical energy is modeled hourly by GTMax Superlite under projected daily
operating criteria for summer and winter seasons using CRSS monthly water release volume
and elevation trace data. For this purpose winter is defined as the months of October
through March and summer is April through September;

e An AHP seasonal offer is triggered when hydropower energy is projected to be at least 20%
greater than SHP energy during a season and there is also excess capacity available in the
season to support this higher energy offer;

e For each month modeled, AHP capacity is calculated by taking the average of the daily
SLCA/IP coincidental peak generation during weekdays (excluding holidays) within a month;

e Under very high hydropower conditions, the monthly AHP capacity offer is capped at the
seasonal contract rate of delivery (CROD);

e AHP is offered only when SLCA/IP capacity is greater than SHP capacity for at least one of the
two peak months during a season. These peak months are July and August for the summer
season and December and January for the winter season;

e During on-peak months the percentage of both AHP capacity and energy over SHP levels are
calculated. The lesser of the two percentages are offered to FES customers as AHP. Typical
SLCA/IP SHP firm energy request profiles used by GTMax Superlite are then increased by this
percentage;

e During off-peak months when seasonal AHP is offered, load scaling is based only on excess
energy. Modeled AHP offers are therefore proportional to the amount of surplus energy
during these lower-load months regardless of the SLCA/IP capacity level that is available to
serve these offers;

When SLCA/IP seasonal energy meets the AHP offer criteria, AHP is sold to SLCA/IP FES
customers at the SLCA/IP firm energy price;

If seasonal SLCA/IP resources are above SHP, but not enough to trigger an AHP offer, surplus
seasonal energy is sold to the energy market at hourly market prices; and,

[ ]
[ ]
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e Under all situations, financial positions associated with firming purchases and excess energy
sales are based on hourly energy market prices. For this analysis, Brattle 2024 LMP
projections were used to compute financial positions.

Financial Module

Using the models and process described above, Argonne estimated CRSP monthly and annual
financial implications for all of the 105 CRSS traces. Estimates were made for the Status Quo case and
Regional Market case under all three 2024 Brattle futures. It was assumed that Glen Canyon Dam
generation patterns will be constrained by the LTEMP Hybrid Alternative operating criteria that was
specified as the preferred alternative in the EIS final report. As mandated by the LTEMP ROD, Glen
Canyon Dam is currently operated under these criteria.

For the purposes of this analysis, it is assumed that costs associated with conducting LTEMP
experimental releases at Glen Canyon Dam, such as high flow experiments (HFEs), are non-reimbursable
expenses that reduce the amount of money that WAPA is required to pay the U.S. Treasury for capital
expenditure associated with the construction of CRSP dams and powerplant. In the long-run these
experiments do not impact the financial position of CRSP and were therefore not modeled.®

Although CRSP loads are scaled upwards to account for AHP offers, financial estimates are based
on an assumption that CRSP FES customers will not alter their load request patterns in response to
evolving market price patterns. Also, identical to the LAP analysis, CRSP financial calculations use static
Brattle LMPs; that is, it is assumed LMPs do not reflect an altered CRSP hydropower generation pattern.
Although mathematically imprecise, this simplification was made because the CRSP system is very small
compared to the sum of all Wl supply resources and therefore its operations typically have a minimal
impact on market prices.

As mentioned above, CRSP financial positions were modeled under both a Status Quo and
Regional Market case. The difference between these two cases is an estimate of CRSP’s financial benefit
of joining a regional market. More specific modeling assumptions made under the two modeled cases
are provided below.

Status Quo Modeling Assumptions

Under the Status Quo case it was assumed that current scheduling practices would continue in
the future. To model this case, analysis methodologies and assumptions used in the past to
simulate/optimize CRSP operations and SLCA/IP hydropower plants were also applied in the study. Key
assumptions regarding Montrose EMMO scheduling practices, market price signals, ancillary services, and
the treatment of transmission losses are described below.

9 Costs to conduct experimental releases will affect CSRP short-term financial positions and the amount of money
contained in the Basin Fund. The effort required to estimate this short-term financial impact would be every
expensive while yielding only very modest levels of additional information. The modeling of experiment was
therefore not included in this analysis.
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Montrose Status Quo Scheduling Guidelines and Goals

Modeled operations mimic the general principles and goals that WAPA uses at its Montrose
EMMO. These principles include:

(1) SLCA/IP hydropower plants and reservoirs are operated with within physical limits and
comply with all applicable environmental criteria specified for each SLCA/IP resource
including operating criteria specified for the Glen Canyon Dam under the LTEMP Preferred
Alternative;

(2) During power grid emergencies, exception criteria is invoked at Glen Canyon Dam allowing
operators to release water at levels that may at times be outside the bounds of the LTEMP
Preferred Alternative operating criteria;

(3) In addition to letter-of-the-law operating criteria, Glen Canyon Dam generation levels are
scheduled such that the lowest water release during a day is repeated each day of the week.
Also, daily water release volumes do not appreciably deviate from one day to the next.
Weekday total releases volumes are identical and weekend releases are no less than 85
percent of the weekday water release volume;

(4) Within user specified monetary threshold levels, incorporated into the objective function,
SLCA/IP Federal hydropower resources are primarily used to serve and follow total FES hourly
loads and to provide ancillary services for grid stability and security;

(5) To the extent possible, energy short positions are purchased in the day-ahead bilateral
market 16-hour on-peak and 8-hour off-peak blocks;

(6) Excess energy is also sold on the day-ahead bilateral market as on-peak and off-peak blocks;
and,

(7) Real-time purchase and sales transactions are made to resolve any short-term (hourly)
energy imbalances;

Status Quo Energy Prices and Scheduling

Although the primary scheduling driver under the Status Quo case is to follow CRSP FES loads,
bilateral markets also play a key role in the shaping of the SLCA/IP hydropower dispatch. GTMax Superlite
SLCA/IP hydropower production first serves CRSP loads. Then the purchase of energy under short
positions and the selling of energy under long positions is guided by bilateral market prices under the
Status Quo case, hourly Palo Verde prices projected by Brattle for each future is input into the GTMax-
Superlite model. This single hourly vector of hub price has long been used as the primary market signal to
model the scheduling of all SLCA/IP hydropower resources under current operating practices. It was
therefore also used for this analysis for hydropower plant scheduling purposes. Palo Verde hub prices
are also used to compute CRSP finances. This includes costs for energy purchase, sales revenues, and net
financial positions.

If loads and resources are accurately predicted in advance and are identical, no transactions are
made with bilateral markets to fulfill FES demands. This condition very rarely, if ever, occurs. Under most
circumstances the Montrose EMMO must therefore resolve energy imbalances by selling and buying
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power on the bilateral market. When simulating energy short positions, GTMax Superlite typically
purchases relatively inexpensive energy on the day-ahead bilateral market in 8-hour off-peak blocks;
however, when there is insufficient capacity to serve FES peak load more expensive on-peak block
purchases are made by the model. When energy is long, GTMax Superlite tends to sell the excess in on-
peak blocks during times of high energy prices. Because on-peak and off-peak block purchases in
combination with SLCA/IP generation profiles do not always perfectly fit under the FES load curve,
GTMax Superlite fills in the “gaps” with purchases and sales quantities that vary hourly. In the model
these transactions represent real-time market activities. Under the Status Quo case GTMax Superlite will
not engage in arbitrage that takes advantage of Palo Verde price spreads between on-peak and off-peak
periods; that is, it will not buy inexpensive off-peak energy during the nighttime for the purpose of selling
the “stored” energy at a higher price during high prices peak hours.

Status Quo Case Ancillary Service Assumptions

The LTEMP Preferred Alternative operating criteria for Glen Canyon Dam restricts average hourly
water release rates from Lake Powell. This includes hourly minimum and maximum releases and both up
and down hourly ramp rates. Because these limitations are specified on an hourly basis, instantaneous
flows within an hour that are outside these bounds are allowed by the criteria. It was therefore assumed
that Glen Canyon is permitted to provide regulation services while operating at the minimum and
maximum allowable flow rates. Ramping is likewise not affected by regulation services. This assumption
is based on actual operating data. The data show that while providing regulation services, instances of
water releases above the set point (regulation up) are countered by instances of releases below the set
point (regulation down). Integrated over an hourly time period the average water release rate from a
regulating hydropower plant closely matches the plant’s set-point release rate.

The second entry in the guidelines-and-goals list regarding exception criteria is also important
because it allows Glen Canyon to provide spinning reserves while operating at the maximum water
release rate. The exception criteria also allows schedulers to use the entire daily change limit that is
specified by the Preferred Alternative. Dependent on hydrological conditions, this daily change criteria
limits the range of Lake Powell water releases during 24-hour rolling periods.

In combination, points one and two of the goals-and-guidelines-list typically, but not always,
allow CSRP operators to fulfill WAPA's ancillary service obligations without incurring financial costs. Rare
exceptions occur under very high hydropower conditions and when there are several simultaneous unit
outages at the Glen Canyon Dam Powerplant. This differs from the LAP system that requires a change in
power plant dispatch when providing regulation services. That is, operations are altered in order to have
sufficient capacity available to provide regulation. For example, Yellowtail incurs significant revenue
losses when water is bypassed in the springtime/early summer in order to maintain sufficient capacity for
ancillary services.

Status Quo Case Transmission Losses and FES Energy Deliveries

This analysis treats transmission losses under the Status Quo case using a methodology that has
been applied to SLCA/IP analyses for at least the past 15 years. Losses for the CRSP system are modeled
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by applying a loss factor to generation with the option of using different factors for each generating
resource. For example, a 4.5% transmission loss is represented by a loss factor of 0.9557 (i.e., 1/1.045 =
0.9557). To be consistent with recent analyses, including the one recently conducted for the LTEMP EIS,
the same loss factor of 0.9557 is applied to all SLCA/IP facilities. This factor reflects recent grid conditions
and current loss accounting practices.

Under energy-short positions, the above method assumes that CRSP energy purchases to fulfill
energy delivery obligations to meet FES load do not include a loss quantity component. On the other
hand, sales of energy to the bilateral market are reduced by the loss factor.

Montrose Scheduling Guidelines and Goals under a Regional Market

This section describes major modeling assumption differences between the Status Quo and
Regional Market cases. All other assumptions and modeling methods are identical. Based on discussions
with Montrose EMMO staff, its scheduling guidelines and goals may change from current practices under
the Regional Market case. It is possible that under a regional market, SLCA/IP system operations would
be primarily driven by LMPs at generation and load buses. Schedulers and marketers would therefore
take advantage of arbitrage opportunities whereby a portion of CRSP loads would be served during
relatively inexpensive periods allowing SLCA/IP generation to back down to sub-load levels. This “stored”
SLCA/IP energy would then be used to produce generation above load levels during high price peak
hours. The financial gain for CRSP would be a function of energy purchase/sale price spreads and the
amount of energy that was shifted from load serving to market sales during one or more days. Although
the EMMO may ultimately utilize a load following process in a regional market, the economic dispatch
model was used in order to maintain consistency with how the other entities modeled their operations.

Generator LMPs projected by Brattle without regard for SLCA/IP FES load requests are used to
guide SLCA/IP powerplant dispatch. All long and short positions are resolved by the market operator and
CSRP financial positions are based on these net energy positions. Hourly short positions would be
purchased primarily in the day-ahead regional market at customer delivery points and hourly excess
energy would be sold in the day-ahead market at generator buses.

Energy transactions are priced at the Brattle LMPs computed at each individual load and
generator bus. This differs from the Status Quo case in which all transactions are priced at the Palo Verde
LMP. Also under the Regional Market case, all day-ahead purchase and sale quantities would vary hourly
instead of in off-peak and on-peak blocks. As modeled for this analysis, no real-time purchases and sales
transactions are made because Brattle modeled the day-ahead market deterministically and therefore no
energy imbalances occur in real-time. In reality however, there may be opportunities for CRSP to gain
additional financial benefits beyond those reported in this document from operating in a real-time
regional market.

Under the Regional Market case, loss accounting also differs from current methods. For example,
no loss factor is applied when energy is long because the excess energy is sold to the regional market at a
generator. The amount of excess energy is based on SLCA/IP generation minus FES loads times a loss
factor of 1.045. The LMP at generator buses reflects marginal energy value, congestion charges, and
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losses. Short positions are fulfilled via purchases at FES customer load buses. Financial costs associated
with these purchases are based on the load-weighted LMP computed by Brattle. No additional energy is
purchased to cover losses because the market delivers the energy directly to the load buses. Also
imbedded in the LMP calculation are all marginal costs associated with congestion and losses.

For financial calculations, long positions are settled at the generation-weighted LMP and short
positions are settled at the load-weighted LMP. As previously described in the loss paragraph above,
short position is balanced at points of load (i.e., energy extraction) at the load weighted LMP. It should be
noted that costs due to both transmission congestion and losses are factored into the LMP calculation
thereby eliminating the need to include additional physical losses for both power purchases and excess
energy sales and in financial equations.

Salt River Project Exchange and Grandfather Transmission Contracts

Several existing CRSP transmission contracts will remain in effect if the CRSP system becomes a
member of the regional market. Two types of agreements that will have significant impacts on CRSP
finances are the Salt River Project (SRP) power exchange and existing Grandfather (GFA) transmission
contracts.

Salt River Project Power Exchange Agreement

The SRP power exchange agreement has two components. The first involves energy exchanges
that are designed to relieve contractual transmission congestion and the second involves the use of CRSP
transmission resources to wheel power for SRP. SRP owns shares in generating units in Colorado and
New Mexico located far from its load centers in the Phoenix, Arizona region. Likewise, the Glen Canyon
Powerplant near Page, Arizona is far from CRSP loads in Colorado and New Mexico. To reduce
transmission congestion, generation from Glen Canyon Dam serves SRP loads via energy deliveries to the
Pinnacle Peak substation. At the same time, on a megawatt (MWh)-for-MWh basis, SRP resources at
Craig, Hayden, and Four Corners serve CRSP loads in the north and New Mexico. Under the second part
of the SRP power exchange agreement, CRSP wheels power from the aforementioned SRP power plant
resources to Pinnacle Peak.

To estimate the financial impacts of the SRP exchange under the Regional Market, actual CRSP
energy exchanges and wheeling for the year 2015 were paired with Brattle LMP data. As illustrated in the
diagram below, provided by the CRSP EMMO, the SRP power exchange transactions have TAGs of 1X
through 5X. TAG 1X are transactions related to Glen Canyon Dam energy serving SRP loads in exchange
for SRP generation from the Craig and Hayden power plants serving CRSP northern load (TAG 2X) and SRP
generation from Four Corners that serves CRSP loads in New Mexico (TAG 4X). TAGs 3X and 5X are for
wheeling transactions from the Craig power plant bus to Pinnacle Peak and from Four Corners power
plant to Pinnacle Peak, respectively.

The applied methodology for computing the financial impacts of the SRP exchange agreement on
CRSP finances is based on the total amount of energy, in terms of MWh, that was transacted under each
TAG paired with Brattle LMP data (sum of energy, congestion and loss components) obtained from
Brattle model results for the year 2024 under the Regional Market case. Status Quo case LMPs are not
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utilized because the SRP exchange does not incur significant costs to CRSP under the current market

structure.
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Because the SRP data are for the year 2015 which starts on a Thursday and LMP data are for the
year 2024 which starts on a Monday the data are “out of alignment.” The LMP data was therefore

shifted by 3 days such that the LMP data are better aligned with the TAG data. In addition, there was a
separate alignment of LMP and SRP exchange data for WECC holidays.

To compute financial implications in each hour, TAG energy quantity is multiplied by the LMP at
the point of energy injection. This value is then subtracted from the TAG energy quantity times the LMP

at the energy delivery point. Under the Regional Market case, CRSP benefits financially when the point of
SRP exchange energy injection is more valuable (i.e., higher LMP) than the energy extraction point. On

the other hand, CRSP financially losses when the injection point LMP is lower than extraction point LMP.

Grandfather Transmission Agreements

17

‘III Western Area Power Administration



Costs for GFA contracts are computed using a similar methodology in which energy sink and source
LMPs are used to compute the cost of transporting power through the WAPA system. Historical GFA
contracts data in terms of the amount of MWh of energy transported by WAPA for the year 2016 was
used for this analysis. These data were aligned with 2024 Brattle LMP by day type and for holidays. The
GFA contracts included in financial computations are with Arizona Public Service (APS), PacifiCorp, and
Deseret Electric Power Cooperative (Deseret). Energy sources and sinks used for these GFA contracts are
as follows:

e APS (May-Oct) 250 MW — Glen Canyon to Pinnacle Peak (Primary Rights)

e APS (Nov-Apr) 150 MW — Glen Canyon to Pinnacle Peak (Secondary Rights)

e PacifiCorp (Nov-Apr) 250 MW — Pinnacle Peak to Glen Canyon (Primary Rights)

e PacifiCorp (May-Oct) 150 MW - Pinnacle Peak to Glen Canyon (Secondary Rights)

o Deseret (all Year) 12 MW — Flaming Gorge to Glen Canyon (note: we are using Flaming Gorge
because there is not a LMP for Bonanza but there is one for Flaming Gorge)

It should be noted that for the Deseret contract, the point of energy injection is actually at the
Bonanza power plant. However, Brattle data provided to CRSP did not contain LMP data for that point.
LMPs at Flaming Gorge were therefore used as a surrogate energy injection point.

Identical to the SRP exchange the CRSP Office benefits financially when the point of SRP exchange
energy injection has a higher LMP than the energy extraction point. The opposite occurs when the
injection point LMP is less than the extraction point LMP.

Model Results

As modeled by Brattle, the economic benefits of a Mountain West RTO market are primarily
driven by two factors that both lower total WI dispatch costs. Although there are some savings outside
the footprint, much of the savings is gained by Mountain West members. The first economic factor is the
removal of market barriers that exist in the current status quo bilateral market structure. Brattle
approximates this benefit by removing transaction costs (referred to as hurdle rates) when it simulates
energy flows in the Mountain West footprint. The second major economic benefit is a more efficient use
of the transmission system as operated by a single RTO entity as opposed to several utilities individually
managing their separate pieces of the system. Brattle represents this second economic benefit in the
dispatch by allowing PSO to utilize the full rated capacities of key transmission pathways in the Mountain
West footprint that, when needed, allows higher modeled energy flow rates on these pathways than is
typically scheduled in current operations.

Although Brattle estimates demonstrate potential economic benefits of a Regional Market for the
WI grid as a whole, economic benefits are not always equally shared by all of the entities that join and
participate the regional market. Applying the methods described in previous sections, Argonne computed
some of the financial implications of the Regional Market case on the LAP and CSRP Offices. These
financial results are discussed below. It should be noted that the financial components discussed in this
report are limited to a subset of overall impacts that feed into a larger overall financial impact study that
was compiled by LAP and CRSP staff.

‘III Western Area Power Administration 18




Loveland Area Projects Financial Results

The Regional market will impact LAP finances relative to the Status Quo case primarily due to
market price changes as projected by Brattle. The next section describes LAP financial calculation results
under a wide-range of assumptions that have a significant impact on projected outcomes. Key
assumptions that affect results include hydrology/hydropower conditions, transmission loss rates,
operational flexibility at Mt Elbert, market-bidding behavior, and market settlement rules for LAP.

Changes in LMPs under the Regional Market Case

The modeling assumptions that reduce transaction costs and relax transmission constraints
lowers W1 total production costs under the Regional Market case. It also effects LMPs and impacts the
finances of individual entities within the grid including LAP and CRSP. The table below shows average
annual energy prices at two key LAP hydropower plants under the CT future for the Status Quo and
Regional Market cases in 2024. On average, the total LMP is projected to decrease by $0.68/MWh at Mt
Elbert and $0.12/MWh at Yellowtail. These savings are based on the summation of LMP components. As
shown in the table below, the Regional Market case has slightly higher energy prices which is more than
offset by lower congestion (i.e., MCC) and loss (i.e., MLC) LMP components.

Total LMP ($/MWHh) Energy (5/MWh) | Congestion (S/MWh) Losses ($/MWh)
Mt Mt Mt Mt
Case Elbert Yellowtail | Elbert Yellowtail Elbert Yellowtail | Elbert Yellowtail
Status Quo 24.50 24.01 27.00 27.00 -0.40 -1.09 -2.10 -1.90
Regional Market 23.82 23.89 | 27.15 27.15 -1.02 -1.15 -2.31 -2.11
Market Savings 0.68 0.12 -0.15 -0.15 0.62 0.05 0.21 0.22

The energy component of the LMP (i.e., MEC) is projected to have a wide range of outcomes
during 2024. As shown in the graph below, however, the MEC component of the LMPs for the Status Quo
(SQ) and Regional Market (RM) cases are between $20/MWh to $40/MWh almost 90% of the time.
Because the marginal prices at Mt. Elbert and Yellowtail are always identical under each of the cases, only
Yellowtail curves are visible on the graph. From a statistical distribution perspective, prices for the two
cases are within $1/MWh — larger differences between the Status Quo and Regional Market cases occur
at the tail ends of the exceedance curve distribution.
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Most of the time, the MCC component of the LMP is near zero at both the Mt. Elbert and
Yellowtail powerplants under both the Status Quo and Regional Market cases. The exceedance curve
below shows that approximately 80 percent of the time transmission constraints do not change LMPs by
more than $1/MWh at both locations under both cases. This is a strong indication that transmission
congestion is usually not an issue (i.e., binding constraint) under most operating conditions. When
congestion does occur, shown as larger non-zero costs at the tail ends of the curve, prices drift toward
zero under the Regional Market case. Note that on both the left and right sides of the distribution the
dashed lines are closer to zero than the solid lines. The MCC change (i.e., lower difference) is more
pronounced at Mt. Elbert on the left side of the distribution and on right side of the distribution at
Yellowtail. This result is primarily due to the relaxation of capacity limits on key transmission paths in the
Mountain West footprint.
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The projected range of MLC during 2024 is projected to be much narrower than the other two
components. As shown in the graph below, the MLC component of the LMP is between $1/MWh to
-$11/MWh -- note the change in scale relative to the previous graphs. Similar to the other LMP
components, the statistical distribution of prices are within $1/MWh. Unlike the other distributions,
differences do not significantly increase at the tail ends of the exceedance curve distribution.
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Whereas lowering market barriers and congested pathways in the PSO WI model mathematically
guarantees that the dispatch will be more economically efficient, this same dispatch solution may
however result in individual entities that lose financially under a competitive market structure. Generally,
this occurs because relative to the Status Quo case the market tends to increase LMPs at locations with
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relatively low prices and decrease LMPs in areas that are more expensive. The figure below shows an
average LMP profile for weekdays and weekends at the LAP Yellowtail hydropower plant in January 2024
under the CT future. In this example, note that prices are generally lower under the Regional Market
case. There are times of the day however during the weekend that the Regional Market case has prices
that are more expensive. For example during the evening peak, prices under the Regional Market case
are slightly more expensive than under the Status Quo case.

40
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According to Brattle projections, higher LMPs under the CT future in 2024 will occur frequently.
The graph below shows an annual exceedance diagram of hourly price savings under the Regional Market
case at the Mt Elbert and Yellowtail powerplants!®. Note that in order to show a higher level of detail, the
range displayed in the graph is for LMP reduction between -$10.00/MWh to $10.00/MWh thus
eliminating the display of higher price changes that is projected to occur about 4 percent of the time. The
total range for the Mt Elbert case is from -$25.11/MWh to $75.28/MWh and for Yellowtail the range is
from -$23.61/MWh to $106.05/MWh.

Note that the curve in the figure below is strikingly different from the probability distributions
above that shows only very modest changes in the exceedance distribution of LMP components under
the Regional Market case; that is, the difference between the solid and dashed lines. This occurs because
higher occurrence of lower marginal prices are typically, but not always, offset by lower prices with

10 The referenced graph displays hourly LMP differences (e.g., relative values) between the Status Quo and Regional
Market cases. This differs from previous exceedance graphs for MEC, MCC, and MLC that show absolute values for
each individual case.
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approximately the same magnitude.
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Ultimately, LMP changes such as the ones discussed above drive the projected financial
outcomes for RMR and the CRSP Management office under the Regional Market case. WAPA entities
experience relative financial gains under the Regional Market case when LMPs increase at its hydropower
plant buses above the Status Quo case. On the other hand, WAPA entities financially lose when LMPs
increase at FES customer energy delivery points. Typically, but not always, LMPs at load and generator
buses tend to move in tandem; especially in situations such as the ones presented for LAP and CRSP that
are projected by Brattle to very frequently have little to no transmission congestion. The level of financial
gain or loss is most pronounced under wet and dry hydropower conditions when RMR and the CRSP
engage in relatively large transactions to maintain supply and demand balances.

The accuracy of the Argonne financial calculations presented in this report hinge largely upon
Brattle LMP estimates. As discussed previously, LMP calculations are dependent on numerous
assumptions regarding grid costs, development decisions, and operations in 2024. The reader should
bear in mind that if key assumptions are not realized, financial results may be different from the ones
presented in this report.

Loveland Area Projects Results: Reference Future

Once a high level of confidence was gained in the Argonne financial model through testing and
LAP benchmarking exercises, Argonne staff ran and performed a comparative analysis (Regional Market
case relative to the Status Quo case) that is used in this report as a reference point. It is based on the CT
future under an average hydropower situation in which all financial calculations were based on total
LMPs. Mt Elbert operations were not able to adjust its operations in response to price signals and
transmission losses were set equal to 4.5% of LAP loads. Actual Mt Elbert pumping and generation
profiles during 2011 were used in this simulation to represent static/inflexible pumped-storage power
plant operations. This reference point is used mainly for comparison purposes because it is simpler than
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many of the other futures. Other more complex situations build upon it. It is not necessary the situation

with the highest probable outcome or operating criteria.

Energy flows and financial outcomes for this reference point are shown in the figure below.! The

upper part of the figure shows information for the Status Quo case and the lower half presents results for

the Regional Market case.

Hydropower
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Under these conditions, the RMR financial benefits of joining the Mountain West market is

estimated at $0.51 million (top of the figure). These results are primarily driven by the following factors:

e For both the Status Quo and Regional Market cases under the average hydropower

condition, the LAP is energy short on an annual basis by approximately 380 gigawatt-hours

(GWh). Due to this short positon, it purchases more energy to serve loads (¥604 GWh) than it
sells (~225 GWh);

e The Brattle model predicts that the average load-weighted energy price for LAP customer
delivery points will drop under the Regional Market case from approximately 24.01 S/MWh
(Status Quo case) to 23.68 S/MWh (Regional Market case). As a result the average purchase
price is reduced by about 0.58 S/MWh resulting in lower energy purchase outlays of about
$0.35 million%; and,

e Brattle predicts that the average generation-weighted LMP will remain nearly constant under

the Regional Market case (an annual average increase of only $0.02/MWh). In those hours

that LAP energy production is long, however, the average sale price of the excess generation

11 The figure contains a screen capture of one sheet in the Argonne financial spreadsheet. Values displayed within
and between blocks on the left-hand side of the figure are annual summaries. The spreadsheet user can also

display monthly values. Line and bar graphs in the upper right portion of the figure are results for Case A and the
graphs on the lower left are changes that are projected under Case A.
12 Note that the load-weighted LMP price differ from the average purchase price because RMR purchase patterns
differ under this situation differ from customer load patterns.
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increases by $0.70/MWh from $23.4/MWh to $24.1/MWh. This price increase results in a
higher annual sales revenue of $S0.16 under the Regional Market case.

Under dry conditions, the LAP annual net energy short position is about 644 GWh; that is about
70% more than under the aforementioned average hydropower condition. Purchases to cover energy
shortfalls therefore increase significantly. Financial benefits for RMR under the Regional Market case as a
result of cheaper energy prices at load buses is estimated at $0.47 million — slightly less than under the
average hydropower condition. This seemingly counterintuitive result is due to a lower energy cost for
energy purchases (50.49/MWh in the dry hydropower condition versus $0.56 MWh under the average
condition) and a higher average sales price for excess generation — the average is $0.80/MWh.

A wet LAP condition based on actual 2011 generation profiles was also analyzed. This condition
has an annual net long energy position of about 990 GWh with 1,151 GWh of excess energy sales and
energy purchases of only 161 GWh. The financial benefits of RMR joining the centralized RTO market is
estimated at $0.14 million. This is due to a slightly higher average energy sale price of $0.06/MWh under
the Regional Market case relative to the Status Quo case.

The three aforementioned results show that for the CT future, LAP will benefit under wet,
average, and dry hydropower conditions. This may not necessarily be true under all future hydropower
conditions. A more detailed investigation of the results show that there is at least one month of the year
in which the Regional Market case yields a lower financial position than the Status Quo case. It is
therefore not only the annual amount of energy production from the LAP facilities that is of importance,
but also the monthly and hourly production pattern in concert with LMPs that influences the outcome.

In order to provide the reader with more detailed information on the dry and wet hydropower
conditions and other situations analyzed in this report, figures that contain charts and diagrams similar to
the ones above are provided in Attachments A, B, and C.

Loveland Area Projects Results: Mt Elbert Operational Flexibility

The next future analyzed is identical to the one above except that Mt Elbert operations in 2024
under both the Status Quo and Regional Market cases are responsive and optimized to market prices as
scheduled and operated by LAP. Under these conditions the financial benefits for LAP system is estimated
at $1.35 million. That is, by enabling flexibility at Mt. Elbert the financial savings of a centralized market
structure increases by about $0.84 million ($1.35 million versus $0.51 million). Because of higher Mt.
Elbert operational flexibility, the following LAP changes occur relative to the reference point above:

e The LAP system net short energy position on an annual basis increases from 380 GWh to 429
GWh under the Status Quo case and to 442 GWh under the Regional Market case. Note that
due to round-trip energy losses at Mt. Elbert, the net energy short position is higher than the
reference point;
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e Approximately twice the energy purchases are required for increased pumping load (Status
Quo case purchases increase to 324 GWh and Regional Market case purchases increase to
390 MWh) at a savings of $1.10/MWh; and,

e Because of higher water pumping/release activities sales increases by roughly 50 percent to
324 GWh under the Status Quo case and 390 GWh under Regional Market case.

Centralized RTO market savings would increase to $2.71 million if it were assumed that the new
market prompted operational flexibility at Mt. Elbert, but there was no such assumption made under the
current market condition. That is, future operations remained inflexible under the Status Quo case using
the 2011 pump/gen schedule. In addition to much higher pumping/gen activities, the average purchase
price savings would increase by $2.69/MWh and the average sales price would increase by $4.64/MWh.

One note of caution regarding these results. An examination of Brattle results showed that the
projected pumping and generation schedule is very aggressive (and perhaps not technically feasible)
requiring at times multiple operational mode changes per day and average pumping levels in many hours
that is significantly less than the full pumping rate. This type of operations may require significant
upgrades at the plant and/or higher operating and maintenance costs that were not factored into the
analysis.

Loveland Area Projects Results: Transmission Losses

When removing transaction friction and bilateral trade barriers more energy flows on
transmission line to accommodate increased power transactions in the Mountain West footprint. Power
transactions with entities outside of the footprint also tends to increase. The table below shows that
under the Regional Market case, the average power flow on key transmission paths are projected to
increase on average by almost 10 percent. Maximum power transfer rates are also expected to increase.
For example, on TOT3 the maximum simulated power flows projected by Brattle increases from 1,300
MW under the Status Quo case to 1,801 MW under the Regional Market case; that is an increase of
almost 39 percent. Losses under these high flow conditions, especially when ambient temperatures are
high, are expected to be higher than current levels. These potentially higher losses were not accounted
for in the Brattle PSO model.
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Average Path Power Flows** (MW)

Status Regional | Market Flow
Quo Market Increase

Path (Mw) (MW) (%)
TOT 1A 302 357 18.1
TOT 2A 257 300 16.9
TOT 3 922 879 -4.6
TOT4A 203 272 34.2
TOT 4B 432 419 -3.1
TOT5 373 499 33.9
TOT7 176 202 14.7
Average 381 418 9.9

RMR financial cost to cover higher losses, however, may be significant. For example, if LAP losses
used for financial calculations increased by a half of one percent from 4.5 percent to 5.0 percent then
RMR would need to supply an additional 10 GWh of energy to the grid in 2024. The figure below shows
loads plus losses are about 1,997 GWh under the Status Quo case and 2007 GWh under the Regional
Market case. As a result, Regional Market financial benefits would decrease by roughly a quarter of a
million dollars from $0.51 million under the reference situation to about $0.27 million; that is, benefits
would erode by more than 45 percent. If it were assumed that losses would further increase to 5.5
percent, RMR Regional Market case benefits would be nearly erased at only $0.03 million.
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Loveland Area Projects Results: Pay Only MEC

Not all futures show a positive result under the Regional Market case. WAPA at one point was
considering negotiating for a payment structure in which it only payed the MEC for energy short positions
(i.e., MCC and MLC components of the LMP would not be included for firming purchases). This would be
an expansion of a Federal Service Exemption that SPP granted WAPA'’s Upper Great Plains Region. Under

13 Brattle power flows are computed as positive and negative values depending on the direction of the flow. The
average power flow discussed in this report are based on the absolute value of the Brattle power flows.
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the assumption that RMR only pays the energy portion of the LMP to satisfy its net energy short
positions, the Regional Market case typically yields a lower financial position relative to the Status Quo
case.

If the only parameter that changes from the reference point is only paying the MEC for firming
purchases, the Regional Market case results in a higher financial cost of $1.62 million compared to the
Status Quo case. This occurs because both annual load-weighted congestion and losses charges in the
LMP calculation are negative for LAP FES customer deliveries. According to the Brattle simulations, the
average load congestion charge is about $1.04/MWh for congestion and $2.44/MWh for losses. Because
purchases made under negative net positions are much higher under dry hydropower conditions, the
relative financial position, compared to the Status Quo case, is a cost of $2.22 million. On the other hand,
when hydropower conditions are above average, the relative financial losses are a bit lower at $0.61
million.

Under both the reference point and “only pay MEC” for firming purchase situations, total hourly
LMPs are used for both generation and loads under the Status Quo case. The comparative analysis
methodology therefore cancels out these costs. Also under both situations, the generation
weighted energy component of the LMP for power sales during net energy long positions at generator
buses is not affected, canceling out these costs as well. The only factors therefore that are driving the
results are the elimination of congestion and transmission LMP components under the Regional Market
case with the “only pay MEC” assumption for energy purchases under energy short positions at load
buses.

Even in those future situations in which the Regional Market case under the “only pay MEC” for
firming assumption yields a positive financial position relative to the Status Quo case, the financial
position of LAP would be better off (i.e., higher financial position) if RMR pays the total LMP. The main
driver for these results is the location of the LAP system components. Because LAP loads are located in an
area with lower LMP’s, low cost production levels within this area are partially limited (suppressed) by
transmission constraints; therefore, this low cost generation cannot be transported to areas that have
higher marginal production costs driving down local prices. This is indicated by the negative congestion
and losses LMP components. The “only pay MEC” for firming assumption eliminates the benefits of these
lower costs.

From a financial standpoint, congestion is therefore benefitting LAP when using the total LMP for
firming purchases. At the same time, congestion is detrimental to overall system-wide economics.
Eliminating the congestion allows lower cost generation to produce more power while units that are
more expensive are dialed back. As the LMP numbers currently stand, instead of buying/selling for net
short/long quantities, LAP would be better off buying all of its energy to serve load from the market and
selling all of its power production to the market. Note that generation has a higher total LMP than load
LMPs.

The reader should bear in mind however, that Brattle 2024 LMP projections are based on
numerous assumptions that have a direct impact on LMP computed values. If one or more key
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assumptions do not come into fruition, LMP results could potentially be substantially different from the
ones projected by Brattle. For example, if load growth in the areas where LAP customers are located is
much higher than anticipated in the Brattle study while load growth in congested areas is much lower,
then the load-weighted LMP congestion charge could potentially flip from negative to positive. Similarly,
new transmission lines or upgrades may also elevate congestion. It should be noted that the Brattle
model runs grew demands at all buses in a utility service territory by the same growth rate. Realistically,
some buses are anticipated to grow faster than other buses.

Because the Brattle LMP result may not come into fruition with certainty, paying the entire LMP
has some risks. If the congestion were resolved by building more lines, LMPs at LAP customer buses
would be higher because a higher-priced generator that is “outside” of the low-cost area would then set
the LMP. WAPA would pay more money to resolve energy short positions. In a more extreme case, if by
2024 congestion is not resolved and low cost generation were built outside of the customer’s congested
area (e.g., aggressive wind capacity expansion), congestion and losses may reverse congestion LMP signs
from negative to positive and the Federal exemption would benefit LAP. Assumptions regarding where,
when, and how much new capacity is built by technology type may also significantly affect LAP financial
benefits/costs.

Loveland Area Projects Results: Bidding Behavior

The Brattle study uses estimates of unit-level production costs for all resources in the WI as
inputs into the PSO model that simulates power grid operations and computes LMPs under the Regional
Market case. Hurdle rates for external power exchanges with entities outside of the footprint are also
applied in the model. Brattle unit-level production cost estimates for most resources in the WI are based
on generic information; however, Brattle with Mountain West Utility Group member involvement paid
special attention to using more specific data for generating resources and loads within the Mountain
West footprint. Although the specifics of the Mountain West market participation are not yet fully
defined, the underlying principle in the Brattle study is that all utilities offer all of their resources into the
market at production costs under the Regional Market case. In contrast, under the Status Quo case costs
are increased with adders and hurdle rates for transactions within the Mountain West footprint to
represent market bilateral barriers and the willingness to sell or buy at a minimal spread above
production costs.

The production cost assumption is a good starting point for the Regional Market case because, in
theory, under a perfectly competitive marketplace the seller’s financial performance is maximized using a
production-cost offer strategy. In reality, however, RTO markets are not perfect (as is no market) and
market players do not always offer energy at production costs for all of their resources. An October 2016
Federal Energy Regulatory Commission (FERC) staff report entitled “Common Metrics Report” discusses
price-cost mark-ups that compares price-based offers to cost-based offers of marginal units. Low mark-
ups suggest competitive market performance. In general, over a five-year time period from 2010 to 2014,
markets on average showed modest levels of price mark-ups. For example, in 2014, the annual average
mark-up in the Southwest Power Pool (SPP) was just under 5 percent in its first year of operation.
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During this 5-year period, the California Independent System Operator (CAISO) reported a
negative annual average price mark-up in every year ranging from very close to zero in 2012 to negative
4.8 percent in 2014. This result is because the default energy bid in the CAISO market includes a 10
percent mark-up and many resources choose to bid below the default level. Adjusting for the 10 percent
default adder, the CAISO mark-up from actual costs ranged from about 5.2 percent to just under 10.0
percent. Other markets show smaller mark-ups. The Midwest Independent System Operator (MISO) for
example reported mark-ups that were consistently around 1% and the New York Independent System
Operator (NYISO) in some years reported annual average mark-ups that were negative (approximately -
1.5 percent). The FERC report also discusses the percent of time that RTOs and ISOs needed to implement
mitigated price measures, presumably to counter the impact of participant strategic bidding behavior.

Based on information included in the FERC report, simplified sensitivity analyses were performed
for LAP. This project does not intend to project the future behavior of Regional Market participants.
Rather, the intent is to gain a general appreciation of RMR financial impacts if LMPs under the Regional
Market case are either above or below the ones that Brattle computed using the cost-based offer
assumption. The first sensitivity analysis assumed that total LMPs in all hours during 2024 would be 5
percent higher than the ones estimated by Brattle. All other assumptions are identical to the reference
future. Proceeds from higher payments could be made to help offset fixed operation and maintenance
costs (O&M) and/or capital cost payments for power plant construction.

As shown in the graph below, if LMPs were 5 percent higher as a result of bidding behavior, RMR
net financial gain under the Regional Market case would drop from $0.51 million (reference future with
cost-based LMPs) to about $0.11 million. Average purchase prices for RMR energy-short positions would
be $24.86/MWh under the Regional Market case; that is, $0.53/MWh more expensive then Status Quo
case. These higher costs would be somewhat countered by higher revenues from energy-long sales that
benefit from higher LMPs.
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Under dry LAP conditions an increase in LAP energy purchases to cover customer delivery
shortfalls increases significantly resulting in a lower net financial position of $0.25 million under the
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Regional Market case relative to the Status Quo case. The opposite occurs under wet hydropower
conditions during which time LAP would benefit from higher prices — net benefits are estimated to be
$1.26 million higher under the Regional Market case.

A second set of sensitivity analyses were conducted that assumed total LMPs in all hours during
2024 would be 5 percent lower than the ones estimated by Brattle. This bookend is intended to
represent those situations that lead to price-offers that are lower than costs such as that which occurred
in the NYISO. Price-based LMPs are frequently less than cost-based LMPs in situations where power
system operations are relatively inflexible and startup/shutdown costs are expensive (e.g., there is a high
percentage of nuclear and baseload coal). This situation is exacerbated by high penetration rates of
renewable resources, which in some regions frequently drive prices below zero.

If LMPs are lower by 5 percent, the LAP net financial gain from a centralized RTO market would
almost double from $0.51 million to about $0.91 million for the CT future. Under dry LAP conditions an
increase in LAP purchases to cover energy shortfalls improves LAPs net financial position by $1.19 million
under the Regional Market case. The opposite occurs under wet hydropower conditions during which
time LAP would collect less revenues during energy-long hours as a result of lower prices reducing LAP
net revenues by an estimated $0.97 million under the Regional Market case.

A summary of the projected increase in RMR’s financial position as a result of participating in a
Mountain West centralized RTO market is depicted in the graph below. The graph shows that under both
the dry and average hydropower conditions the net financial position of RMR trends downward as a
function higher LMPs. Under both hydropower conditions RMR has a net energy short-positions;
therefore, the lower the LMPs the healthier the RMR financial position. The opposite occurs under a wet
hydropower condition -- the RMR’s financial position improves as prices increase when operating in the
Regional Market case as opposed to the Status Quo case.
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Sensitivity Runs

In addition to the analyses performed above many other situations were analyzed. The table
below shows the bottom-line financial results of all model runs made for the LAP systems for all three
futures. More financial details associated with each situation are provided in the report for the Status
Quo, High Gas, and Market Stress futures in Attachments A, B, and C, respectively. Note that figures in
the attachment are associated with each line in the table below via the Run ID and by future. Excluding

the Brattle Benchmark (Run ID 19) that is technically incorrect but included in this analysis for
benchmarking purposes, financial net benefits under the Regional Market case range from a gain of $6.06

million (Run ID 28) to a loss of $7.94 million (Run ID 14).

Regional Market Price Benefits ($1,000)

Hydropower Mt. Elbert MWTG Only Pay Bid Adj | Current High Gas Market
Run ID|Condition Flex Losses MEC Factor | Trends Price Stress
19|Ave/Dry for MS Full Brattle Loads No 1.000 1,479 2,159 2,235 |Brattle Benchmark
16|Average None 5.00% No 1.000 271 (201) (376) Higher w
17|Dry None 5.00% No 1.000 232 (426) (520)] Transmission o
18 wet None 5.00% _ No 1.000 (93) 1,501 904 Losses 3
13|Average None 4.50% Yes 1.000 (1,618) (6,099) (4,571) g
14|ory None 450%  Yes 1.000 (2,223) (7,935) (5,931)| PayOnly MEC B
15| wet None 4.50%  Yes 1.000 (609) (18) (10) =
7|Dry None 4.50% No 0.950 1,189 1,135 1,206 I -+
Offer Sensitivity: m
2|Dry None 4.50% No 1.000 470 (26) (88) Dry Hydro &
6|Dry None 4.50% No 1.050 (249)  (1,188)  (1,383) )
5|Average None 4.50% No 0.950 909 825 770 . +
Offer Sensitivity: (@]
1-Ref Pnt |Ave/Dry for MS  None 4.50% No 1.000 509 198 56 Ave Hydro k<]
4] Average None 4.50% No 1.050 109 (429) (659) g
0, -+
9| Wet None 4.50% No 0.950 (972) 29 (702) Offer Sensitivity: s
3|Wet None 4.50% No 1.000 144 1,896 1,332 S
Wet Hydro ©n
8| Wet None 4.50% No 1.050 1,260 3,762 3,365
29|Dry Full 4.50% No 0.950 2,046 2,828 3,178
)0,
30| Dry Full 4.50% No 0.975 1,730 2,416 2,701 Offer Sensitivity: -
11)Dry Full 4.50% No 1.000 1,414 2,003 2,225 Drv Hvdro c
31| Dry Full 4.50% No 1.025 1,098 1,591 1,749 vy <=
32| Dry Full 4.50% No 1.050 782 1,178 1,273 (@)
20|Average Full 4.50% No 0.950 1,671 2,553 2,516 _8 -g..
0,
22|Average Full 4.50% No 0.975 1,526 2,418 2,320 Offer Sensitivity: 2 3
10]Average Full 4.50% No 1.000 1,381 2,283 2,124 Q N
Average Hydro & 0
23|Average Full 4.50% No 1.025 1,237 2,147 1,928 o
24]Average Full 4.50% No 1.050 1,092 2,012 1,732 a s
25| Wet Full 4.50% No 0.950 (209) 1,594 976 m
26| Wet Full 4.50% No 0.975 405 2,709 2,157 Offer Sensitivity: g
12| Wet Full 4.50% No 1.000 1,020 3,824 3,338 Wet Hvdro Vi -+
27|Wet Full 4.50% No 1.025 1,634 4,940 4,519 v
28| Wet Full 4.50% No 1.050 2,248 6,055 5,700
21|Average A Hist/C Full 4.50% No 1.000 2,825 7,485 6,619 |High Bookend Mt Albert

The highest benefit occurs under when LMPs are high due to the high natural gas prices and a
1.05 price multiplier in combination with wet hydropower conditions and operational flexibility at Mt.
Elbert. This allows RMR to sell excess LAP energy at a high price while minimizing energy purchases to
serve FES load. At the other end of the spectrum, LAP would experience a lowest financial position if it
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only pays the MEC for energy short positions under dry hydropower conditions and has no operational
flexibility at Mt Elbert in the HG future.

These same results are also depicted in the graph below. Results shown in graph are sorted from
lowest benefit to highest benefit under the CT future (bars). The color of the bars convey the
hydropower condition whereby light blue is the dry hydropower condition and dark blue depict wet
conditions. Bars that contain rows of hash marks are for situations that assume there is no operational
flexibility at Mt. Elbert. Outlines of the bars show model results when LMP multiplier were applied in the
analysis. Yellow and red outlines are for multipliers of 1.025 and 1.050, respectively, and gray and black
outlines are for multipliers of 0.975 and 0.95, respectively. Bars with dark interior shading (Run IDs 13,
14, and 15) represent situations in which RMR pays only the MEC at FES load buses for energy short
positions. Lastly, a red shadow (Run IDs 16, 17, and 18) represent situations that assume higher
transmission losses of 5.0 percent compared to all other runs that assume a 4.5 percent transmission
loss.
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The figures below show the relationship between LMP multipliers and financial benefits of a
centralized RTO market under a range of hydropower conditions and futures. It also shows the additional
benefits that could potentially be achieved with high operational flexibility at Mt. Elbert.
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HG: Dry Hydrology —— Mt Elbert Optimized ——Historical Mt Elbert Operations
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MS: Dry Hydrology —— Mt Elbert Optimized Historical Mt Elbert Operations
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After LAP model runs had been completed and the second draft of this report had been written,
inaccuracies were discovered in the basic methodology that Brattle used and Argonne followed to
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compute LAP and CRSP Regional Market financial impacts. Argonne with guidance from LAP staff
therefore made improvements to the LAP Financial spreadsheet in order to estimate the effect of these
improvements on model results for the Current Trends future. As shown in more detail in Attachment D,
general trends between the two model results and the financial benefit ranking of model runs are very
similar. Based on this comparison, LAP staff concluded that differences between the revised results and
those described above are not large enough to warrant a rewrite of LAP results, but were significant
enough to merit mentioning and documenting with the attachment. Because CRSP model results were
not yet documented when modeling improvements were identified, CRSP results presented in the main
body of this report reflect the improved methodology.

LAP Capacity Utilization and Ancillary Service at Yellowtail

The Brattle methodology assumes that operations at all LAP hydropower plants other than Mt. Elbert
are assumed identical under both the Status Quo and Regional Market cases. This assumption does not
allow LAP hydropower plants to utilize capacity that would no longer be needed to provide the Western
Area Colorado-Missouri (WACM) balancing authority area (BAA) with ancillary services under Regional
Market cases. To estimate the additional LAP financial benefits associated with this “freed-up” capacity,
LAP schedulers created two hourly generation profiles under identical average hydropower conditions.
The first schedule assumed that the Yellowtail Powerplant would provide all BAA ancillary services. In the
second schedule, no ancillary services were required at the Yellowtail Powerplant. The assumption that
all ancillary services would be provided by Yellowtail under the Status Quo case is a modeling
simplification. The error associated with this simplification was judged to be small because historically
most of the time all ancillary services have been carried at Yellowtail. The only other LAP powerplant that
is occasionally called upon to provide ancillary services is Mt. Elbert.

Because the simulation year is 2024, it is assumed that Yellowtail rewinds/upgrades would be
completed by that year increasing the powerplant capacity by about 10 MW. These plant improvements
were assumed to occur under both with and without ancillary services cases. The difference in the
computed revenues under the two generation schedules provides a rough approximation of LAP financial
gains associated with freed-up ancillary service capacity under the Regional Market Case.

Schedules created by LAP experts were primarily driven by LMP vectors at Yellowtail as projected by
Brattle for the Regional Market Case under the Current Trends future. Schedules not only included
generation production but also hourly water release schedules. Under the Status Quo Case special
attention was paid to not only reserving sufficient capacity for serving ancillary services, but also for
ensuring that both reservoir and afterbay operational criteria would not be violated in the event that
spinning reserves would need to be deployed. Water releases were identical under both cases; however,
generation levels differed because scheduling points affect the operational efficiency of powerplant
operations. In additional, water is sometimes spilled at Yellowtail in order to provide ancillary services.

Based on current day-ahead market scheduling practices, typically hourly Yellowtail
release/generation profiles were created for a typical week each month under both cases for a total of 24
weekly profiles. Profiles were produced using current scheduling spreadsheet tools. Given these
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generation profiles, Argonne staff calculated financial savings for LAP using Brattle LMP projections at
Yellowtail under the Current Trends future. Weekly financial results were scaled to monthly values taking
into account the number of day types (i.e., Sat, Sun, Mon, etc.) that will occur in the year 2024. Holidays
however were not considered in either the creation of weekly Yellowtail schedules or financial
calculations because it would have resulted in inconsistent water release quantities between the two
cases.

Monthly results are shown in the table below. Note that about 63% of the annual savings is
projected to occur in the month of June. During this month, water releases are at a high point and the
powerplant is either fully or nearly fully utilized much of the time. This leaves little available capacity to
provide ancillary services if all water releases produce energy. Generation schedules must therefore be
dialed back by releasing some water through the plants bypass tubes in order to have adequate
generating capacity to provide regulation-up services and if needed to deploy spinning reserves. The June
savings is therefore primarily due the elimination of non-power water releases under the without
ancillary services (Without AS) case. Note that the lower table shows that about 41.1 GWh more energy
is produced under the without ancillary services case.

Financial Value ($1,000
With AS Without AS Change

Jan 1,415 1,476 61
Feb 1,321 1,400 79
Mar 1,477 1,609 133
Apr 1,673 1,734 61
May 2,340 2,381 a1
Jun 3,170 4,073 904
Jul 3,048 3,107 59
Aug 2,083 2,089 6
Sep 1,779 1,789 10
Oct 1,413 1,456 a2
Nov 1,547 1,567 20
Dec 1,388 1,399 11
Annual 22,653 24,080 1,427

Generation (GWh)
With AS Without AS Change

Jan 54.2 54.4 0.2
Feb 50.0 50.2 0.2
Mar 60.9 60.6 -0.44
Apr 76.3 76.5 0.1
May 116.6 116.8 0.2
Jun 151.2 192.7 41.5]
Jul 122.2 122.4 0.2
Aug 77.0 76.1 -1.0
Sep 62.5 62.5 0.0
Oct 53.5 53.5 0.0,
Nov 60.7 60.6 0.0,
Dec 48.7 48.7 0.1
Annual 933.7 974.9 41.1
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Colorado River Storage Project Financial Results

Argonne estimated CRSP financial impacts for three major business processes conducted by the
CRSP EMMO located in Montrose, Colorado. These business processes include (1) SLCA/IP hydropower
plant generation scheduling/operations, (2) the Salt River Project (SRP) interchange and (3) existing
(a.k.a, grandfathered) transmission agreements. Results of these analyses as driven by SLCA/IP
hydrological conditions and market prices are provided below.

CRSS Model Traces and AHP Offers

The financial impacts of the Regional Market case relative to the current bilateral market
structure are highly influenced by hydrological conditions. CRSP financial estimates were therefore
computed for all 105 hydrological traces projected by the CRSS model for the year 2024. These traces
display a wide-range of potential outcome in terms of both the amount of water stored in the large
SLCA/IP reservoirs as reflected in forebay elevations and dam monthly water release volumes. For
example, the graph below shows CRSS monthly water release projection statistics for the Glen Canyon
Dam. During the month of August, water release volumes are projected to vary by more than a factor of
six. The smallest water release among all 105 traces is 603 thousand-acre-feet (TAF) and the highest
release is 3,658 TAF; that is, an August water release volume range of 3,055 TAF. In contrast, the range of
projected CRSS monthly water release volumes in December is 650 TAF. It ranges from a low of 600 TAF
to a high of 1,250 TAF; that is, by a factor of slightly more than two. It should also be noted that on
average Glen Canyon Dam monthly water releases are the highest during the peak summer months of
July and August.

Glen Canyon Water Release Statistics for 2024
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Reservoir forebay elevations are also projected to vary by trace and month. The figure below
shows that the Glen Canyon Dam forebay elevation (a.k.a, Lake Powell water elevation) is projected to
vary between 3,467 ft to 3,700 ft; that is a range about 233 ft. The forebay elevation affects the power
conversion efficiency of the plant such that a higher reservoir elevation translates into more energy
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produced per AF of water released through powerplant turbines as compared to a lower elevation. The
reservoir elevation also effects that capacity of the power plant. In a few extreme instances the CRSS
water elevation in Lake Powell is projected to dip below the minimum Glen Canyon Dam power pool
level. When this occurs the powerplant produces no energy and has zero capacity.

Glen Canyon Forebay Elevation Statistics for 2024
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The Glen Canyon Dam accounts for about 80 percent of the total SLCA/IP hydropower resource.
CRSS summary statistics for larger SLCA/IP hydropower plants that include Fontenelle, Flaming Gorge,
Blue Mesa, Morrow Point, and Crystal are provided in Attachment E.

Under all hydrological traces, it is expected that the forebay elevation at all five of these
powerplants will be above the minimum power pool level during calendar year 2024. Smaller SLCA/IP
hydropower power plants are not included in the CRSS model. Future 2024 operations of these small
hydropower plants are based on historical operations as recorded on form PO&M-59.

As explained previously in the CRSP methodology section, under many of the hydrological futures
projected by CRSS, the CRSP Office will have excess SLCA/IP capacity and/or energy above SHP contract
levels that, at its discretion, may be offered to its FES customers as seasonal AHP. These offers impact FES
hourly firm loads that are input into the GTMax Superlite model and, therefore, computations of CRSP
financial positions. The table below shows the monthly amount of AHP that will be offered to FES
customers as a percentage of SHP. Note that table values are color coded such that the larger offers have
a darker red shading. Note that the table spans an 18-month period over three water seasons between
calendar months October 2023 and April 2025. This is 6 months longer than the analysis period (i.e.,
calendar year 2024). The longer analysis period is necessary because AHP is offered on a seasonal basis. It
was therefore necessary to analyze all water-year seasons that affect calendar year 2024.

‘III Western Area Power Administration 40



Winter YR2025

Feb Mar

Jan

0000000000000 00000000000000000000000000000000000000000000000000000000R0ON00000000000000000000000000000§00

0 000000 O OO0y 0000000000000 00000000000000000000000000000000C00000000000KOTOO0000000000000000000000000000WVWO0

000000 OXO0ONO0000000000000000000000000000000000000000000000000000000RO0Y00000000000000000000000000000T00

Nov Dec

Oct

CCc 000 OoMoONO0OOMOPKOOOO0000000000000000000000000000000000000000000000000000”-00000000000000000000000000000000

C O 00O 00ROy OO0 g0 0000000000000 00000000000000000000000000000000000000000HONCOO00000000000000000000000000mMO0O

© 0 OO0 OCO0 0000 NOROO0000000000000000000000000000000000000000000000000000BO08B00000000000000000000000000000F00

Summer WY2024

May Jun Jul Aug Sep

Apr

89
10
55

BB RN OO OO0 0O0O00OMMOOOORN YOS O000000000000000000000000000000
ShgagN S -

45
107|
107|

97|
107|

37

79
70
79
79

0
79
79
79
79
79
79
79

Q000000000000 HNOOOONQONOOOOO0OO0000000000000000000000CONNNNTOOO0O00O0O0COMAINOOOOOO0OO0O0O0OOCCONOCDDD
) ©o« ~No o~ AR~~~ N~ NN

71
47
51
75

78
20
78
78
44
78

0 0
N~

19
27

< ®
N~

78

TO00000000000OYMOOOONWVO OO0 000000000000000000000000000NNNNVWOOOOOOOOO
~ NN NN~ o NRNNNS

33
9
44
0
0
0
0
0
0
0
0
0
0
0
0
0
0
78

18

82
98
52
98

WNVO YOI REPMNOOO000000000NLO000ON0OQO00000000000000000000000000000O0NNVRRPO OO0 OO0 OO X
PDORTAMOODN N o @ 3 O 0O e}

o1

0
0
0
0
0
0
0
0
0
12
17
23
0
0
0
0
0
0
0
0
0
0
0
0
0
0
48
0
44
75
0

Winter WY2024

Feb Mar

Jan

C o 0O gOoOORQRO000O0O0ONO000000000000000000000000000000000000000000000000000000PIOMNMOOO0000000000000000000000000000

© 0 OO CONOC0000 KOO0 0000000000000000000000000000000000000000000000000000FINOLYO000000000000000000000000000000

C 000 OO0 KOO0 00ORO000000000000000000000000000000000000000000000000000000MANOO0000000000000000000000000000000

Nov Dec

Oct

C O 000 00O 00000mNMO000000000000000000000000000000000000000000000000000000—T0O0ORMOO00000000000000000000000000000

C O OO MOO OO0 000R00000000000000000000000000000000000000000000000000000000YTORN0000000000000000000000000000000

0000 0O NOC000OINOO0O00O000000000000000000000000000000000000000000000000000-HPORNO000000000000000000000000000000

Trace

oM
R R S L E R EEEEEERRREEERERERREEEEREEE R P RE SRR R R R RS S SIS E- 3-SR R R R 1

41

istration

Western Area Power Admin




During months that have a value of zero in the table all customers are only offered SHP capacity
and energy. This situation occurs most of the time. A value of 100 percent however translates into a
doubling of the amount of offered energy and capacity that FES customers are offered; that is, twice the
SHP level. It is assumed that all capacity and energy offered by the CRSP Office will be accepted by FES
customers.

These same percentages in the table are used to scale typical FES loads. The figure below shows
hourly load scaling for CRSS trace number 6 during the month of June 2024. The yellow line shows total
CRSP loads under drier hydropower conditions (i.e., zero table entries for June) that include both SHP FES
loads and project use loads. Using a scaler of about 85 percent, the highest scaled FES customer load is
1,217.8 MW. This level is equal to the summer CROD. The total load however is somewhat larger because
it also includes project use loads.

| SHP Unscaled Total Loads (MW) —Total Scaled Loads (MW) ===CROD (MW) ------Scaled FES Loads (MW) |
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The amount of AHP energy offered to FES customers and the associated load scalers are identical
under both the Status Quo and Regional Market cases. This situation arises because the AHP offer
guidelines for modeling purposes only include rules related to hydrological/power conditions. Offers are
therefore driven by natural hydrological conditions that do not change as a function of the market
structure that CRSP operates in.

Current Trends Future: Changes in CRSP LMPs under the Regional Market case

Brattle modeling assumptions under the Regional Market case reduce energy transaction costs
and relax maximum transmission flow constraints. This results in lower WI production costs, effects
LMPs, and impacts CRSP finances. The graph below shows projected average annual total LMPs that the
CRSP Office would be exposed to under the Current Trends future for the Status Quo and Regional
Market cases in 2024. As described in the CRSP methodology section, under the Status Quo case all
energy purchase and sales transactions are made at the Palo Verde LMP. On the other hand, financial
calculations under the Regional Market case are based on the load-weighted average load LMP for
energy purchases and on generator-weighted average LMPs for energy sales.
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In general, when CRSP is energy long the Status Quo case yields a more favorable financial
outcome because excess energy sales above loads are sold at a higher price. Note that the Status Quo
Palo Verde price is $28.72/MWh as compared to Regional Market LMPs at major SLCA/IP hydropower
resource that on average ranges from $24.29/MWh to $25.43/MWh?*. The opposite occurs when CRSP is
energy short because the load-weighted average LMP under the Regional Market case is $24.29/MWh
compared to the Status Quo Palo Verde price of $28.72/MWh. This comparison is overly simplistic
because, as modeled, purchases and sales are not made using annual prices, but are based on prices that
vary hourly. A more detailed look at LMPs and LMP components is therefore necessary.

30
29
28

27 Regional Market Case Prices

A

' 4

Palo Verde Glen Canyon  Aspinall Cascade Flaming Gorge/ Load-Weigheted
(Status Quo) Fontenalle Average

26

25

2

5

2

Average Annual Total LMP ($/MWh)

22

The graph below shows that average monthly LMPs for Palo Verde under the Status Quo case are
always higher than both Regional Market generator-bus and load LMPs, but the price difference is not
consistent. For example, the price difference between Palo Verde and the load-weighted average ranges
from a low of $2.40/MWh during June to high of $5.66/MWh during September. The price difference is
also relatively high during August, November, and December with differences of $5.41/MWh,
$5.53/MWh, and $5.52/MWh, respectively. This is an indication that the Regional Market case may yield
significantly more favorable financial outcomes in some months relative to others when CRSP is in an
energy-short position. For energy sales, the LMP difference between cases indicates that higher financial
gains under the Status Quo case may also vary by month. The prices spread between the Status Quo sales

4 Brattle LMPs for Flaming Gorge and Fontenelle are identical. Monthly average LMPs at the Aspinall hydropower
plants however vary within 1 to 4 cents per MWh.
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price and the Regional Market LMP at Glen Canyon ranges from $1.16/MWh during June to $4.19/MWh
during September.
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Under a Regional Market, LMPs are comprised of three components: energy, congestion, and
losses. The figure below shows average monthly LMP components for Glen Canyon Dam (sales point)
and for loads (purchase point). The graph shows that, on average, monthly energy prices are identical
under the Regional Market case. In fact because both are located within the MWTG footprint, energy
prices are identical during all hours of the 2024 study period. Only the congestion and loss components
therefore vary by location. The bar chart also shows that, in general, the loss and congestion components
for both are almost always negative, with larger negative values for the load-weighted average. These
two components explain the difference between the blue line (Glen Canyon) and the black line (load-
weighted average) in the above graph. Note that the scale in the graph above exaggerates difference
relative to the bar chart.
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Drilling-down deeper into LMP details provides more insights into the financial impacts of the
regional market on the CRSP Office. The figure below shows monthly daily averages for Palo Verde
(Status Quo purchase and sale prices), load-weighted average (Regional Market purchase price), and Glen
Canyon (key Regional Market sales price). As previously mentioned, if possible, CSRP EMMO marketers
sell energy during on-peak hours when prices are the highest under long energy positions and buy energy
during off-peak hours when energy prices are relatively low to cover short positions.

Given the assumption that marketers “buy low and sell high”, the red lines in the graph represent
prices for on-peak energy sales under the two cases. The solid red line is the average of the daily
maximum LMPs at Palo Verde over each monthly period under the Status Quo case. The red dotted line is
the average daily maximum price at Glen Canyon under the Regional Market case. Based on these data,
when the CRSP Office has excess on-peak energy to sell it receives a significantly higher bilateral price at
Palo Verde than the Regional Market price at Glen Canyon. Note that during most months, LMPs at
SLCA/IP hydropower facilities are on average lower than Glen Canyon LMPs. This further exacerbates
financial losses from lower on-peak energy sales revenues under the Regional Market case.

In general, LMPs under the Regional Market case are also less favorable when CRSP buys energy
to cover short positions. The blue lines in the graph shows that on average LMP minimums at Palo Verde
under the Regional Market case (dotted line) are either approximately the same or slightly higher
(approximately $1/MWh to $2/MWh) than the Status Quo case. This in an indication that energy costs
under the Regional Market case will be more expensive.
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Status Quo operations place a priority on the load-following objective reducing financial gain. In
this study, penalties that total $55/MWh adjust purchase and sales prices in the GTMax Superlite
objective function to lower hydropower arbitrage activities; that is, purchases during one hour will not be
made to increase market sales in another hour unless the objective function is increased more than
$55/MWh. In contrast, SLCA/IP resources under the Regional Market case maximize revenues through
price-following and hydropower arbitrage activities. These activities will help offset financial losses
resulting from lower on-peak market price projections under the Regional Market case that are in general
less favorable than Status Quo prices. The figure below shows wide price spreads between daily average
minimum and maximum prices. This spread presents an opportunity for CRSP EMMO schedulers to
reduce SLCA/IP hydropower generation to minimum allowable levels during hours with low load-
weighted average LMPs and ramp up generation when generator LMPs are at a maximum. When using
the price-following strategy, loads and resource imbalances would be settled by the Regional Market.

Restrictions on SLCA/IP hydropower plants operations, however, will limit hydropower shifting
under the Regional Market. Except for the Upper and Lower Molina powerplants, all small SLCA/IP
hydropower plants operate at a constant output level (flat-flow resources). The Fontenelle and Crystal
powerplants are also flat-flow resources. Flexibility at the cascaded Molina plants is limited. These plants
operate in tandem with output that is either at zero or at maximum. In addition, Molina plants only start
and stop once each day. Operations at Flaming Gorge changes hourly, but as discussed previously, are
restricted by Jensen gauge limits. Because it must operate with the same hourly release pattern each
day, Flaming Gorge operations cannot follow evolving hourly and daily LMP patterns. Operations at the
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Glen Canyon are highly constrained by hourly up-ramp and down-ramp rate restrictions. It must also
comply with minimum and maximum hourly flow constraints and daily change constraints. The Blue
Mesa and Morrow Point powerplants have the most flexibility for taking advantage of LMP patterns.
Morrow Point operations are however sometimes restricted by reservoir operating constraints in the
downstream Crystal reservoir.
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The ability for CRSP schedulers to take advantage of market opportunities under both Status Quo
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and Regional Market cases is dependent on many complex and intertwined factors, much of which are a
function of hydrological conditions. For example, if SLCA/IP hydropower are capacity short due to low
reservoir elevations, schedulers may need to purchase energy during on-peak hours when prices are
high. This differs from the condition discussed above in which purchase are made when prices are
relatively inexpensive. At another extreme, under high hydropower conditions, these is almost no
operational flexibility under either of the market cases. The GTMax Superlite model was therefore used
to optimize SLCA/IP operations throughout 2024 under 105 CRSS hydrological conditions.

Colorado River Storage Project Financial Dispatch Results for the Current Trends Case

The GTMax Superlite model was used to simulate SLCA/IP hydropower operations for all 105
CRSS hydrology projections during the 2024 study period. For the Current Trends future both market
cases were optimized by GTMax Superlite. The graph below shows 2024 annual comparative results in
the form of a probability exceedance curve. Comparative results are computed by subtracting Status Quo
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annual financial results from Regional Market financial results. The zero exceedance level shows the CRSS
trace that produced the highest estimated financial benefit if the CRSP Office joined the Regional Market.
This annual benefit of approximately $10.9 million is never exceeded. At the other extreme, the 1.0
exceedance level shows a negative benefit (i.e., loss) of $9.2 million. CRSP Office financial outcomes are
projected to always be better than the 1.0 level. At an exceedance level of approximately 37 percent, the
Regional Market and Status Quo cases yield identical results. Exceedance levels less than 37 percent
result in a better CRSP financial outcome while exceedance levels greater than 37 percent show a
comparative financial loss under the Regional Market case; that is, it has a worse financial outcome
relative to the Status Quo case 63 percent of the time. At the 50 percent exceedance level (i.e., median
value), the Regional Market case shows an annual loss of $1.55 million and on average over all 105 traces

the expected loss in $0.74 million.
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As previously discussed, one of the primary drivers that influences financial outcomes is the CRSP
energy long or short position. This position is tightly coupled with hydrological conditions and resultant
SLCA/IP energy production. The graph below shows comparative CSRP financial results under the
Regional Market case as it relates to annual total SLCA/IP hydropower production. When annual
generation is below approximately 5.2 terawatt (TWh) the Regional Market case has higher financial
outcomes relative to the Status Quo case. Under higher hydropower conditions, it yields a lower financial
outcome. The 5.2 TWh breakeven point is roughly equal to FES customer energy obligations plus project

use load.
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Financial exceedance curves vary significantly throughout the year. Under the Regional Market
case, the winter months of November through February typically have higher financial results compared
to the summer months. The graph below shows the probability exceedance curves for December and
August. In December, the Regional Market case has a higher financial outcome about 77 percent of the
time with an average gain of approximately $285 thousand. This gain is largely offset by losses in August
which are on average $266 thousand. In August, the Regional Market case shows a positive financial
benefit about 18 percent of the time.

Similar to the annual results, the impacts of Regional Market case on CRSP financial outcomes is
closely correlated to SLCA/IP hydropower production. In addition, the breakeven point is roughly equal to
CRSP long-term FES customer energy plus project use energy delivery obligations. In December, the two
instances when SLCA/IP hydropower production is abnormally low occurs when the Lake Powell
Reservoir elevation is below the minimum power pool. These two instances are also associated with
highest positive financial benefits under the Regional Market case when large energy purchases are made
at lower prices relative to Status Quo case prices.

During August, there are many instances when Regional Market benefits that are slightly under
the zero savings line. This occurs when excess SLCA/IP hydropower energy production is offered as AHP.
Note that these instances are above 568 GWh because AHP rules that require SLCA/IP seasonal energy
production to be at least 20 percent higher than the SHP level before the CRSP Office makes Seasonal
offers. Because energy offers are essentially capped by the summer CROD limit at very high power
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production levels (above 980 GWh = 1.318 GW*31 days*24 hr/day) SLCA/IP hydropower production
exceeds AHP levels. Under the Regional Market case this excess is sold at a lower LMP.

There are several instances during August that do not fit the pattern resulting in a comparatively

lower financial result. This occurs when there is above average energy production in August but seasonal
energy does not meet the 20 percent AHP offer criteria. Excess SLCA/IP energy production during August

is therefore sold at lower Regional Market case prices.
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The figure below shows total monthly energy flows and average LMPs for trace 15 during
December 2024. The Status Quo case is summarized in the upper half of the figure and Regional Market
cases is shown in the lower half. For this CRSS trace, SLCA/IP monthly generation is 626.1 GWh under
both market cases. Also under both cases, CSRP loads are identical and all of the excess SLCA/IP energy
totaling 121.1 GWh is sold as AHP to CRSP FES customers. Under the Status Quo case of the 626.1 GWh
of energy production only 599.2 GWh of energy was sold. This difference between these two numbers is
due to transmission losses that are incurred to deliver power to CRSP load and for losses to deliver
energy to the market. Although energy production is identical under both market cases note that
Regional Market case energy deliveries are somewhat higher at 601.9 GWh. Under this case, energy
losses are incurred for energy deliveries to the CRSP load, however, there are no losses for market sales
because energy is sold at the point of production. Also note that energy deliveries to CRSP load is
somewhat lower under the Regional Market case further reducing transmission losses.
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Although on a monthly basis CRSP loads and SLCA/IP hydropower generation are nearly
balanced, because of environmental operating criteria there are high minimum generation levels that
exceed loads during the nighttime. This “forces” off-peak energy sales (long-position) when prices are
typically low. It also causes energy short positions during on-peak hours because monthly production and
CRSP loads are nearly identical. All of the forced off-peak energy sales must therefore be replaced by
purchases during higher priced hours to balance on-peak supply and demand.

There were also a few peak price hours when CRSP energy was sold to the market under the
Status Quo case. Although these on-peak energy sales could have been used to serve CRSP loads, it
would have been very costly; i.e., above the load following cost threshold. The modeling of the load
following objective however reduces these discretionary energy market transactions. Note that the
Regional Market case, which is solely driven by prices, has significantly higher energy transactions.

The net financial implication of the Regional Market case relative to the Status Quo case is a loss
of approximately $0.326 million for CRSS trace 15 during August. This occurs because the average
purchase price of $20.37/MWh under the Status Quo case is less expensive than the price of
$22.05/MWh under the Regional Market case. The average energy sales price is also higher under the
Status Quo case; i.e., $38.15/MWh versus $31.0/MWh. Although energy transactions under the
Regional Market are higher, the larger volume is insufficient to eliminate the impacts of the price spread
between purchase and sales; that is, $17.78/MWh under the Status Quo case versus $9.01/MWh under
the Regional Market case. This result is also consistent with previous figures that show the Regional
Market case typically has a lower CRSP financial outcome under high SLCA/IP hydropower conditions.

[Trace15) MWTG Benefit -325.7 (51,000)

Status Quo CRSP Load 604.4 GWh Delivered

Generation w/o loss . Delivered 545.5 GWh 58.9 GWh IS8 Ta A (:117]
| 58.9 GWh

626.1 GWh I
Net Long Position| DI N Net Long (Sales)
-5 GWh 599.2 GWh [l pelivered 53.7 GWh 53.7 GWh
Transaction ($1,000)

Simple Ave Sales Price ($/MWh) 3192 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWh) 31.92
Wt Ave Sales Price ($/MWh) 38.15 Sell  2,048.4 2,054.7 -40.0 337|  WtAve Purchase Price ($/MWh)  20.37
Energy 38.27 Buy 1,200.2 1,353.8 -99.7 -54.0| Energy 22.97
Congestion -0.75 Netincome| 8483 700.9 59.6 87.7 Congestion  -1.69
Losses 0.63 Losses -0.92

Net Revenue 848 ($1,000)

Regional Market CRSP Load 604.4 GWh Delivered
Generation w/o loss Delivered 537.9 GWh 66.5 GWh L& Llad(:17]
<4 66.5 GWh

626.1 GWh I
Net Long Position| [s[WEELRETE N Net Long (Sales
-2 GWh 601.9 GWh [[ pelivered 64.1 GWh 64.1 GWh
Transaction ($1,000)
Simple Ave Sales Price (3/MWh) 26.96 -4.95 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWHh) 26.48 -5.44
Wt Ave Sales Price ($/MWh) 3106 -7.09 Sell  1,989.7 2,237.0 -147.1  -100.2|  WtAve Purchase Price ($/MWh)  22.05 1.68
Energy 34.92 Buy 1,467.2 1,641.6 -86.7 -87.7] Energy 24.67
Congestion -2.30 Net Inwmel 522.5 595.4 -60.4 -12.5| Congestion -1.30
Losses -1.56 Losses -1.32

Net Revenue 523 ($1,000)
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On the other hand, the Regional Market case has a higher CRSP financial outcome under low
SLCA/IP hydropower conditions. The following two figures show December results for traces 5 and 52,
respectively. Trace 5 has a monthly net short position of about 98 GWh and Trace 52 has a net short
position of approximately 185 GWh. Because energy is short, purchases far exceed sales resulting in
negative net revenue under all situations. Consistent with previous discussions, however, the lower the
SLCA/IP hydropower output the higher the relative positive financial outcome of the Regional Market
case; that is, net financial losses are lower under the Regional Market case. For example, under Trace 5
losses are $2.625 million under the Status Quo case but only $2.389 million under the Regional Market
case; that is, a savings of $0.236 million. This savings is largely driven by a lower energy purchase price;
that is, $27.38/MWh under the Status Quo case versus $25.04/MWh under the Regional Market case for
a savings of $2.34/MWh. Note that although the monthly energy balance is short, there is a small
amount of energy sales under both cases. Similar to the trace 15 result, this outcome is again the result
of forced energy sales during the nighttime largely due to environmental operating criteria.

Under trace 52, hydropower conditions are significantly lower than trace 5. As required under
CRSP long-term firm contracts, however, both the SHP and project use loads remain the same while the
monthly energy short position increases to 185 GWh. Under both cases, all of the SLCA/IP energy
production serves CRSP loads with no energy market sales. Note that because there are no sales to the
market, transmission energy losses under both cases are identical because both assume loss rates of
4.5% for deliveries to CRSP load. The large energy-short position further increases CRSP financial losses
under trace 52 relative to trace 5 while savings under the Regional Market case increase to $0.770
million. This is attributed to lower purchase costs which are $2.41/MWh cheaper under the Regional
Market case compared to the Status Quo case. However, average purchase prices under trace 52 are
more expensive than trace 5. For example, under the Status Quo case, it increased from $27.38/MWh
under trace 5 to $30.44/MWh under trace 52; that is $3.06/MWHh higher. Albeit a smaller increase, prices
are $1.23/MWh higher under trace 52 under the Regional Market case. This occurs because purchase are
first made during hours that have the lowest price. As purchase quantities increase, it often becomes
necessary to purchase energy during hours that are more expensive.
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Trace5 | MWTG Benefit 236.2

($1,000)

CRSP Load 483.2 GWh Delivered
Generation w/o loss Delivered 380.2 GWh 103.1 GWhJLTE8: s & (=171
YT — <4 103.1 GWh

Net Long Po Delivered Energy . Net Long (Sales)
385.7 Gwh  |||[IPE 5.5 GWh p 5.5 GWh
Transaction ($1,000) ¥
Simple Ave Sales Price {$/MWh) 3192 Total Energy Congest  Losses Simple Ave Purchase Price (5/MWh) 31.92
Wt Ave Sales Price ($/MWh) 3577 sell 197.4) 195.1 -2.0 33|  WtAve Purchase Price ($/MWh)  27.38
Energy 3553 Buy 2,822.1) 3,101.5 -235.0 -44,5] Energy 30.09
Congestion -0.35 Net Income | -2,624.7) -2,905.5 233.0 47.8 Congestion -2.28
Losses 0.60 Losses -0.43
r
Net Revenue -2,625 (51,000)

CRSP Load 483.2 GWh Delivered

105.6 GWhWES\Ulad (11
Y| 1056 Gwh

Regional Market

Generation w/o loss Delivered 377.7 GWh

403.0 GWh |
Net Long Position| DGR T .. |Net Long (Sales)
-97 GWh 386.0 GWh I] Delivered 8.4 GWh 8.4 GWh
Transaction ($1,000) ¥
Simple Ave Sales Price ($/MWh) 26,96 -4.95 Total Energy  Congest Losses Simple Ave Purchase Price ($/MWh) 26.48 -5.44
Wt Ave Sales Price IWWh! 3043 -5.34 Sell 255.2 295.4 -29.6 -11.6| Wt Ave Purchase Price !&dMW ll! 25.04 -2.34
Energy 3534 Buy 2,643.7) 3,089.5 -239.5 -216.2 Energy 29.35
Congestion -3.53 NetIncome| -2,388.5 -2,803.1 209.9 204.6/ Congestion -2.27
Losses -1.38 Losses -2.05
Net Revenue -2,389 (5$1,000)
Trace52| MWTG Benefit 769.9 (5$1,000)

CRSP Load 483.2 GWh Delivered
Generation w/o loss Delivered 298.7 GWh SHP 184.5 GWhLTE$ LI A (:111%]

3122 Gwh [ Projects I 184.5 GWh
Net Long Position| (el NS AHP p Net Long (Sales)
-185 GWh 298.7 GWh " Delivered 0.0 GWh L/ 0.0 GWh
Transaction ($1,000)
Simple Ave Sales Price ($/MWh) 3192 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWh) 3192
Sell 0.0 0.0 0.0 0.0 ‘Wt Ave Purchase Price ($/MWh] 30.44
Energy 33.06 Buy 56168 5,050.5 -4012  -32.7] Energy  32.79
Congestion -1.74 Net Income | -5,616.8 -6,050.6 401.2 327 Congestion =217
Losses 012 Losses -0.18

Net Revenue -5,617 ($1,000)
Regional Market CRSP Load  483.2 GWh Delivered

Generation w/fo loss UG 298.7 GWh  Elyid 184.5 GWhLTE #1107
PR R — [ PSP <4 184.5 GWh

Net Long Position| [ RETA AHP I Net Long (Sales)
-185 GWh 298.7 GWh II Delivered 0.0 GWh I‘\ 0.0 GWh
Transaction ($1,000)

Simple Ave Sales Price ($/MWh) 26,96 -4.95 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWh) 2648 -5.44
Sell 01 01 0.0 0.0 ‘Wt Ave Purchase Price IgMWh! 26.27 -4.17

Buy 4,847.0 57482 -461.3 -439.9] Energy 3115

Netincome| -4,846.9] 57481 4613 4399 Congestion ~ -2.50

Losses -2.38

Net Revenue -4,847 '{Sl,uno}

The next 4 figures illustrate Regional Market case financial impacts on the CRSP office during the
peak summer month of August. The figures are ordered from highest to lowest monthly SLCA/IP
hydropower production ranging from 1,197.9 GWh to 436.6 GWh. Trace 15 monthly model results shown
below has very high energy production with 354.1 GWh of excess energy sold to FES customers as AHP
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energy. This is the highest level allowable under the AHP offer modeling process. As discussed in the
methodology section AHP offers are limited by the seasonal CROD. The remaining excess energy of over
300 GWh is sold to the market. Because there are no energy purchases, the financial cost of about $1.097
million is primarily due to an average higher sales price of $30.21/MWh under the Status Quo case versus
$25.43/MWh under the Regional Market case; that is on average $4.48/MWh less. One factor that
slightly offsets this price difference are total market energy sales that are 13.6 GWh higher under the
Regional market case. This is due to transmission losses that are incurred under the Status Quo case for
deliveries of SLCA/IP energy production to a buyer. In contrast, under the Status Quo case, excess energy
above FES delivery obligations is sold to the market at the point of production (i.e., generator buses).

Tracel5| MWTG Benefit -1, .2 ($1,000)

CRSP Load 844.8 GWh Delivered
Generation w/fo loss Delivered 844.8 GWh SHP

Status Quo

Wi NcilT] Net Short (Buy)

| 0.0 GWh

1,197.9 GWh | Projects
Net Long Position| oIS EE NS AHP N Net Long (Sales)
302 GWh 1,146.3 GWh ” Delivered 301.5 GWh 301.5 GWh
Transaction (51,000)
Simple Ave Sales Price ($/MWh) 31.40 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWh) 31.40

Wt Ave Sales Price ($/MWh) 30.21 Sell 3,109.0) 9,280.5 -205.0 335

Energy 3078 Buy 0.0| 0.0 0.0 0.0

Congestion -0.68 Net Im:ome| 9,109.0| 9,280.5 -205.0 335

Losses 0.11
r
Net Revenue 9,109 ($1,000)

Regional Market CRSP Load  844.8 GWh Delivered

Generation w/o loss Delivered 844.8 GWh SHP 0.0 GWhLE$ Ll d (:1T1]

1,197.9 GWh | Projects | 0.0 GWh
Net Long Position| [efE [T ER NG EAT AHP N Net Long (Sales)
315 GWh 1,159.9 GWh ” Delivered 315.1 GWh ) 315.1 GWh
Transaction ($1,000)
Simple Ave Sales Price ($/MWh) 26.49 -4.91 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWh) 26.02 -5.38

Wt Ave Sales Price ($/MWh) 2543 -4.78 Sell 8,011.8) 8,487.5 -90.8 -385.0|
Energy 26.94 Buy 0.0 0.0 0.0 0.0
Congestion -029 Net Income|  §,011.8] 8,487.5 -90.8  -385.0|

Losses -1.22

Net Revenue 8,012 r{51,|:|l]l)}

The next summertime example illustrated below is another long position, but all of the excess
energy is sold to the CRSP customers as AHP energy. Under this situation, there are relatively small
amounts of energy market transactions and the average purchase price differences between the two
cases is only $0.53/MWh. The average sales price however is $7.40/MWh more under the Status Quo
case. The result is a relative small financial cost of $0.024 million to participate in the Regional Market

relative to the Status Quo case.
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-24.0

($1,000)

Traced MWTG Benefit

Delivered

37.0 GWhE & a4 (:1]
<4 37.0 GWh

810.1 GWh

CRSP Load
SHP
Projects

Status Quo

Delivered 773.2 GWh

Generation w/o loss
828.1 GWh I

Regional Market

Delivered

760.5 GWh

SHP

Net Long Position| eI NG AHP b Net Long (Sales)
-18 GWh 792.5 GWh [l Delivered 19.3 GWh J 19.3 GWh
Transaction ($1,000) L
Simple Ave Sales Price ($/MWh) 3140 Total Energy  Congest Losses Simple Ave Purchase Price (5/MWh) 31.40
Wt Ave Sales Price ($/MWh 3521 Sell 680.3 663.3 51 11.9 Wt Ave Purchase Price ($/MWHh| 23.63
Energy 34.33 Buy 873.9) 1,062.9 A167.2 -7 Energy 2874
Congestion 0.27 Net Income -193.5| -399.6 1724 33_6‘ Congestion -A.52
Losses 0.61 Losses -0.59
MNet Revenue -194 ($1,000)
CRSP Load 810.1 GWh Delivered

Generation wfo loss
828.1 GWh I

49.6 GWhE & ad(:IM]
< 49.6 GWh

Projects

Net Long Position| o[ T AT AHP Net Long (Sales)
-16 GWh 793.9 GWh [l Delivered 33.4 GWh 33.4 GWh
Transaction ($1,000)

Simple Ave Sales Price ($/MWh) 2649 -4.91 Total Energy  Congest Losses Simple Ave Purchase Price (5/MWh) 26.02 -5.38
Wt Ave Sales Price ($/MWh) 27.81-7.40 Sell 928.9) 981.9 -109  -42.2|  WtAve Purchase Price ($/MWh)  23.10 -0.53

Energy 25.39 Buy 1,146.5 1,2510 -2.5 -82.1 Energy 25.21

Congestion -0.32 Net Inwmel -217.6) -269.1 116 39.9| Cangestion -0.45

Losses -1.26 Losses -165

Net Revenue -218 '(51,000;-

The graph below illustrates situations when there is excess energy, but this excess is not large
enough to trigger AHP offers/sales. There are only high-price market sales under both cases. As the
result of a sales price that is on average $5.60/MWh higher under the Status Quo case, net financial

revenues are $1.040 million larger than under the Regional Market case. Note that energy deliveries from

SLCA/IP powerplants to CRSP loads are identical, but due to transmission losses under the Status Quo
case, market sales are 10.9 GWh higher under the Regional Market case.
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Trace5S

-1,039.8 ($1,000)

MWTG Benefit

Status Quo CRSP Load  490.7 GWh Delivered
Generation w/o loss Delivered 490.7 GWh SHP 0.0 GWhIE LA ]
767.0 GWh | Projects I 0.0 GWh
Net Long Position| [y 7 N7 AHP Net Long (Sales)
243 GWh 734.0 GWh Il pelivered 243.3 GWh 243.3 GWh
Transaction (5$1,000)
Simole Ave Sales Price ($/MWh) 31.40 Total Energy  Congest  Losses Simple Ave Purchase Price ($/MWh)  31.40
) ) Sell  8,508.7 8,383.2 -19.9  140.4
Energy 34.46 Buy 0.0 0.0 0.0 0.0
Congestion 0.08 NetIncome| 8,503.7 8,383.2 -19.9 1404
Losses 0.58

r
Net Revenue 8,504 ($1,000)

Regional Market
Generation w/o loss
767.0 GWh

Delivered Energy
744.9 GWh

Net Long Position|
254 GWh

Delivered

490.7 GWh

CRSP Load 490.7 GWh
SHP
Projects

AHP

Delivered

0.0 GWh
I

Net Short (Buy)
0.0 GWh

Net Long (Sales)

" Delivered

254.2 GWh

254.2 GWh

Transaction ($1,000)

Simple Ave Sales Price ($/MWh) 26,49 -4.91 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWh)  26.02 -5.38
Sell 7,463.8 7,966.9 -151.0  -352.1
Energy 31.34 Buy 0.0 0.0 0.0 0.0
Congestion -0.59 Netincome| 7,463.8 7,966.9 -151.0  -352.1
Losses -1.39

Net Revenue 7,464 ($1,000)

The fourth summertime figure shows that under a net energy short position of 73 GWh, the
Regional Market case yields net financial revenues of about $0.2 million over the Status Quo case. This is
largely attributed to an energy purchase price under a Regional Market that is $2.41/MWh lower. There
are only small amounts of energy sales that are made during the highest priced hours.

Trace52|

200.2

($1,000)

MWTG Benefit

Status Quo

436.6 GWh

Delivered Energy
417.8 GWh

Net Long Position
-73 GWh

Generation w/o loss

Delivered

414.4 GWh

490.7 GWh

Delivered

CRSP Load

SHP 76.3 GWhLE& 0 ad(:17%]
Projects 76.3 GWh
AHP Net Long (Sales)

ﬂ Delivered

3.3 GWh

3.3 GWh

Transaction ($1,000)

436.6 GWh

Net Long Position| [el 7S NI

-73 GWh 418.1 GWh
Simple Ave Sales Price ($/MWh)
Wt Ave Sales Price ($/MWh)
Energy
Congestion
Losses

simple Ave Sales Price ($/MWh) 3140 Total Energy  Congest Losses Simple Ave Purchase Price (/MWh)  31.40
Wt Ave Sales Price ($/MWh) 4351 Sell 1452 139.1 18 23] Wt Ave Purchase Price (§/MWh)  25.34
Energy 41.78 Buy 19326 2,180.4 2141 -33.7 Energy  28.58
Congestion 0.54 Net Income | -1,787.4 -2,041.3 216.0 Sﬂl Congestion -2.81
Losses 1.28 Losses -0.44
Net Revenue -1,787 ($1,000)
Regional Market CRSP Load  490.7 GWh Delivered
Generation w/o loss Delivered 410.0 GWh SHP 80.7 GWhLES Ll 4|11 ]

I] Delivered

8.1 GWh

Projects 80.7 GWh
AHP Net Long (Sales)
8.1 GWh

Transaction ($1,000)

2649 -4.91 Total Energy Congest  Losses Simple Ave Purchase Price ($/MWh) 26.02 -5.38
3246 -11.14 Sell 264.0| 278.8 .27 -12.1] Wt Ave Purchase Price ($/MWh) 22,93 -2.41
34.28 Buy 1.851.2 2,045.5 -33.4 -160.9| Energy 25.34

-0133 NetIncome| -1,587.2 -1,766.7 30.7 148.8| Congestion -0.41

-1.49 Losses -1.99

Net Revenue -1,587 '(Sl,oou)
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CRSP Financial Dispatch Results under the High Gas Price and Market Stress Futures

In addition to the Current Trends future, the GTMax Superlite model was also used to analyze all
105 CRSS hydrological projections for two other futures; namely, the High Gas and Market Stress
outlooks. The comparative financial results (i.e., Regional Market minus Status Quo) for all three futures
are shown in the figure below in probability exceedance curve. The figure also contains a table of key
statistics. Note that in terms of both the average and median values all three futures indicate that the
Regional Market case will result in a lower financial outcome. Also positive Regional Market outcomes
occur less than half of the time. Under both the Current Trends and High Gas futures positive Regional
Market outcomes are expected to occur about 37 percent of the time. This percentage drops to 18
percent of the time under the Market Stress case. The range of financial outcomes under all futures is
more than $20 million.

20,000 |
! ~——High Gas Future

— ~Current Trends
S 15,000 —Market Stress Future
) .
= \ Reglonal Mark i K
o \ gional Market Savings ($ millions) Breakeven
~ 10,000 4 \ Future Outlook Minimum Average Median Maximum Range Percentage
& "‘\ Current Tends -9.223[ -0.739 -1.550 10.949 20.172 37
c \ High Natural Gas -12.525| -1.153 -2.408 18.256 30.781 37
'; \\ Market Stress 9.033| -2.859 -3.485 11.925 20958 13
@ 5,000
v
T
=
© 0
£
© -5,000
g
o

-10,000 - \

-15,000

0.0 0.1 0.2 0.3 0.4 0.5 0.6 0.7 0.8 0.9 1.0

Exceedance Probability (fraction of time)

For all CRSS traces, SLCA/IP energy production, SHP FES customer loads, AHP sales, and project
use loads are identical for all three futures. The key driver that results in differences among the futures
are the LMP levels and profiles projected by Brattle. The figure below shows monthly average prices for
Palo Verde under the Status Quo case (solid lines) and weighted average load prices under the Regional
Market case (dotted lines) for all three futures. Note that in general, prices are the most expensive for
the Market stress future and the cheapest for the Current Trends future. This is consistent with the table
in the figure above.
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Monthly Average Prices ($/MWh)

= Market Stress (Status Quo)
High Natural Gas (Status Quo)
Current Tends (Status Quo)

Market Stress (Regional Market)
High Natural Gas (Regional Market)
Current Tends (Regional Market)
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Similar to the Current, Trends future financial outcomes for the other two futures are tightly

coupled with hydrological conditions and resultant SLCA/IP energy production. Note that the High Gas

future is more sensitive to SLCA/IP hydropower generation level than the other two futures.

Regional Market Savings ($ 1,000)
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SRP Exchange Agreement and GFA Transmission Financial Benefits under the Regional Market

The financial implications of the SRP Exchange Agreement and GFA transmission contracts are
based on the LMP difference between the points of energy injection and extraction multiplied by the
quantity of energy exchanged/wheeled. Under the Regional Market case the CRSP Office benefits
financially when the point of energy injection is more valuable (i.e., higher LMP) than the energy
extraction point. On the other hand, CRSP financially losses when the injection point LMP is lower than
extraction point LMP.

The SRP Exchange Agreement has two components. The first involves energy exchanges that are
designed to relieve contractual transmission congestion, and the second involves the use of CRSP
transmission resources to wheel power for SRP. Although the exchange terms of the SRP agreement is
dependent on Glen Canyon Dam production, the total amount of energy that can be exchanged and
wheeled in an hour is limited to 533 MW. For simplicity, only one financial estimate for the exchange was
made based on actual data for 2015. Only one estimate is also made for GFA transmission contracts
because these contracts are not dependent on SLCA/IP hydropower conditions.

The SRP Exchange and GFA transmission results presented in this below represent maximum/
near maximum financial impacts because it does not include any mitigation measures. CRSP is exploring
various options that would alleviate costs associated with these agreements through various channels
that are outside the scope of this analysis.

Relative to the Status Quo case, regional market financial costs associated with the SRP power
exchange agreement are significantly higher than the average cost of SLCA/IP hydropower operations.
Monthly financial benefits for TAGs 1X, 2X, and 4X for energy exchanges are shown in the table below.
The total costs (i.e., negative benefit) for TAG 1X and 2X are $6.15 million and $3.00 million, respectively.
Because it is assumed that CRSP New Mexico (NM) loads and SRP Four Corners (4 Corners) generation are
at the same location, the financial outcomes for TAG 4X are always zero. The total financial costs of the
exchange portion of the agreement is $9.15 million. It tends to be the most costly in the summer and
winter months when price spreads between energy injection and extraction points are the largest. Note
that average revenue columns in the table below are quantity-weighted averages, not average price
spreads.
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SRP Energy Exchange Benefits under the Regional Market
Net Rev ($1,000)
TAG 1X: GC to SRP Load TAG 2X: Craig to CRSP North Load TAG 4X: 4 Corners to CRSP NM Load
Energy Price Energy Price Energy Price
($/Mwh) ($/Mwh) ($/Mwh)
Energy Energy Energy
Energy In Out Energy In Out Energy In Out Total
Glen Ave
1X SRP Canyon | Pinnacle Ave Net 2X SRP WAPA Ave Net 4X SRP Ave Net Net Energy Net CRSP
Exchange LMP  |Peak LMP| h Deliv t Four Four h
Month | (GWh) |($/MWh)|($/Mwh)|($/MWh)]| ($1,000) (GWh) Craig Pnts | ($/Mwh)| ($1,000) | (GWh) | Corners | Corners [($/Mwh)| ($1,000) | (GWh) ($1,000)
Jan 2373 24.71 27.41 -2.62 -622.0) 192.4 23.79 25.17 -1.33 -255.5 57.5 25.90 25.90 0.00 0.0 487.2 -877.5)
Feb 208.4 24.50 27.25 -2.46 -513.1 178.5 23.60 25.10 -1.34 -239.1 333 25.84 25.84 0.00 0.0 420.3 -752.3
Mar 164.2 23.28 25.73 -2.36 -387.9 139.8 21.88 23.52 -1.64 -229.7| 30.9 24.13 24.13 0.00 0.0 3349 -617.6)
Apr 173.8 21.96 24.94 -2.78 -482.5] 141.1 20.26 22.20 -1.87 -263.4 40.2 22.57 22.57 0.00 0.0 355.0 -745.9
May 115.1 22.69 25.56 -2.72 -313.6) 64.1 21.56 23.20 -1.65 -105.6| 55.0 22,92 22,92 0.00 0.0] 234.2 -419.2f
Jun 144.0 24.73 28.06 -3.20 -460.7| 98.3 22.98 24.84 -1.97 -193.14 52.9 25.61 25.61 0.00 0.0 295.1 -653.9|
Jul 192.1 28.15 31.86 -3.56 -684.2] 127.7 26.28 28.45 -2.11 -269.0 72.7 29.47 29.47 0.00 0.0 3925 -953.2)
Aug 176.4 27.54 31.33 -3.79 -668.2 145.8 25.54 27.72 -2.17 -315.8 52.6 28.98 28.98 0.00 0.0 3749 -984.0)
Sep 172.6 26.78 30.14 -3.36 -580.5 138.8 24.93 26.92 -2.02 -280.2} 384 28.11 28.11 0.00 0.0 349.7 -860.7|
Oct 164.4 25.42 28.05 -2.47 -406.2] 129.1 24.16 25.78 -1.57 -203.1] 45.9 26.21 26.21 0.00 0.0} 339.3 -609.3]
Nov 182.8 26.69 29.19 -2.14 -391. 165.8 24.76 26.63 -1.72 -285.1] 213 27.72 27.72 0.00 0.0} 369.9 -677.0]
Dec 253.0 28.33 31.06 -2.53 -639.3' 206.7 26.29 28.14 -1.75 -360.8 50.2 29.17 29.17 0.00 0.0 509.9 -1,000.7,
Annual| 2,184.2 25.40 28.38 -2.83 -6,150.9| 1,727.9 23.84 25.64 -1.76 -3,000.4| 550.8 26.38 26.38 0.00 0.0 4,462.9 -9,151.3

Costs of the wheeling part of the agreement are shown in the table below. TAG 3X for wheeling

power from Craig to Pinnacle Peak is $4.04 million and TAG 5X wheeling from Four Corners to Pinnacle

Peak is $0.76 million for a total of $4.80 million. These costs are the highest during the summer months.

SRP Wheeling Benefits under the Regional Market
TAG 3X: Craig to Pinnacle Peak TAG 5X: 4 Corners to Pinnacle Peak
Energy Price Energy Price
($/Mwh) ($/Mwh)
Energy Energy
Energyln  Out Energyln  Out Total
3X SRP Ave Net 5X SRP Ave Net Wheeled CRSP
Exchange Pinnacle | Revenue| Revenue |Exchange| Four | Pinnacle | Revenue| Revenue Energy Revenue
Month (GWh) Craig Peak |[($/Mwh)| ($1,000) | (GWh) | Corners | Peak |[($/MWh)| ($1,000) (GWh) ($1,000)
Jan 45.2 23.79 27.41 -4.05 -182.9 14.7 25.90 27.41 -1.42 -20.9 59.8 -203.7|
Feb 49.2 23.60 27.25 -4.42 -217.4 35.0 25.84 27.25 -1.26 -44.3 84.3 -261.7|
Mar 95.3 21.88 25.73 -3.75 -356.9 29.0 24.13 25.73 -1.26 -36.6 124.2 -393.5|
Apr 72.3 20.26 24.94 -4.64 -335.1 40.3 22.57 24.94 -2.21 -89.0| 112.5 -424.1
May 89.3 21.56 25.56 -3.81 -339.7| 31.2 22.92 25.56 -2.31 -72.0| 120.5 -411.7|
Jun 110.9 22.98 28.06 -4.94 -547.7, 25.8 25.61 28.06 -2.24 -57.9 136.7 -605.6
Jul 96.8 26.28 31.86 -5.84 -565.3| 26.4 29.47 31.86 -2.18 -57.7 123.2 -623.0|
Aug 104.2 25.54 31.33 -5.82 -606.2, 24.4 28.98 31.33 -2.30 -55.9| 128.6 -662.1
Sep 37.0 24.93 30.14 -4.70 -173.7, 26.8 28.11 30.14 -1.99 -53.3] 63.7 -227.0)
Oct 45.5 24.16 28.05 -3.50 -159.3 54.8 26.21 28.05 -1.82 -99.8| 100.3 -259.1
Nov 67.3 24.76 29.19 -4.50 -302.8 70.0 27.72 29.19 -1.48 -103.4 137.3 -406.2|
Dec 48.3 26.29 31.06 -5.31 -256.9) 34.5 29.17 31.06 -2.00 -68.8| 82.8 -325.8
Annual 861.1 23.84 28.38 -4.61 -4,043.9| 412.7 26.38 28.38 -1.87 -759.4| 1,273.8 -4,803.4|

In total SRP exchange annual costs are almost $14 million; that is, the sum of $9.15 million for

exchanges and $4.80 million for wheeling.

The financial impacts of GFA contracts under the Regional Market case are much smaller. The

table below shows that for all three contacts analyzed there is a total positive benefit of $1.56 million.
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This is mainly attributed to the PacifiCorp (PAC) contract for transmission from Pinnacle Peak to Glen

Canyon. This orientation is counter to general flow on this path. It therefore has a negative LMP

congestion component. Also, benefits are limited because GFA energy quantities are significantly less

than the SRP exchange.

GFA Contract Benefits under the Regional Market
APS GFA Contract PAC GFA Contract DGT GFA Contract
Energy Price Energy Price Energy Price
($/MWh) ($/Mwh) ($/MWh)
Max 285 Energy Energy Max 250 Energy Energy Max26 Energy Energy
MW In Out MW In Out MW In Out Total
Net
APS Trans| Glen Pinnacle Ave Net PAC Trans| Pinnacle Glen Ave DGT Trans| Flaming Glen Ave Net Energy Net CRSP
Service Canyon Peak Revenue | Revenue | Service Peak Canyon | Revenue |Net Revenue| Service Gorge Canyon
(GWh) | ($/MWh) | ($/MWh) | ($/MWh) | ($1,000) | (GWh) |($/MWh)|($/MWh)]|($/MWh)| ($1,000) (GWh) | ($/MWh) | ($/MWh) | ($/Mwh) | ($1,000) | (GWh) ($1,000)
41.7 2457 27.23 -2.52  -105.2 57.0 27.23 2457 271 154.3 42 2427 2332 0.49 2.1] 1029 51.2]
188 2463 2738 -3.53 -66.5) 479 27.38 24.63 2.36 112.9 16 2426 2445 -0.71 -1.2] 68.4 45.3]
55 23.09 2541 -1.52 -8.4 10.5 2541 23.09 1.01 10.7 55 2334 2230 1.41 7.8 21.5 10.0
1.7 22,09 25.01 -3.49 -5.9| 300 2501 22.09 2.83 84.8] 7.2 2187 20.90 0.86 6.2] 389 85.1]
45 23.01 2581 -1.78 -7.9 59.0 25.81 23.01 2.98 176.1] 49 2239 17.63 4.76 23.4 68.4 191.5
5.7 25.08 28.27 -3.11 -17.6 727 2827  25.08 3.76 273.5 74 2405 19.64 4.60 33.8] 85.7 289.7
3.7 2837 3198 -3.59 -13.2 711 3198 2837 4.03 286.7| 7.9 2658 2411 2.54 20.1] 82.7 293.7|
0.6 2784 3158 -3.54 -2.2| 79.7 31.58 27.84 3.88 309.2 7.7 2616 2574 0.47 3.6 88.0 310.6)
0.0 26.73 29.87 0.00 0.0] 63.5 29.87 26.73 311 197.4] 4.7 2559 2541 0.69 3.3] 68.2 200.7]
4.2 2568 2817 -2.95 -12.4} 48.7  28.17  25.68 2.54 123.9) 47 2496 2373 1.21 5.7| 57.6 117.2
11.2 2651 29.03 -2.69 -30.1 152 29.03 26.51 2.67 40.7, 6.5 2526 24.36 1.04 6.8 33.0 17.5)
25.1 28.60 31.30 -2.53 -63.5) 5.7 31.30 28.60 3.16 18.04 10.6  27.02  28.18 -1.06 -11.2) 41.4 -56.7
122.7 25.52 28.42 -2.60 -332.9| 561.1 28.42 25.52 2.92 1,788.3] 72.9 24.65 23.31 1.36 100.4] 756.7 1,555.7

transmission contracts under the Current Trends, High Gas, and Market Stress futures. All futures have

SRP Exchange and GFA Regional Market Benefits under High Gas and Market Stress Futures

The table below summarizes the financial implications of the SRP Exchange Agreement and GFA

identical exchange, wheeling, and transmission use quantities. Only LMPs at energy injection and

extraction points differ among futures. Under the High Gas future, LMPs are generally higher than the
Current Trends future. SRP wheeling price spreads between energy injection and extraction points also

tend to be larger. Note that the TAG 5X cost for the SRP energy exchange almost doubles. On the other

hand, despite higher absolute price, spreads between SRP energy exchanges and GFA contracts do not

change significantly. Also, note that the congestion orientation flips for the Deseret (DGT) contract with

higher prices at Glen Canyon dam relative to Flaming Gorge (surrogate point for the Bonanza plant)

under the High Gas future. Under the Market Stress future, LMPs are more expensive than the other two
futures, but except for SRP wheeling, price spreads are lower.
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Net Revenue ($1,000) $/MWh Price Spread (In-Out)
Current Market Current High Market
Trends High Gas Stress Trends Gas Stress
SRP Energy Exchange
TAG 1X: GC to SRP Load -6,151 -6,238 -3,459 -2.98 -2.99 -1.74
TAG 2X: Craig to CRSP North Load -3,000 -3,615 -2,125 -1.80 -2.23 -1.36
TAG 4X: 4 Corners to CRSP NM Load 0 0 o) 0.00 0.00 0.00
Energy Exchange Total -9,151 -9,853 -5,583| n/a n/a n/a
SRP Wheeling
TAG 3X: Craig to CRSP Load North -4,044 -5,982 -4,168 -4.55 -6.77 -4.70
TAG 5X: 4 Corners to Pinnacle Peak -759 -1,513 -1,509 -2.00 -3.82 -3.88
Wheeling Total -4,803 -7,495 -5,676) n/a n/a n/a
GFA Contracts
APS GFA Contract -333 -339 -174 -2.90 -2.73 -1.44
PAC GFA Contract 1,788 1,753 903 2.90 2.73 1.44
DGT GFA Contract 100 -282 -76| 1.33 -3.83 -1.03
GFA Total 1,556 1,133 653 n/a n/a n/a
|Grand Total | -12,399 -16,215 -10,606| n/a n/a n/a |

Tables that show more detailed SRP exchange and GFA transmission contract results for the High
Gas and Market Stress futures are shown in Attachment F.

CRSP Financial Benefits Summary

Total CRSP financial benefits shown in the figure below equal the sum of transmission/SRP
exchange components discussed above plus SLCA/IP hydropower energy production/operations.
Transmission/exchange components, shown as thick black lines in the figure, are assumed to remain
static under all CRSS hydropower traces. This is an accurate representation for GFA transmission impacts
that are independent of hydrological conditions. As applied to the SRP exchange, however, the reader
should realize that this portrayal is a simplification because the SRP Exchange is highly dependent on
SLCA/IP hydropower generation levels (primarily Glen Canyon). The collection/construction of the
necessary data and time required to quantify the economic impacts of this dependency is beyond the
scope of this analysis. In addition, Western is exploring cost mitigation measures that potentially would
reduce SRP exchange financial impacts.

This value combined with the worst financial result (thick blue lines) is the lowest estimated
financial outcome as shown by the bottom of the gold bars. The top of each of the bars in the chart
represents the best outcome under each future. For the Current Trends future all financial benefit
outcomes are less than zero; that is, the highest comparative financial operating trace that has a benefit
$10.9 million does not cover the combined $12.4 million financial cost of the SRP Exchange Agreement
and GFA transmission contracts. The other two futures show at best a small positive net benefit under
the highest financial operating trace.

The figure below also shows that the average annual benefit ranges from a loss of $13.1 million
under the Current Trends future to $17.4 million under the High Gas future. Median financial losses (i.e.,
50 percent exceedance level) under all futures are higher than the average by $0.6 million to $0.8 million
indicating a skewed financial distribution. The range of SLCA operating outcomes is approximately $20.2
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million, $30.8 million, and $21.0 million, under the Future Trends, High Gas, and Market Stress futures,

respectively.

Annual Regional Market Financial Benefit ($ millions)
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A more detailed depiction of operational outcomes is shown in the figure below. All have
negative average and median financial outcomes. In addition, the majority of outcomes result in a
relative financial loss. Under the Current Trends future, half of the benefit outcomes are projected to be
within a relatively narrow band ranging from a gain of $1.4 million to a loss of 1.6 million; that is, a range
of $3.0 million that covers exceedances from 25 percent to 75 percent. The wider band of $7.4 million
covers 80 percent of all outcomes (10 percent through 90 percent exceedance levels). The remainder of
the $20.2 million range (i.e., $11.8 million) cover the tail ends of the distribution 20 percent of the time.
All of these financial ranges widen under the High Gas future.

The entire $4.2 million benefit range of the 50 percent probability bracket is negative under the
Market Stress future. A wider range of $8.9 million covers 80 percent of all outcomes.
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Regional Market Energy Production Financial Benefits ($ million)
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Summary: Mountain West Regional Market Financial Analysis

This report discussed a WAPA financial analysis of RMR and CRSP Office full participation in a
prospective RTO market with Mountain West. It is an extension of and consistent with the Brattle
Mountain West economic study of this same market. Brattle utilized the PSO production cost model to
project WI least-cost, security-constrained unit commitments and economic dispatch for two cases under
three futures during calendar year 2024. PSO LMP results were used by Argonne to estimate LAP and
CRSP financial impacts under a broad set of market and hydropower conditions.

Argonne financial impacts are based on a comparative analysis methodology in which Status Quo
case model results are contrasted with outcomes for a Regional Market case. Impact analysis was
conducted for three plausible futures created for the Brattle analysis. These futures include CT, HG, and
MS.

For the RMR analyses, Argonne created and utilized a versatile spreadsheet tool to analyze
financial outcomes under various assumption regarding hydrological conditions, operational flexibility at
the Mt. Elbert pumped storage powerplant, market transmission losses, and market participation bid
behavior. A separate RMR tool was also developed and utilized for analyzing the financial impacts of a
regional market on Yellowtail ancillary services.

Financial CRSP analyses were supported by a set of modeling tools that WAPA and Argonne
developed over many years. It performs SLCA/IP hydropower hourly dispatch and associated
financial/economic computations for a large set of hydropower conditions. Argonne also developed and
utilized two newly developed spreadsheet tools that compute CRSP financial implications for the SRP
exchange and grandfathered transmission contracts.

For the RMR reference point model run the annual 2024 financial benefits of joining a regional
market was $0.51, $0.20, and $0.06 million for the CT, HG, and MS futures, respectively. This reference
point is based on average hydropower conditions for the CT and HG futures and dry conditions for the
MS future. A second estimate of CT financial benefits was also computed based on an improved pumped
storage methodology and more accurate transmission loss accounting. This second estimate decreased
CT reference point benefits from the aforementioned level of $0.51 million to $0.16 million. Because it
was judged that the revised methodology did not appreciably change analysis conclusions, revised model
runs for the two other futures were not performed.

In addition, it is projected that under the CT future, RMR will gain $1.43 million in annual benefits
because ancillary service duties at the Yellowtail powerplant would not be required under the regional
market. Although not computed, higher energy prices at Yellowtail under the HG and MS futures would
most likely result in higher benefits.

Reference point model results were based on the following assumptions: (1) RTO participants bid
all its generation resources into the market at production cost, (2) there is no operational flexibility at the
Mt. Elbert powerplant, (3) transmission loses are 4.5%, and (4) market energy transactions costs/benefits
for short/long energy positions are based on the full LMP. Sensitivity analysis varied each of these
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assumptions singularly or in combination. Financial outcomes for sensitivity model runs ranged from -
$2.22 to $2.83 million for the CT future, -$7.94 to $7.49 million for the HG future and -$5.93 to $6.62
million for the MS future. Using the improved computational methodology, RMR financial benefits were
generally, but not always lower with a range of -$2.10 million to $1.45 million.

Financial estimates for the CRSP Office were based on 105 hydrological outcomes for calendar
year 2024. The annual average financial benefits of a regional RTO market for energy production was on
average -$0.74, -$1.15, and -$2.86 million for the CT, HG, and MS futures, respectively. Most hydrological
conditions yielded a negative result; that is, 63% of the hydrology conditions had negative benefits for
the CT and HG futures and 82% of the hydrology conditions had a negative benefit for the MS future.
Financial outcomes over all hydrological conditions ranged from -$9.22 to $10.95 million for the CT
future, -$12.52 to $18.26 million for the HG future and -$9.033 to $11.93 million for the MS future.

In addition to energy regional market energy benefits, there will also be financial impacts related
to existing contractual arrangements. These include the SRP exchange agreement and GFA transmission
contracts. The SRP exchange has two components that include energy exchanges and wheeling. Under
the CT future financial benefits are projected to be -$9.15 million for the energy exchanges and -S4.80 for
wheeling; that is, a total of -513.95 million. Total SRP benefits are projected to be somewhat lower at -
$17.35 million for the HG future and -$11.26 million under the MS future. Model results for GFA
transmission contracts show positive financial benefits for the CRSP Office. Total GFA contracts benefits
are projected to be $1.56 million, $1.13 million and $0.65 million for the CT, HG and MS cases,
respectively.

WAPA staff indicated that it would be operationally difficult for only one of the two offices to join
the regional market because both are in the Western Area Colorado Missouri balancing authority and
both have many of the same customers. The table below summarizes financial WAPA implications if it
joined the market and the CT future came into fruition. Note that this table only includes financial
components that are addressed in this report. Others including financial implications associated with
computer hardware/software upgrades, RTO fees, and staffing changes have been estimated by WAPA
and are documented elsewhere.
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WAPA Total Regional Market Energy and
Ancillary Services Benefits (Smillion)

Range

RMR Ref/Ave’  Low High
LAP Energy 0.16 -2.10 1.45
Ancillary Services 1.43 1.43 1.43
Total 1.59 -0.67 2.88
CRSP

SLCA/IP Energy -0.74 -9.22 10.95
Ancillary Services 0.00 0.00 0.00
Total -0.74 -9.22 10.95
WAPA Total 0.85 -9.89 13.83

 Energy values are based on reference point model runs
using the improved methodology for RMR and the average
result for the 105 hydrological conditions modeled for CRSP

As noted above, the net costs associated with CRSP's SRP Exchange and GFA transmission
contracts represent an upper-end limit. WAPA staff continue to explore various mitigation measures that
will be necessary if WAPA joins a regional market. As a result, WAPA staff have communicated to
Argonne that unless some of the mitigation strategies currently being investigated are implemented,
CRSP will be unable to participate in a regional market due to the significant cost associated with the SRP
Exchange. Therefore, in order for CRSP to participate, it is necessary that some mitigation strategies be
implemented, and the previously estimated SRP Exchange and GFA transmission costs are not ultimately
realized. Although these agreements will have some impact on CRSP’s financial position, the large
impacts presented in the previous section have not been included in the summary table below because,
at this point in time, CRSP financial impacts, if any, are highly uncertain.

When interpreting the results presented in this study it is important that the reader be aware of
the limitations of the models used for this analysis. For example, Brattle computed LMPs that are key for
financial calculations are dependent on numerous grid assumptions. For example, the Brattle study
assumed static transaction over tie lines that connect the WI to eastern grid markets. The reader should
therefore bear in mind that if key assumptions are not realized in 2024, results may be different from the
ones presented in this report. Whereas the veracity of some of these assumptions may have little impact
on the overall economics of the WI some of these key assumptions may have a significant impact on
specific LMPs. These assumptions include but are not limited to: (1) regional and bus-load growth, (2)
transmission system improvements and topology changes, (3) RTO decisions regarding the opening of
circuit breakers, (4) improvements and retirement schedules at existing power plants, (5) the buildout of
new thermal generation technologies by type, size and location, (6) fossil fuel prices, and (7) the specific
expansion locations and operation of VERs. In addition, until an existing RTO is selected and the market
rules are known, all costs and revenues cannot be more accurately pinpointed.
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Because of modeling challenges and simplifications, the financial impacts presented in this report
should be viewed as rough “computer model” generated projections. It is not intended to provide “exact”
levels of impacts for individual situations. Rather, recognizing the implications of the above caveats, the
intent of this study is to learn about general trends and relative impact magnitudes over a large set of
situations to help decision makers and stakeholders better understand Mountain West RTO membership
advantages/disadvantages.
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Attachment A

Current Trends Future: RMR Financial Model Result Synopsis

Mt Elbert Adj
Factor

Hydropower Bid
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Increase Under the Regional Market Structure

1,393 GWh LAP Loads + Losse 604 GWh TSI SalesPrice seesse Purchase Price Revenue Increase ($ millions)
Regional Market Generation 1,997 GWh 604 GWh P 0.20
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Net Revenue -10.724 ($ millions)
Figure A.1 RMR Current Trends: Run 1 Energy and Financial Flow Results
Run#2 Hydropower | MEEBTt | awrc Losses [Fed Exempt| o vl MWTG Benefit 0.470 ($ millions)
Dry None 4.5% No 1.000
N Gen ——tload
1,230 GWh LAP Loads + Losse| 767 GWh [NEE e A (=10 s - Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 767 GWh g 050 :l
1,353 GWh 123 GWh Net Long (Sales) E;E 100 0.00 2
-644 GWh g o ENEN ERE )
100 RERIEINEY | '75.‘33
Ave Sale Price 2322 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 23.07 150 ) 1% 5 8 T
G 2.85 Buy 17.70 A §oum | ¥ 0§ 20 g
Gen 226 HE T s o
Total 19.96 55 I I 0z
Chi TR R e
= 12345678 050uD

Net Revenue -17.11 ($ millions) P s e ssone

Increase Under the Regional Market Structure

1,230 GWh LAP Loads + Losse 767 GWh LESLRAETY SalesPrice  eeeenn purchase Price. Revenue Increase ($ millions)
Regional Market Generation \l— 1,997 GWh 767 GWh 2 020
1,353 GWh 122 GWh Net Long (Sales) Z 30 . 015 ®
122 GWh ‘é" 200 010
Change Change § |
) ) 14 005 |smmalle s ool o
Ave Sale Price 24.02 080 Revenue Change Costs  Change  Ave Purchase Price 2259 049 £ U H ERa ETH
Gen-wt LMPs 25.99 -0.02 294 010 Buy 17.32 -0.37 Ave Load-wt LMP. 2368 -034 § 000 000 o
033 Gen_ 226 0.00 015 £ 100 005 3
-0.08 Total 1959 -0.37 02 2 010
0.7 0.4 123456 7 89101112

Net Revenue -16.645 ($ millions)

Figure A.2 RMR Current Trends: Run 2 Energy and Financial Flow Results
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H Mt Elbe Bid Adj 5 o
Run#3 z:m:,:’:' ‘mx " | MWTG Losses [Fed Exempt me’ MWTG Benefit 0.144 ($ millions)
Wet None 45% No 1.000
w00 —Gen =03 L
1,836 GWh LAP Loads + Losse| 161 GWh AT A I s Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh GWh &z 0 500
2,987 GWh 1,151 GWh Net Long (Sales) .E_:S, 200 4.00
990 GWh 1,151 GWh g o . o3
123456789001 200 % Ba
— . el s S
Ave Sale Price 2281 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 2529 300 v N | 2@ 8 -
Gen-wt LMPs 24.10 26.26 Buy 4.08 Ave Load-wt LMP. 24.01 5 — 00 - 0.00 2 it
Gen_5.13 5% S a2 A
Total 9.21 £2100 o3 ;}
£ S anl, 5 20
o . z 12345678 9101112
123456780910u1R

Net Revenue  17.04 (S millions)

Increase Under the Regional Market Structure

1,836 GWh LAP Loads + Losse b3 Net Short (Buy] SaesPrice eeeses PorchasePrie Revenue Increase ($ millions)
Regional Market Generation i 1,997 GWh 161 GWh = i;g 050
Net Po 2,987 GWh 1,151 GWh Net Long (Sales) i o -
990 GWh 1,151 GWh 3 o o :
Change change § g00 010 K 23
Ave Sale Price 2287 0.06 Revenue Change Costs  Change  Ave Purchase Price 2083 046 000 I —_
Gen-wt LMPs 24.02 -0.08 2633 007 Buy 401 -0.07 Ave Load-wt LMP 23.68 -0.34 o133 2E 3 g3
041 Gen_ 513 000 015 o @
-0.19 Total 914 -0.07 025 om0
-030 024 12 3 4 5 6 7 8 9 101112 123456 7 8 9101112

Net Revenue 17.188 ($ millions)

Figure A.3 RMR Current Trends: Run 3 Energy and Financial Flow Results

H Mt Elbert Bid Ad| 3 mm
Run#4 ‘é::‘:‘r,:':' Flex MWTG Losses |Fed Exempt| hm" MWTG Benefit 0.109 ($ millions)
Average None 45% No 1.050
N R e —— .
1,393 GWh LAP Loads + Losse 604 GWh [NEEI e (-0 s Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 604 GWh gz 150
>3
225 GWh Net Long (Sales) £ 35 10 00
£ 050
225 GWh H 0 000
050
Ave Sale Price 23.40 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 278 150 100
Gen-wt LMPs 25.63 5.26 Buy 13.76 Ave Load-wt LMP 24.01 § — 100 150
Gen_ 273 5% 200
Total 1649 g2 50 250
£ 3.00
o 123456 7 89101112
Net Revenue -11.23 ($ millions)
Increase Under the Regional Market Structure
1,393 GWh LAP Loads +Losse 604 GWh [N eTad(:11Y) SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation 1,997 GWh 604 GWh = °® 020
1,618 GWh 225 GWh Net Long (Sales) B . s
225 GWh 2 300
4 2.00 0.10
Change §
Ave Sale Price 2531 1.90 Revenue Change Costs  Change  Ave Purchase Price 2331 053 2 100 005
Gen-wt LMPs 25.65 0.02 569 043 Buy 1408 0.32 Ave Load-wt LMP 2486 085 $ go0 | " g g g
036 Gen_ 273 0.00 = 100 000 ™ == [ElE
g - s g g3
-0.07 Total 1681 0.32 2 0 oos 1555 8 s 998
028 12 3 4 5 6 7 8 9 101112 123456 7 8 9101112

Net Revenue -11.124 ($ millions)

Figure A.4 RMR Current Trends: Run 4 Energy and Financial Flow Results
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H Mt Elbe Bid Adj 5 o
Run#5 z:m:,:’:' ‘mx " | MWTG Losses [Fed Exempt me’ MWTG Benefit 0.909 ($ millions)
Average None 45% No 0.950
o0 —Gen =03 L
1,393 GWh LAP Loads + Losse| 604 GWh AT A1 & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 604 GWh &z 150
1,618 GWh 225 GWh Net Long (Sales) g) S, 100 00
5 0.50
-380 GWh 225 GWh 2 000
050
Ave Sale Price 23.40 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 278 150 L
Gen-wt LMPs 2563 5.26 Buy 13.76 Ave Load-wt LMP 201 §5_ . 3 as0
Gen_ 273 H é 2 o
Total  16.49 g8 =0 3 o
£ £ 300
o = 1234567 89101112
Net Revenue -11.23 ($ millions)
Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse 604 GWh S T A (1% SaesPrice eeeses PorchasePrie Revenue Increase ($ millions)
Regional Market Generation i 1,997 GWh 604 GWh z 3@ 030
1,618 GWh 225 GWh Net Long (Sales) g w 025 2
225 GWh 2 10 020 .
2
Change Change § °%° 015
Ave Sale Price 22.90 051 Revenue Change Costs  Change  Ave Purchase Price 2109 -1.69 g -100 010 A
Gen-wtLMPs 2565 0.02 515 011 Buy 1274 -1.02 Ave Load-wt LMP 249 152 8 200 | 005 [Bhsra by Bl: 28l
036 Gen_ 273 0.00 121 & oo |EliEliclmiSlier [SiiS &
g -3
-0.07 Total 1547 -1.02 019 £ . g
028 012 12 3 4 5 6 7 8 9 101112 123456 7 8 9101112
Net Revenue -10.325 ($ millions)

Figure A.5 RMR Current Trends: Run 5 Energy and Financial Flow Results

Net Revenue -17.364 ($ millions)

H Mt Elbert Bid Ad 5 .
Run#6 ‘é::‘:‘r,:':' Flex MWTG Losses |Fed Exempt| hm" MWTG Benefit -0.249 ($ millions)
Dry None 4.5% No 1.050
200 —Gen ——L03d .
1,230 GWh LAP Loads + Losse| 767 GWh AT A 1Y = Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh I 767 GWh 20 050 =
>3 S
123 GWh Net Long (Sales) £8 10 0.00
123 GWh 2 o = | B
o [HE G 5T g 2
Ave Sale Price 23.22 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 23.07 150 - 150 = j':f o
Gen-wt LMPs 26.01 2.85 Buy 17.70 Ave Load-wt LMP 201 5 _. 07| | 200 9
Gen__ 226 ] 2w ““'
T 100 €8 s 103 -
Total  19.96 5% H
£ T
0 0z 123456 7 8 9101112
Net Revenue -17.11 ($ millions)
Increase Under the Regional Market Structure
1,230 GWh LAP Loads +Losse 767 GWh [N Tad(:1NY SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation 1,997 GWh 767 GWh = ® 008
1,353 GWh 122 GWh Net Long (Sales) g am o -
2 g g a
122 GWh 2 5 002 s 8 z
Change § 509 oo [@eE B 33 3
Ave Sale Price 25.22 2.00 Revenue Change Costs  Change Ave Purchase Price 2372 064 2 oo (WIcE T s ° §
Gen-wt LMPs 25.99 -0.02 309 024 Buy 1819 049 Ave Load-wt LMP 2486 085 g 0.06 s
033 Gen 226 0.00 S 000 008 <
g -010
-0.08 Total 2045 0.49 2 e o1
027 123 456 7 8 9101112

Figure A.6 RMR Current Trends: Run 6 Energy and Financial Flow Results
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Ibe id Adj 3 e
Run#7 Hz::,:':’i::' M‘,L ™| MWTG Losses [Fed Exempt, im:r' MWTG Benefit 1.189 ($ millions)
Dry None 45% No 0.950
N Gen mmload
1,230 GWh LAP Loads + Losse 767 GWh [NEREACINN - e ° Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 767 GWh &z 0.50 <
1,353 GWh 123 GWh Net Long (Sales) z g B I. B 000 =
-644 GWh 123 GWh 2 o L H oy | o EE
1 9 101 12 10 UGG S Ty ¥
Ave Sale Price 2322 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 23.07 150 50 150 e 8 B
Gen-wt LMPs 26.01 2.85 Buy 17.70 Ave Load-wt LMP 2001 §_ e 0o | 200 .
Gen__ 226 s 2w o
Total 19.96 5= 0 I I I I I 0g
ECRLLLRELLLLLL o —
e 123456 7 8 9101112 - R
Net Revenue -17.11 ($ millions)
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse 767 GWh” Net Short (Buy] SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market Generation i 1,997 GWh 767 GWh 035
1,353 GWh 122 GWh Net Long (Sales) 030 -
122 GWh - s
Change Change. s
Ave Sale Price 282 -0.40 Revenue Change Costs  Change  Ave Purchase Price 2146 -161 P = B
Gen-wt LMPs 2599 -0.02 279 -005 Buy 1646 -1.24 Ave Load-wt LMP 249 -152 s |8 2 @ 3558,
033 Gen_ 226 0.00 121 oo C s s
-0.08 Total 1872 -1.24 -0.19 o5 s s
027 012 345678 90nun 123458785
Net Revenue -15.926 ($ millions)
Figure A.7 RMR Current Trends: Run 7 Energy and Financial Flow Results
Ibe id Adj . .
Run#8 H:::,:’::,:’:' M‘,L ™| MWTG Losses [Fed Exempt, i“:"‘ MWTG Benefit 1.260 ($ millions)
Wet None 4.5% No 1.050
o Gen =—mtload
1,836 GWh LAP Loads +Losse 161 GWh [NEEI e (-1 s - Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 161 GWh gz S00
2,987 GWh 1,151 GWh Net Long (Sales) £&xo a0
1,151 GWh g o - .-
1 405 678 910112 Lo % Ba o
Ave Sale Price 2281 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 2529 300 Yo 10| o - B
Gen-wt LMPs 24.10 26.26 Buy 4.08 Ave Load-wt LMP. 24.01 § — 00 - 0.00 2 it
Gen_ 513 b S w2 Rg
Total  9.21 £ 80 03 s 2
& HBEY
”'711(6,89101117“3 12345678 9101112
Net Revenue  17.04  ($ millions) ——
Increase Under the Regional Market Structure
1,836 GWh LAP Loads +Losse 161 GWh [NEE e d(:NY SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation 1,997 GWh 161 GWh = 3%0 il
egional Marke [ £ 300 o
P 2,987 GWh 1,151 GWh Net Long (Sales) S 250 050 2
990 GWh 1,151 GWh ? ::2 040 =
Change Change § , o0 030 w
Ave Sale Price 24.02 1.20 Revenue Change Costs  Change  Ave Purchase Price 2607 078 £ 050 020 . mBE. . .
Gen-wt LMPs 24.02 -0.08 27.64 139 Buy 421 0.3 Ave Load-wt LMP 2486 085 $ 000 010 B B BE <
041 Gen_513 000 & 050 T = PR
-0.19 Total 934 0.13 %':gg ool B s s
-0.30 2 3 456 7 8 91011 12 123 456 7 8 9101112
Net Revenue 18.304 ($ millions)

Figure A.8 RMR Current Trends: Run 8 Energy and Financial Flow Results
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Ibe id Adj 3 e
Run#9 Hz::,:':’i::' M‘,L ™| MWTG Losses [Fed Exempt, im:r' MWTG Benefit -0.972 ($ millions)
Wet None 4.5% No 0.950
. Gen mmload
1,836 GWh LAP Loads + Losse| 161 Gwh [RIdchl . _— ; Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 161 GWh &z o 5.00
2,987 GWh 1,151 GWh Net Long (Sales) g:S, 200 4.00
990 GWh 1,151 GWh g o - .-
123456780 0nR iTEE .
Ave Sale Price 2281 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 25.29 300 o 100 | o8 - B
Gen-wt LMPs 24.10 26.26 Buy 4.08 Ave Load-wt LMP. 24.01 5 — 00 - 0.00 2 it
s i oE w2 a5
Total 921 5% H ?
£ $  aw
0 0z 123456 7 89101112
Net Revenue  17.04 (S millions)
Increase Under the Regional Market Structure
1,836 GWh LAP Loads + Losse b3 Net Short (Buy] SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 [ 1,997 GWh I 161 GWh =™ 030
Net Po: 2,987 GWh 1,151 GWh Net Long (Sales) § 100 020 =
990 GWh 1,151 GWh 2 om0 e 3 82
Change change § g P ] |k
Ave Sale Price 21.73 -1.08 Revenue Change Costs  Change Ave Purchase Price 2359 -170 2 020 A || A
Gen-wt LMPs 2.02 008 2501 -125 Buy 381 -027 Ave Load-wt LMP 2249 152 § 20 om0 °
0.41 Gen_ 513 0.00 121 % 300 a0 §
-0.19 Total 894 -0.27 019 £ N
-4.00 50
-030 012 12 3 4 5 6 7 8 91011 12 123456 7 8 9101112
Net Revenue 16.072  ($ millions)
Figure A.9 RMR Current Trends: Run 9 Energy and Financial Flow Results
Ibe id Adj . s
Run #10 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit 1.381 ($ millions)
Average Full 4.5% No 1.000
o Gen ——tload
1,245 GWh LAP Loads +Losse 752 GWh [NEE A (-0 s - Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh I 752 GWh 2= 150
324 GWh Net Long (Sales) § ggn, 100
H 050 g
000
Ave Sale Price 2693 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 21.08 ?i; eSSl Rgle
Gen-wt LMPs 27.62 871 Buy 1586 Ave Load-wt LMP 20 5 _ o " -
Gen_ 264 23 200 s
Total 1850 52
£ 250
1234567891011
Net Revenue  -9.79  ($ millions)
Increase Under the Regional Market Structure
1,165 GWh LAP Loads +Losse 832 GWh INE# LN SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation 1,997 GWh 832 GWh = 025
1,555 GWh 390 GWh Net Long (Sales) 2w o %
390 GWh ? 1.00 °
Change § 0 o 4 o =
Ave Sale Price 28.03 110 Revenue Change Costs  Change  Ave Purchase Price 2009 -1.00 2 S 0w e - EE
Gen-wt LMPs 2830 067 1092 220 Buy 1671 0.85 Ave Load-wt LMP 2368 -0.34 g 100 g = MElE
119 Gen_ 262 -0.02 015 £ 00 oos |8/= B - 5
-0.06 Total 1933 082 025 £ o oo L s
-0.46 0.4 12 3 4 5 6 7 8 9 101112 123456 7 8 9101112
Net Revenue -8.408 ($ millions)

Figure A.10 RMR Current Trends: Run 10 Energy and Financial Flow

Results
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Net Revenue -14.776 ($ millions)

T id Adj 5 e
Run#11 "z:';:’::i:’:' M‘;“ ™| MWTG Losses |Fed Exempt] im:r' MWTG Benefit 1.414 ($ millions)
Dry Full 45% No 1.000
o — e ——l02d -
1,040 GWh LAP Loads + Losse| 957 GWh ST d(:I & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 957 GWh &z 050 =
1,290 GWh 250 GWh Net Long (Sales g:S, 100 0.00 =
-707 GWh 250 GWh H oso (NN [ O
1o (8 ASENE e Sl
Ave Sale Price 26.25 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 2152 150 150 [&8 3
Gen-wt LMPs 283 6.56 Buy 20.60 Ave Load-wt LMP 201 §5_., 200 g
Gen_ 215 3% oo o
S 20 50 .
Total  22.75 5=
£ 3.00
0 123456 7 89101112
Net Revenue -16.19 ($ millions)
Increase Under the Regional Market Structure
988 GWh [VYICELRALEY] 1,009 GWh AL d ) SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market BT ENTNY [ 1,997 GWh [ 1,009 GWh 030
1,280 GWh 292 GWh Net Long (Sales) 025 N
292 GWh 020 °
Change Change oas =
Ave Sale Price 27.47 121 Revenue Change Costs  Change  Ave Purchase Price 2047 -1.05 =1 El W =l
Gen-wt LMPs 29.06 0.75 801 145 Buy 20.65 0.05 Ave Load-wt LMP 23.68 -0.34 010 2 b 3 =
119 Gen_ 214 -0.02 0.15 oos (& 5w . 2
001 Total 2279 0.04 025 oo 2 ss 8 s
-0.45 -0.24 1234567891001

Figure A.11 RMR Current Trends: Run 11 Energy and Financial Flow Results

H Mt Elbe Bid Ad . s
Run #12 eropower || MCMBIt | \wr Losses [Fed bxempt] 29 A% MWTG Benefit 1.020 ($ millions)
Wet Full 4.5% No 1.000
" —Gen ——L03d
1,670 GWh LAP Loads +Losse 327 GWh [NEEa (-0 s Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 327 GWh gz S00
2,938 GWh 1,268 GWh Net Long (Sales) £&xo a0 -
1,268 GWh S o LYY 8%
123456 7 8 91011 200 - -
22
Ave Sale Price 24.25 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 21.90 300 — sl 0 . w8 g s
Gen-wt LMPs 25.14 30.74 Buy 7.17 Ave Load-wt LMP 24.01 § 00 30 2 0.00 ~ =
Gen_ 505 83 oo NG 0 |3 ng
Total 1221 §=10 03 ? -
R __.||“§ 2.00 —
Net Revenue  18.53  ($ millions) ! P e s sy e s
Increase Under the Regional Market Structure
1,624 GWh LAP Loads +Losse 373 GWh [EETad(:NY SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation i 1,997 GWh EYEN = 050
P 2,924 GWh 1,300 GWh Net Long (Sales) § 200 oc0 2
927 GWh 1,300 GWh 2 10 o °
Change Change o oo [z @ 2Slz @S
Ave Sale Price 24.84 0.60 Revenue Change Costs  Change  Ave Purchase Price 2072 -119 2 0o |Sas 8 S s ss83
Gen-wt LMPs 2539 025 3229 155 Buy 772 055 Ave Load-wt LMP 2368 -0.34 g 100 o1 N 3
083 Gen_ 502 -0.02 015 £ 500 o0 S @
-0.19 Total 1274 053 025 £ .
300 030
-0.40 0.4 12 3 4 5 6 7 8 9 101112 123 456 7 8 9101112
Net Revenue 19.545 ($ millions)

Figure A.12 RMR Current Trends: Run 12 Energy and Financial Flow Results
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Net Revenue -12.852 ($ millions)

H Mt Elbe Bid Adj 3 e
Run#13 z:m:::' ‘m,‘ ™ | MWTG Losses |Fed Exempt anr‘ MWTG Benefit -1.618 ($ millions)
Average None 45% Yes 1.000
o — e ——l02d L
1,393 GWh LAP Loads + Losse| 604 GWh AT A 1Y & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 604 GWh &z 150
1,618 GWh 225 GWh Net Long (Sales) § S, 100 100 =
s 050 5
-380 GWh 225 GWh 2 o oo s
Ave Sale Price 23.40 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 2278 150 - 100 W8T Cll
Gen-wt LMPs 2563 526 Buy 13.76 Ave Load-wt LMP 201 §5_., w3 | 2
Gen_ 273 5< El |2 M
Total 16.49 £2 w0 0F 250
£ £ 3w
0 0z 123456 7 89101112
Net Revenue -11.23 ($ millions)
Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse 604 GWh I CIad (1% SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 [ 1,997 GWh I 604 GWh -8 7o
1,618 GWh 225 GWh Net Long (Sales) g ow S o .
225 GWh 2 4 000 =
8 EESNE  |EEET
Change Change § ;0 | -.. o TS R CE
Ave Sale Price 24.10 070 Revenue Change Costs  Change  Ave Purchase Price 2572 294 & § e
Gen-wt LMPs 25.65 0.02 542 0.16 Buy 15.54 178 Ave Load-wt LMP 314 g 00 020 L
0.36 Gen_ 273 0.00 015 € 00 030 o
-0.07 Total 1827 178 079 £ 00
-0.28 220 “
- - 2 3 456 7 8 9101 12 123456 7 8 9101112

Figure A.13 RMR Current Trends: Run 13 Energy and Financial Flow Results

Net Revenue -17.11 ($ millions)

be id Ad . e
Run #14 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit -2.223 ($ millions)
Dry None 4.5% Yes 1.000
o Gen —Load
1,230 GWh LAP Loads +Losse 767 GWh [NEEI e A (-0 s - Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh Il 767 GWh & - 20 050 s
123 GWh Net Long (Sales) E;g, 100 000 =
123 GWh 2 o oso [ENIIININE NI
o |SEENE S NEEEE
Ave Sale Price 23.22 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 23.07 150 - 150 = j':f Clie
Gen-wt LMPs 26,01 285 Buy 17.70 Ave Load-wt LMP n0 §_ 21| 200
£ 70 3 8
Gen_ 226 EH £l |2 &
Total 19.96 5 H
= 0 5 3.00

1234567 89101112

Regional Market

Generation

1,353 GWh

Ave Sale Price
Gen-wt LMPs

1,230 GWh LAP Loads + Losse| 767 GWh
1,997 GWh
122 GWh Net Long (Sales)
122 GWh
080 Revenue Change Costs  Change
0.02 294 010 Buy 2002 232
033 Gen_ 226 0.00
0.08 Total 2228 232
027

Net Revenue -19.337 ($ millions)

Net Short (Buy]

767 GWh

Ave Purchase Price
Ave Load-wt LMP

Ave. Price Increase ($/MWh)

°
3
3

Increase Under the Regional Market Structure
Revenue Increase ($ millions)

Sales Price purchase Price
000
oo (NN E
10 [ IS ¢ 3l ”
015 |8 0 .
020 3 g3
0 ¢ 3
030
035 g
3
-040
0as |
23456789 0u1R 1234567891011

Figure A.14 RMR Current Trends: Run 14 Energy and Financial Flow Results
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Run #15 Hydropower || MEEBCIt | 11 Losses [red Exempt| e MWTG Benefit -0.609 ($ millions)
Wet None 45% Yes 1.000
600 — e ——l02d L
1,836 GWh LAP Loads + Losse| 161 GWh R A I & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 161 GWh &z o 5.00
2,987 GWh 1,151 GWh Net Long (Sales) g:S, 200 2.00
990 GWh 1,151 GWh g o - .-
123456789001 00 % Ba a
Ave Sale Price 2281 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 25.29 300 o 100 | o8 - B
Gen-wt LMPs 24.10 26.26 Buy 4.08 Ave Load-wt LMP. 24.01 5 — 00 - 0.00 2 it
Gen_5.13 5% S a2 e
Total  9.21 £2100 03Z < o
£ £ 2w
0 0z 123456 7 89101112
Net Revenue  17.04 (S millions)
Increase Under the Regional Market Structure

1,836 GWh LAP Loads + Losse b3 Net Short (Buy] SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 [ 1,997 GWh I 161 GWh -8 050
Net Po 2,987 GWh 1,151 GWh Net Long (Sales) § 600 'i ;:‘ -
990 GWh 1,151 GWh 2 400 020 E
Change Change § 4 010 4
Ave sale Price 22.87 0.06 Revenue Change Costs  Change  Ave Purchase Price 2949 420 2 000 | — e —
Gen-wt LMPs 24.02 -0.08 2633 0.07 Buy 476 068 Ave Load-wt LMP 314 g 00 010153 58 S 238
041 Gen_ 513 000 015 € 00 o @ b
-019 Total 9.89 068 07 £ . oo
-030 220 12 3 4 5 6 7 8 91011 12 123456 7 8 9101112
Net Revenue 16.436  ($ millions)
Figure A.15 RMR Current Trends: Run 15 Energy and Financial Flow Results
Ibe id Ad . s
Run #16 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit 0.271 ($ millions)
Average None 5.0% No 1.000
o Gen ——tload
1,393 GWh LAP Loads +Losse 604 GWh [NEEI e (-0 s - Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh I 604 GWh & - 20 150
225 GWh Net Long (Sales) § ggn, 100 1.00 -
5 0.50 o
225 GWh 2 o 000 S
oo [z88 8 <2llal e
Ave Sale Price 23.40 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 278 150 BEETE pe M N
Gen-wt LMPs 25.63 5.26 Buy 13.76 Ave Load-wt LMP 24.01 _§_ 100 | e o3 150 2
Gen_ 273 3 | & 2° o
Total 16.49 52 %0 I 03250
0l kluly NEED)
e 123456 7 8 9 101112 - troes e s
Net Revenue -11.23 ($ millions)
Increase Under the Regional Market Structure
1,396 GWh LAP Loads +Losse 610 GWh [N eTa (-1 SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation 2,007 GWh 10 GWh 400 020
1,618 GWh 221 GWh Net Long (Sales) 015
221 GWh ]
Change 010
Ave Sale Price 24.09 0.68 Revenue Change Costs  Change  Ave Purchase Price 222 056 005 g
Gen-wtLMPs 2565 002 533 007 Buy 1357 -020 Ave Load-wt LMP 2368 034 gz g s |8z
036 Gen__ 273 0.00 015 000 = - =
-0.07 Total 16.29 -0.20 -0.25 005 3 § 2 3
028 0.4 123 456 7 8 9101112

Net Revenue

-10.962_($ millions)

Figure A.16 RMR Current Trends: Run 16 Energy and Financial Flow
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Hydropower | Mt Elbert Bid Adj 3 e
Run#17 Condition Flex MWTG Losses |Fed Exempt| - MWTG Benefit 0.232 ($ millions)
Dry None 5.0% No 1.000

—Gen ——Load

1,230 GWh LAP Loads + Losse 767 GWh LA (:N0) s Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 767 GWh &z 050 =
=2 <
1,353 GWh 123 GWh Net Long (Sales) 810 I 0.00
“aaa cwin o  Eem BEEREERE | T
1 9 10 11 12 Lo :5 = B ﬂmms
Ave Sale Price 2322 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 23.07 150 5 150 § 8 T
Gen-wt LMPs 26.01 2.85 Buy 17.70 Ave Load-wt LMP 000 §_ | 0o | 200 .
Gen_ 226 g s ; g
Total 1996 58 0 I I I g P
' s NRR A SR A NRA e fape —
123456 7 8 9101112 troes e Eo 0

Net Revenue -17.11 ($ millions)

Increase Under the Regional Market Structure

1,232 GWh LAP Loads + Losse 774 GWh LG SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 I—) 2,007 GWh I 774 GWh - 020
1,353 GWh 120 GWh Net Long (Sales) Z 01 =
120 GWh 2 50 o 3
Change Change § 1.00 005 < oo 8 @l
Ave Sale Price 24.01 0.79 Revenue Change Costs  Change  Ave Purchase Price 2261 -0.46 2 I H H S S8
Gen-wt LMPs 25.99 -0.02 289 004 Buy 17.51 -0.19 Ave Load-wt LMP 2368 -034 g 000 000 = T
033 Gen_ 226 0.00 015 & 100 005 g s
-0.08 Total 19.77 -0.19 -0.25 3 200 0.10
-0.27 -0.24 123456 7 8 9101112
Net Revenue -16.883 ($ millions)
Figure A.17 RMR Current Trends: Run 17 Energy and Financial Flow Results
Run #18 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit -0.093 ($ millions)
Wet None 5.0% No 1.000
o Gen —Load
1,836 GWh LAP Loads +Losse 161 GWh [NEEI e (-1 s - Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 161 GWh gz S00
2,987 GWh 1,151 GWh Net Long (Sales) £&xo a0
1,151 GWh g o - .-
123456785 wun]| a0 AT
Ave Sale Price 2281 Revenue ($ millions) Costs ($millions)  Ave Purchase Price  25.29 300 o | ofd - g8 ¢
Gen-wt LMPs 24.10 26.26 Buy 4.08 Ave Load-wt LMP. 24.01 § — 00 - 0.00 2 it
Gen_ 513 3 2 |l glje
Total  9.21 £8 w0 0g S :
g E a0
”'711(6,89101117“3 1234567891011
Net Revenue  17.04  ($ millions) ——

Increase Under the Regional Market Structure

1,843 GWh LAP Loads + Losse| 164 GWh [N ETad(:N) SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market |SCI\CIE1iTo1] [ 2,007 GWh 164 GWh = 040
P 2,987 GWh 1,144 GWh Net Long (Sales) $ w0 030 5
980 GWh 1,144 GWh 2 10 - . N
Change Change § 4 000 s 2
Ave Sale Price 2286 005 Revenue Change Costs  Change  Ave Purchase Price 284 -045 2 L F] kg 392 g
Gen-wt LMPs 24.02 -0.08 2615 -0.11 Buy 4.06 -0.02 Ave Load-wt LMP. 2368 -034 g 10 020 M e 9
041 Gen_ 513 0.00 < 20 030 .
-0.19 Total 919 -0.02 2 >
300 040
-0.30
1234567809 00u1R 1234567891001

Net Revenue 16.952 ($ millions)

Figure A.18 RMR Current Trends: Run 18 Energy and Financial Flow Results
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T id Adj 3 e
Run#19 Hz::,:':’i::' M‘,L ™| MWTG Losses [Fed Exempt, im:r' MWTG Benefit 1.479 ($ millions)
Average Full__|Brattle Loads|  No 1.000
o —en ——load o
1,359 GWh LAP Loads + Losse| 901 GWh ST d(:I & Monthly Net Revenue ($ millions)
Status Quo Generation i 2,260 GWh 901 GWh &z 0.50 2
1,568 GWh 209 GWh Net Long (Sales) g:S, 100 . Il . 0.00 =
-692 GWh 209 GWh : Wl L oso MNN[5S
1203 8 9 101 12 100 [N IS SIS
Ave Sale Price Revenue ($ millions) Costs ($millions)  Ave Purchase Price 2135 150 150 o Tg "
Gen-wt LMPs 5.60 Buy 19.24 Ave Load-wt LMP 201 §5_., 200 2 o
Gen 264 3% o0 &
o1 am €8 s .
Total  21.88 5=
£ 3.00
0 123456 7 89101112
Net Revenue -16.28 ($ millions)
Increase Under the Regional Market Structure
1,276 GWh LAP Loads + Losse 984 GWh LE LAY SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market BT ENTNY [ 2,260 GWh I 984 GWh 230 030
1,555 GWh 279 GWh Net Long (Sales) Z w0 02 =
279 GWh 2 100 020 &
Change change § 4y s
Ave Sale Price 27.97 1.20 Revenue Change Costs  Change  Ave Purchase Price 2030 -105 € . 8 58
Gen-wt LMPs 28.30 0.67 779 219 Buy 19.97 0.74 Ave Load-wt LMP 2368 -034 010 gy E P °
119 Gen_ 262 -0.02 015 005 [ @SS g
8s & S
-0.06 Total 2259 071 025 . s s
046 024 12 3 4 5 6 7 8 91011 12 123456 7 8 9101112
Net Revenue -14.802 ($ millions)
Figure A.19 RMR Current Trends: Run 19 Energy and Financial Flow Results
Tbe: id Adj . .
Run #20 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit 1.671 ($ millions)
Average Full 4.5% No 0.950
" Gen =—mtload
1,245 GWh LAP Loads +Losse 752 GWh [NEE A (-0 s - Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh I 752 GWh & - 20 150
324 GWh Net Long (Sales) § ggn, 100 100
§ 050 8
=3 0 =]
000
Ave Sale Price 26.93 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 21,08 150 ?i; eSSl Rgle
Gen-wt LMPs 27.62 871 Buy 1586 Ave Load-wt LMP 201 5 _. Lo " kK
Gen_ 264 83 . ]
Eep— €8 s 2.00
Total  18.50 5=
£ 250
0 123456 7 8 9101112
Net Revenue  -9.79  ($ millions)
Increase Under the Regional Market Structure
1,165 GWh LAP Loads +Losse 832 GWh INE# LN SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation 1,997 GWh 832 GWh = 035
1,555 GWh 390 GWh Net Long (Sales) 2 030 ;]
390 GWh 2 o 02 -
Change § _, o 020 s
Ave Sale Price 26.63 -0.30 Revenue Change Costs  Change  Ave Purchase Price 1908 -2.00 2 015 = 53
Gen-wt LMPs 2830 067 1037 166 Buy 1587 001 Ave Load-wt LMP 2249 -152 § 2% oo iEls N B
119 Gen_ 262 -0.02 -121 £ 300 o0s |88 °ss - 2 3
-0.06 Total 1849 -0.01 019 £ . oo ss s
-0.46 0.12 12 3 4 5 6 7 8 9 101112 123456 7 8 9101112
Net Revenue -8.119 ($ millions)

Figure A.20 RMR Current Trends: Run 20 Energy and Financial Flow Results

Western Area Power Administration
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Run #21 Hydropower || MEEBCIt | 11 Losses [red Exempt| e MWTG Benefit 2.825 ($ millions)
Average |AHist/CFulll  4.5% No 1.000
o —en ——load o
1,393 GWh LAP Loads + Losse| 604 GWh AT A 1Y & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 604 GWh &z 150
1,618 GWh 225 GWh Net Long (Sales) § S, 100 100 =
s 0.50 o
-380 GWh 225 GWh 2 o oo s
Ave Sale Price 23.40 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 2278 150 - 100 W8T Cll
Gen-wt LMPs 2563 526 Buy 13.76 Ave Load-wt LMP 201 §5_., w3 | 2
Gen_ 273 3% | | 2@ o
Total 16.49 £2 w0 0F 250
£ HBETY
0 0z 123456 7 89101112
Net Revenue -11.23 ($ millions)
Increase Under the Regional Market Structure
1,165 GWh LAP Loads + Losse 832 GWh LEELRAETY SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 [ 1,997 GWh I 832 GWh Z1om 060
1,555 GWh 390 GWh Net Long (Sales) i 030
390 GWh 2 o 040 :
Change Change § ., a0
Ave Sale Price 28.03 462 Revenue Change Costs  Change  Ave Purchase Price 2009 269 E o - =
Gen-wt LMPs 28.30 2.67 1092 5.66 Buy 1671 294 Ave Load-wt LMP 2368 -034 $ 020 Sl 3|8 b o
3.82 Gen_ 262 -0.11 0.15 o0 [EIE 'g ] 2
-0.19 Total 19.33 2.83 025 £ e | S -
097 024 3 456 7 8 9 1011 12 123456 7 8 9101112
Net Revenue  -8.408  ($ millions)
Figure A.21 RMR Current Trends: Run 21 Energy and Financial Flow Results
Run #22 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit 1.526 ($ millions)
Average Full 4.5% No 0.975
—Gen ——L03d

Status Quo

Generation [

26.93
27.62

Ave Sale Price
Gen-wt LMPs

1,245 GWh LAP Loads + Losse|
1,997 GWh

324 GWh Net Long (Sales)

Revenue ($ millions) Costs ($ millions)

752 GWh

Net Short (Buy) w0
I 752 GWh

Monthly Energy
(GWh)

Ave Purchase Price
Ave Load-wt LMP

21.08 150
24.01 0

50

Transaction
(GWh)

Monthly Net Revenue ($ millions)

150

100

050 3
3
000
oo |RISIENE 2 (83588
100 [ ’ =

2.00 o
250

1234567 89101112

Regional Market

Generation
1,555 GWh

Ave Sale Price
Gen-wt LMPs

871 Buy 1586
Gen_ 2.64
Total  18.50
Net Revenue  -9.79  ($ millions)
1,165 GWh LAP Loads + Losse|
1,997 GWh
390 GWh Net Long (Sales)
390 GWh
0.40 Revenue Change Costs  Change
067 1064 193 Buy 1629 043
119 Gen_ 262 -0.02
-0.06 Total 1891 0.0
-0.46
Net Revenue -8.263  ($ millions)

832 GWh

Net Short (Buy]

832 GWh -

2

<

&

g

Change §

Ave Purchase Price 19.58 -150 2
Ave Load-wt LMP 23.08 093 8
&

g

2

3.00

2.00

1.00

000

100

200

Increase Under the Regional Market Structure

Revenue Increase ($ millions)

Sales Price Purchase Price
030
025 5
S
020
015 @ N
o0 | S 8 °
F s 2 ac 2
g S 3
005 I8 B - g
000
12345678910u1

Figure A.22 RMR Current Trends: Run 22 Energy and Financial Flow Results

Western Area Power Administration
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H Mt Elbe Bid Adj 3 e
Run #23 z:m:::' ‘m,‘ ™ | MWTG Losses |Fed Exempt anr‘ MWTG Benefit 1.237 ($ millions)
Average Full 45% No 1.025
o —en ——load L
1,245 GWh LAP Loads + Losse| 752 GWh A A T & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 752 GWh &z 150
1,568 GWh 324 GWh Net Long (Sales) z & w B I l . 100 -
-429 GWh 324 GWh . L 050 8
12 3 4 5 6 7 8 9 1011 12 0.00 e = = | o
Ave Sale Price Revenue ($ millions) Costs ($millions)  Ave Purchase Price 21.08 150 — Gy o ?:: s S SEcRgle
Gen-wt LMPs 871 Buy 1586 Ave Load-wt LMP 201 §5_., 0F g " K
Gen__2.64 e 0 Ly s
Total 18.50 §= I 03 |
g vl S E s
]]Z]1r6789]U]]AZ < 123456789101u10
Net Revenue  -9.79  ($ millions) >
Increase Under the Regional Market Structure
1,165 GWh LAP Loads + Losse 832 GWh LEELRAETY SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 [ 1,997 GWh I 832 GWh =3 020
1,555 GWh 390 GWh Net Long (Sales) § 200 s 2
2 s g 3
390 GWh 2 o o -
Change Change § 010 3 o
Ave Sale Price 28.73 1.80 Revenue Change Costs  Change Ave Purchase Price 2059 -0.50 2 gq0 - g 5 2 a3 E
Gen-wt LMPs 2830 067 1119 248 Buy 17.12 126 Ave Load-wt LMP 2427 025 8 oos | 8 ° s
119 Gen_ 262 -0.02 083 & -100 2 o g
-0.06 Total 19.74 124 027 £ s 3
2.00 0.00
046 -030 12 3 4 5 6 7 8 91011 12 123456 7 8 9101112
Net Revenue  -8.553  ($ millions)

Figure A.23 RMR Current Trends: Run 23 Energy and Financial Flow Results

H Mt Elbert Bid Ad 5 .
Run #24 e avert | MWTG Losses |Fed Exempt| e MWTG Benefit 1.092 ($ millions)
Average Full 4.5% No 1.050
200 —Gen ——L03d .
1,245 GWh LAP Loads + Losse| 752 GWh AT AT = Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh I 752 GWh & - 20 150
>3
324 GWh Net Long (Sales) £35 10 100
§ 050 8
=3 0 =]
000
oso [EE NG < SIS N
Ave Sale Price 26.93 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 21.08 150 o sele S Slgcdge
Gen-wt LMPs 27.62 871 Buy 1586 Ave Load-wt LMP 201 5 _. Lo " kK
Gen_ 264 g N 8
— 28 5 200
Total  18.50 5=
£ 250
0 123456 7 8 9101112
Net Revenue  -9.79  ($ millions)
Increase Under the Regional Market Structure
1,165 GWh LAP Loads +Losse 832 GWh INE# LN SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation 1,997 GWh 832 GWh = ® 025
1,555 GWh 390 GWh Net Long (Sales) Z s o 5
390 GWh 2 200 g]
Change § ;4 o
Ave Sale Price 2043 250 Revenue Change Costs  Change  Ave Purchase Price 2100 000 2 010 a8 o
33 8|
Gen-wt LMPs 2830 0.67 1146 275 Buy 17.54 168 Ave Load-wt LMP 2486 085 g 0 Bl = E
119 Gen_ 262 -0.02 = 100 005 1, 18 = & . EE 5
g 3 s ]
-0.06 Total 2016 1.66 2 s s s
200 000
-0.46 12 3 4 5 6 7 8 9 101112 123456 7 8 9101112
Net Revenue -8.698 ($ millions)

Figure A.24 RMR Current Trends: Run 24 Energy and Financial Flow Results

Western Area Power Administration
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H Mt Elbe Bid Adj 3 e
Run#25 dropower || MCSBRIt | \wr Losses [red exempt| 29 A% MWTG Benefit -0.209 ($ millions)
Wet Full 45% No 0.950
600 — e ——l02d L
1,670 GWh LAP Loads + Losse| 327 GWh EE AT & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 327 GWh &z o 5.00
2,938 GWh 1,268 GWh Net Long (Sales) g:S, 200 4.00 o
941 GWh 1,268 GWh 2 o e LY 89
1 3 456 7 8 9101112 200 “ 38 g
Ave Sale Price 24.25 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 21.90 300 — sl w0 . | g g S
Gen-wt LMPs 25.14 30.74 Buy 7.17 Ave Load-wt LMP 24.01 5 0 30 3 0.00 — it
Gen_ 505 s NG 0[S a9
Total 1221 =10 03 ? -
= o Il B 0 EEH L I I 0 5 200
]] 34567891001 = 123456 7 89101112
Net Revenue 18.53  ($ millions) >
Increase Under the Regional Market Structure
1,624 GWh LAP Loads + Losse 373 GWh LG SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market BT ENTNY [ 1,997 GWh I 373 GWh o 030
Net Po 2,924 GWh 1,300 GWh Net Long (Sales) § 1.00 020 M o
927 GWh 1,300 GWh 2 o o E SEE
Change change § g oo | B ) ze
Ave Sale Price 23.60 -0.64 Revenue Change Costs  Change Ave Purchase Price 19.68 -222 2 020 A i < -
Gen-wtLMPs 2539 025 3067 -007 Buy 733 017 Ave Load-wt LMP 249 -152 om0 £
0.83 Gen_ 502 -0.02 121 i 3
-0.19 Total 1236 0.14 -0.19 050
-0.40 0.12 123456 7 8 9101112
Net Revenue 18.317 ($ millions)

Figure A.25 RMR Current Trends: Run 25 Energy and Financial Flow Results

H Mt Elbe Bid Ad . .
Run#26 ‘é::‘:‘r,:':' ‘m, " | MWTG Losses [Fed Exempt| hm,‘ MWTG Benefit 0.405 ($ millions)
Wet Full 4.5% No 0.975
" —Gen ——L03d
1,670 GWh LAP Loads +Losse 327 GWh [NEEa (-0 s Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 327 GWh gz S00
2,938 GWh 1,268 GWh Net Long (Sales) £&xo a0 -
1,268 GWh S o LYY 8%
1 3456 7 8 9101112 200 - -
2l B
Ave Sale Price 24.25 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 21.90 300 — sl 0 . w8 g s
Gen-wt LMPs 25.14 30.74 Buy 7.17 Ave Load-wt LMP 24.01 § 00 30 2 0.00 ~ =
Gen_ 505 83 " NG 0 |3 ng
Total 1221 §=10 03 ? -
= 0 | B 0 5 2.00
Net Revenue  18.53  ($ millions) ! P e s sy B oot erroeme
Increase Under the Regional Market Structure
1,624 GWh LAP Loads +Losse 373 GWh [EETad(:NY SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation i 1,997 GWh EYEN = 040
P 2,924 GWh 1,300 GWh Net Long (Sales) w0 030 %
927 GWh 1,300 GWh 2 o P M. .m.
9 000 o0 |3 5 H: =B
Change Change § o e B HEE
Ave Sale Price 24.22 -0.02 Revenue Change Costs  Change  Ave Purchase Price 2020 -171 £ 400 o | 2 5 2
Gen-wt LMPs 25.39 0.25 3148 074 Buy 7.53 0.36 Ave Load-wt LMP 23.08 -093 8 . 020 T M- i
083 Gen_ 502 -0.02 < 200 030 3
-0.19 Total 1255 034 H >
300 040
-0.40 2 3 456 7 8 91011 12 123 456 7 8 9101112
Net Revenue 18.931 ($ millions)

Western Area Power Administration

Figure A.26 RMR Current Trends: Run 26 Energy and Financial Flow Results
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Run#27 Hydropower || MEEBCIt | 11 Losses [red Exempt| e MWTG Benefit 1.634 ($ millions)
Wet Full 45% No 1.025
600 —en ——load N
1,670 GWh LAP Loads + Losse| 327 GWh EE AT & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 327 GWh &z o 5.00
2,938 GWh 1,268 GWh Net Long (Sales) g:S, 200 2.00 o
941 GWh 1,268 GWh S o - 89
1234567891011 200 G o
Ave Sale Price 24.25 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 21.90 300 — sl w0 . o] g g B
Gen-wt LMPs 25.14 30.74 Buy 7.7 Ave Load-wt LMP 24.01 5 0 30 2 000 — =
Gen_ 505 s NG 0[S 28
Total 1221 =10 03 ? -
= o Il B 0 EEH III o ¥ 200 —
e 123456 7 8 9101112 - R
Net Revenue  18.53  ($ millions)
Increase Under the Regional Market Structure
1,624 GWh LAP Loads + Losse 373 GWh LG SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 [ 1,997 GWh I 373 GWh = 060
Net Po 2,924 GWh 1,300 GWh Net Long (Sales) g 050 P
927 GWh 1,300 GWh 2 200 o -
Change Change § 1% oo 3
Ave Sale Price 25.47 122 Revenue Change Costs  Change  Ave Purchase Price 2123 067 £ 000 oo |z =B B s s
Gen-wt LMPs 2539 025 33.09 236 Buy 791 075 Ave Load-wt LMP 2027 025 $ 100 000 |ousa® 8 sss8ss
083 Gen_ 502 -0.02 010
-0.19 Total 1293 0.72 020
-0.40 12 3 4 5 6 7 8 91011 12
Net Revenue 20.160 ($ millions)
Figure A.27 RMR Current Trends: Run 27 Energy and Financial Flow Results
Run #28 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit 2.248 ($ millions)
Wet Full 4.5% No 1.050
o Gen =—mtload
1,670 GWh LAP Loads +Losse 327 GWh [NEEa (-0 s - Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 327 GWh gz S00
2,938 GWh 1,268 GWh Net Long (Sales) £&xo 4o -
1,268 GWh S o LYY 8%
123456 7 8 91011 200 - -
2l B
Ave Sale Price 24.25 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 21.90 300 — sl 0 . w8 g s
Gen-wt LMPs 25.14 30.74 Buy 7.17 Ave Load-wt LMP 24.01 § 00 30 2 0.00 ~ =
Gen_ 505 3 oo NG 0 |3 ag
Total 1221 §=10 03 ? -
£ b o HBEY
”'711(6,89101117“3 12345678 9101112
Net Revenue 18.53  ($ millions) o
Increase Under the Regional Market Structure
1,624 GWh LAP Loads +Losse 373 GWh [EETad(:NY SaesPrice purchaseprice | REVENUe Increase ($ millions)
Regional Market Generation i 1,997 GWh EYEN = ® 070
Py 2,924 GWh 1,300 GWh Net Long (Sales) Z s 060 g
927 GWh 1,300 GWh 2 20 - -
Change Change § ;4 00 g
Ave Sale Price 26.09 184 Revenue Change Costs  Change  Ave Purchase Price 2175 015 £ 020 o B
Gen-wt LMPs 2539 0.25 3390 3.16 Buy 811 094 Ave Load-wt LMP 2486 085 g 00 |, ow |z g8 B Sl e o -
0.83 Gen_ 502 -0.02 S 100 000 o °sss=s
-0.19 Total 1313 092 H . 010 ]
-040 1 123ise7sswnn
Net Revenue 20.774 ($ millions)

Figure A.28 RMR Current Trends: Run 28 Energy and Financial Flow Results
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Run# 29 I I bt | MWTG Benefit 2.046 S millions)
a5 | we | ome |
1,080 GWh LAP Loads +Lasse EE RN Net Short (Buy) [ Monthly Net Revenue (S millions)
1,597 GWh —| 957 GWh S
1,290 GWh 250 GWh Net Long (Sales) 3 zZ.
250 GWh 2
Awe Sale Price 2.5 Revenue |4 millions) Caosts {$ millions) Awe Purchase Price 25
Gen-wtlLMPs 656 Buy 20.60 Ave Load-wt LMP
Gen__ 215
Towl 2275
e
Net Revenue -16.19 (S millions)
Increase Under the Regional Market Structure
988 GWh LAP Loads +Losse ERERI M Net Short (Buy) nue Increase ($ millions)
Generation 1,557 GWh B 1,009 GWh
1,280 GWh 252 GWh 5
Bve Sale Price Revenue Changs Costs N 4 o Ha
Gen-wtlMPs 761 Buy 12.62 g3 H b -
Gen 214 = e 3
Totnl 2176 -1 <
Net -14.144 (5 )

Figure A.29 RMR Current Trends: Run 29 Energy and Financial Flow Results

Net Revenue -14.460 ($ millions)

H Mt Elbert Bid Ad . s
Run #30 ‘é‘,’,:,‘:,’,,",:’:' Flex MWTG Losses |Fed Exempt, hm,‘ MWTG Benefit 1.730 ($ millions)
Dry Full 4.5% No 0975
o —en ——load
1,040 GWh LAP Loads +Losse 957 GWh [N d(:0 s Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh Il 957 GWh gz 050 -
EH S
250 GWh Net Long (Sales) £8 0.00
2 oso [IENININEN NS
oo (SIS S RIS
Ave Sale Price 2625 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 2152 150 [ =
Gen-wt LMPs 28.32 656 Buy 20.60 Ave Load-wt LMP 001 §_ 200 5
Gen 215 5% . K
o 23 5
Total 2275 52
£ 300
1234567891011
Net Revenue -16.19 ($ millions)
Increase Under the Regional Market Structure
988 GWh (EVIGELEEIGESS 1,009 GWh NE# LAY SaesPrice seseee purchaseprice | REVENUE Increase ($ millions)
Regional Market Generation 1,997 GWh 1,009 GWh = 035
1,280 GWh 292 GWh Net Long (Sales) S w0 030 o
292 GWh ? 1.00 025 -
Change § 0y 020 -
Ave Sale Price 26.78 053 Revenue Change Costs  Change  Ave Purchase Price 1996 -156 £ o1 | piSie £
Gen-wt LMPs 29.06 075 781 125 Buy 2014 -0.46 Ave Load-wt LMP 2308 -093 g 100 010 jle 5 3 c
119 Gen_ 214 -0.02 053 & 200 005 |° - 2
001 Total 2227 -0.48 022 & ss s -
200 000
045 018 12 3 4 56 7 8 91011 12 123456 7 8 9101112

Figure A.30 RMR Current Trends: Run 30 Energy and Financial Flow Results

Western Area Power Administration
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T id Adj 5 e
Run#31 Hz::,:':’i::' M‘,L ™| MWTG Losses [Fed Exempt, im:r' MWTG Benefit 1.098 ($ millions)
Dry Full 45% No 1.025
o — e ——l02d o
1,040 GWh LAP Loads + Losse| 957 GWh ST d(:I & Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh 957 GWh &z 0.50 =
1,290 GWh 250 GWh Net Long (Sales) g:S, 100 0.00 =
-707 GWh 250 GWh I oso (NI I A
1o (8 ASENE e Sl
Ave Sale Price 26.25 Revenue ($ millions) Costs ($millions)  Ave Purchase Price 2152 150 150 [ R
Gen-wt LMPs 283 6.56 Buy 20.60 Ave Load-wt LMP 201 §5_., 200 <
Gen_ 215 3% oo o
eea—— €8 s .
Total  22.75 5=
£ 3.00
0 123456 7 89101112
Net Revenue -16.19 ($ millions)
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse NNV M Net Short (Buy)] SdesPrice eeeses PorchasePrice Revenue Increase ($ millions)
Regional Market (IS E 0 [ 1,997 GWh Il 1,009 Gwh - 0z
1,280 GWh 292 GWh Net Long (Sales) Z . -
292 GWh 2 200 g
Change change § 4 o 0
Ave Sale Price 28.15 1.90 Revenue Change Costs  Change Ave Purchase Price 2098 -053 2 0.10 = il
Gen-wt LMPs 29.06 0.75 821 165 Buy 2117 0.57 Ave Load-wt LMP 2427 025 3 0% 3 gl =6l
119 Gen_ 214 -0.02 083 & 00 ™ S 2
001 Total 2330 055 027 £ s s s s
2.00 0.00
045 -030 12 3 456 7 8 9101112 123456 7 8 9101112
Net Revenue -15.092 ($ millions)
Figure A.31 RMR Current Trends: Run 31 Energy and Financial Flow Results
Tbe: id Adj 5 .
Run #32 Hydropower | MEHBSTt | 1w Losses [Fed Exempt| et MWTG Benefit 0.782 ($ millions)
Dry Full 4.5% No 1.050
" Gen =—mtload
1,040 GWh LAP Loads +Losse 957 GWh [N d(:0 s - Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh I 957 GWh & - 20 050 ”
250 GWh Net Long (Sales) E;g, 100 000 =
250 GWh g o oso (MG 1o Em "
100 (S 5 EHel Elels
Ave Sale Price 26.25 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 2152 150 150 [& SR
Gen-wt LMPs 2832 6.56 Buy 20.60 Ave Load-wt LMP 201 5 _. 200 c
Gen_ 215 e g L 8 b
eea—— €8 s =3 -
Total 22.75 52 I I ] I I I I I 02
£ T
0 123 9101 12 0z 123456 7 8 9101112
Net Revenue -16.19 ($ millions)
Increase Under the Regional Market Structure
988 GWh (EVIGELEEIGESS 1,009 GWh NE# LAY SaesPrice purchaseprice | REVENUE Increase ($ millions)
Regional Market Generation 1,997 GWh = ® 018
1,280 GWh 292 GWh Net Long (Sales) Z s o s
< 2.00 0.12 - d
g 010 & -
Change § o 0.08 b El
Ave Sale Price 28.84 2.59 Revenue Change Costs  Change Ave Purchase Price 2150 -0.02 2 0.06 g g S x
Gen-wt LMPs 29.06 0.75 841 185 Buy 21.69 1.09 Ave Load-wt LMP 2486 085 g 000 004 < S| - H =
119 Gen_ 214 -0.02 = 100 ooz 2Bz 3
0.01 Total 2382 107 E o
045 1234567809 00u1R T234567890un

Net Revenue -15.408 ($ millions)

Figure A.32 RMR Current Trends: Run 32 Energy and Financial Flow Results

Western Area Power Administration
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Attachment B

High Gas Price Future: RMR Financial Model Result Synopsis

Net Revenue -15.271 ($ millions)

Hydropower | MtEbert | MWTG | Fed | BidAd) . —
Run#1 Condition Flex Losses | Exempt | Factor MWTG Benefit 0.198 ($ millions)
Average None 4.5% No | 1.000
o [ ——
1,393 GWh LAP Loads + Losse [N\ Rc'V Wl Net Short (Buy s v Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 604 GWh & _w S0
Net Position] 1,618 GWh 225 GWh Net Long (Sales) 5 3 w00 100 K
80 GWh 225 GWh 2 o oo
o [gEE S ZEEGgE
Ave Sale Price 38.17 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 35.28 150 0 4 ’ Al
Gen-wt LMPs 41.84 8.57 Buy 21.32 Ave Load-wt LMP 0.00 §‘m w2 200 n
Energy 52.72 Gen 273 Energy 000 & g * IR °
Congestion 6.11 Total 24.04 Congestion ooo| 5= I I I I I I I I “g oo
Losses -4.78 Losses oow| T o ]]i‘sflgaykl"‘703 1234567891011
Net Revenue -15.47  ($ millions) ———
Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse I\ Nc' /|l Net Short (Buy] SdesPrice eeeees Purchase Price Revenue Increase ($ millions)
Regional Market (SIS EATToN} 1,997 GWh I 604 GWh 2 5® 030
— 400
Net Position 1,618 GWh 225 GWh Net Long (Sales) I o m
-380 GWh 225 GWh 20 00| s el zas
Change § ;4 oo LB & B SBs
Ave Sale Price 4021 204 Revenue Change Costs  Change Ave Purchase Price 3571 043 B (o e = 3 2
Gen-wt LMPs 43.29 1.45 903 046 Buy 2157 026  Aveload-wtLMP 000 000 8 o (s 38 H 3
Energy 53.10] 038 Gen_ 273 000 [nergy 000 000 &7 02
Congestion -5.19 092 Total 2430 026  |Congestion 000| 000 % '3 w0 s
Losses -4.62 015 Losses 0.00| 0.00 N Y 5 6 7 8 o 0nn st s e

Figure B.1 RMR High Gas Price Future: Run 1 Energy and Financial

Flow Results

Net Revenue -25.493 ($ millions)

Hydropower | MtElbert | MWIG | Fed | BidAd) 3 L
Run#2 Condition Flex Losses | Exempt | Factor MWTG Benefit -0.026 ($ millions)
Dry None 4.5% No | 1.000
1,230 GWh LAP Loads + Losse [SRLYR Ml Net Short (Buy) [N Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh — GWh £ =20 _
Net Position| 1,353 GWh 123 GWh Net Long (Sales) 8w . .. . s
-644 GWh 123 GWh s o Hl= Il
123456789 011
Ave Sale Price 37.65 Revenue ($ millions) Costs ($ millions) Ave Purchase Price 36.27 150 —Buy sl
Gen-wt LMPs 4243 461 Buy 27.82 Ave Load-wt LMP 000 8 o | I e,
Energy 53.40] Gen_ 2.26 Energy §§ AL BN
Congestion -6.30 Total 30.08 Congestion ooo| &= I I I I I I I I I I
£
Losses -4.66| Losses 0.00 o R T ' R 3450650000
Net Revenue -25.47 ($ millions) =
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse W LYR"/i\l Net Short (Buy] SalesPrice  eeeenn purchaseprice | REVENUE Increase ($ millions)
Regional Market [ECENTEITNY I 1,997 GWh I GWh o 6w 015
et 5.00
Net Position 1,353 GWh 122 GWh Net Long (Sales) g 010
3 5
-644 GWh 122 GWh 2 300 o
Change Change § 200 0o
Ave Sale Price 39.94 229 Revenue Change Costs  Change Ave Purchase Price 3667 040 £ 100 o010
Gen-wt LMPs 43.90 147 489 028 Buy 2812 030 Ave Load-wt LMP 000 000 g 0% . 4
Energy 53.67] 0.27 Gen 226 0.0 Energy 000] 000 & 100 020 3
Congestion -5.25 1.05 Total Congestion 000| 000 % ; Sg s
Losses 452 0.14 Losses 000]  0.00 1 3456 7 8 9101112 1234567881011

Figure B.2 RMR High Gas Price Future: Run 2 Energy and Financial Flow Results

Western Area Power Administration
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Hydropower Mt Elbert MWTG Fed Bid Adj
Run#3 Condition Flex Losses | Exempt | Factor

Wet None 4.5% No 1.000

MWTG Benefit 1.896 ($ millions)

1,836 GWh LAP Loads + Losse 161 GWh LEE G
Status Quo Generation [ 1,997 GWh 161 GWh
2,987 GWh 1,151 GWh Net Long (Sales)
1,151 GWh
Ave Sale Price 36.16 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3837
Gen-wt LMPs 38.60 41.62 Buy 6.19 Ave Load-wt LMP
Gen_ 513
Total 11.33

Net Revenue  30.30  ($ millions)

Transaction
(GWh)

Monthly Energy
(6Wh)

(Umn/$)ao0d

Monthly Net Revenue ($ millions)

2.00

0.00

200

4.00

1,836 GWh LAP Loads + Losse 161 GWh LEEGIad(:10
1,997 GWh 161 GWh

Regional Market

Net Position| 1,151 GWh Net Long (Sales)
990 GWh 1,151 GWh
Ave Sale Price 37.84 1.67 Revenue Change Costs  Change Ave Purchase Price 38.56
Gen-wt LMPs 40.07 1.47 4355 193 Buy 622 003 Ave Load-wt LMP 0.00
Energy 50.06 084 Gen_ 513 0.00 Energy 0.00
Congestion -5.26] 0.55 Total 11.36 0.03 Congestion 0.00|
Losses -4.73 008 Losses 0.00

Change
0.20
0.00
0.00
0.00
0.00

Net Revenue 32.195 ($ millions)

Ave. Price Increase ($/MWh)

Increase Under the Regional Market Structure

Revenue Increase ($ millions)

0.80
0.70
0.60
050
0.40
030
0.20
0.10
0.00
010

Figure B.3 RMR High Gas Price Future: Run 3 Energy and Financial

Hydropower | MtEbert | MWIG | Ffed | BidAd) S o
Run#4 Condition Flex Losses | Exempt | Factor MWTG Benefit -0.429 ($ millions)
Average None 4.5% No | 1.050

Flow Results

1,393 GWh LAP Loads + Losse 604 GWh LEH LIad(:10

Status Quo I—) 1,997 GWh B 60s Gwh

Net Position| 1,618 GWh 225 GWh Net Long (Sales)
380 GWh 225 GWh

Ave Sale Price 3817 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 35.28
Gen-wt LMPs 4184 8.57 Buy 2132 Ave Load-wt LMP 0.00
Energy 5272 Gen_ 273 Energy 0.00)
Congestion 611 Total  24.04 Congestion 0.00
Losses -4.78 Losses 0.00]

Transaction

Net Revenue -15.47 ($ millions)

Monthly Energy
(GWh)

(GWh)
(4mn/s)ooug

Monthly Net Revenue ($ millions)

1,393 GWh LAP Loads + Losse 604 GWh REE Gl
1,997 Gwh R — 604 GWh
225 GWh Net Long (Sales)
225 GWh
Ave Sale Price 4.05 Revenue Change Costs  Change Ave Purchase Price 37.50
Gen-wt LMPs 145 9.48 091 Buy 2265 134 Ave Load-wt LMP 0.00
038 Gen_ 273 000 Energy
092 Total 2538 134 Congestion

015 Losses
Net Revenue -15.898 ($ millions)

g 8

Ave. Price Increase ($/MWh)

Increase Under the Regional
Reve

0.40
030
0.20
0.10
0.00
010
020
030
040
050

Figure B.4 RMR High Gas Price Future: Run 4 Energy and Financial Flow Results

Western Area Power Administration

B.96
338
486
521

071

174

016

154

091
202

206

141

333

nue Increase ($ millions)

035

0.03
0los
0.01

XD
-0.08

0.08
0.02
-ofi2

037




Hydropower | MtElbert | MWTG | Fed | BidAd) . p—
Run#5 Condition Flex Losses | Exempt | _Factor MWTG Benefit 0.825 ($ millions)
Average None 4.5% No | 0950
o —Gen e Load
1,393 GWh LAP Loads + Losse [N\l Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 604 GWh gz 200
1,618 GWh 225 GWh Net Long (Sales) E:é 100 1.00 ®
225 GWh g 0 000
~®% 8 38 s
A ; e e N o EEEET - EE
e Sale Price 38.17 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 35.28 150 B = SIS
Gen-wt LMPs 41.84 8.57 Buy 21.32 Ave Load-wt LMP S _ o2 2.00 -
00 |, S R ?
Gen_ 273 23 1 G 300 -
Total 2404 52 %0 I I 03Z
R e s
Net Revenue -15.47 ($ millions) P e e o
Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse lN{\EN' /|l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
Regional Market 1,997 GWh 604 GWh oo 0z
3.00
Net Position| 225 GWh Net Long (Sales) § 200 01s <
380 GWh 225 GWh 2 100 3
Change § 000 o0 =B !
Ave Sale Price 38.20 0.03 Revenue Change Costs  Change Ave Purchase Price 3392 136 £ 100 oo | 1 ail= g °
Gen-wt LMPs 43.29 145 858  0.01 Buy 2050 -0.82  Ave Load-wtLMP 000 000 3 2% g gg-° g
Energy 53.10| 0.38 Gen_ 273 0.00 Energy 0.00] 0.00 ;‘“" 0.00 =
Congestion -5.19 0.92 Total 2322 -0.82  |Congestion 000| o000 % : 22 oo 3
Losses -4.62 015 Losses 0.00]  0.00 123456 7 8 910112 2345678 9101112

Net Revenue -14.644 ($ millions)

Figure B.5 RMR High Gas Price Future: Run 5 Energy and Financial

Flow Results

Net Revenue -26.654 ($ millions)

Hydropower | MtEbert | MWIG | Ffed | BidAd) S o
Run#6 Condition Flex Losses | Exempt | Factor MWTG Benefit -1.188 ($ millions)
Dry None 4.5% No | 1.050
1,230 GWh LAP Loads + Losse WY\l Net Short (Buy, s Monthly Net Revenue ($ millions)
Status Quo [ 1,997 GWh I 767 GWh 2w o0
Net Position] 1,353 GWh 123 GWh Net Long (Sales) & 00
644 GWh 123 GWh 2 0 050
100 s & K s
w | EmalE 3E e 8
Ave Sale Price 37.65 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3627 150 0 L oo (SIS P
Gen-wt LMPs 42.43 461 Buy 27.82 Ave Load-wt LMP 000 §_ .. o5 250 :
Energy 53.40) Gen 226 Energy 0.00 §§ % 3.00
Congestion -6.30 Total 30.08 Congestion ooo| &% °2 j Dg
Losses -4.66 Losses ool T o E 12345678 0w0D0
Net Revenue -25.47 ($ millions)
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse| 767 GWh LEE LI SalesPrice  »eesss Purchase Price Revenue Increase ($ millions)
[ 1,997 awh R | 7 GWh 2 80 020
7.00
122 GWh Net Long (Sales) 2l 010 5
2 e
122 GWh ‘é 500 000 |y T oy
Change Change § 400 oo [@IREG SESSTE
Ave Sale Price 4.29 Revenue Change Costs  Change Ave Purchase Price 3850 223 £ 300 020 |
Gen-wt LMPs 1.47 514 052 Buy 2953 171 Ave Load-wt LMP 000 000 g 200 030 E
027 Gen_ 226 0.00 Energy 000 & Lo 00 e
1.05 Total 3179 171 Congestion 000 & N
0.14 L 000 e
g osses - 1234567891011 1234567891010

Figure B.6 RMR High Gas Price Future: Run 6 Energy and Financial Flow Results

Western Area Power Administration
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Hydropower | MtElbert | MWTG | Fed | BidAd) . p—
Run#7 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.135 ($ millions)
Dry None 4.5% No | 0950
1,230 GWh LAP Loads + Losse IV YR\ /Ml Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 7 GWh £ =20 100 _
Net Position| 1,353 GWh 123 GWh Net Long (Sales) g:é 100 ”: B
644 GWh 123 GWh 2 o 050
-1.00 - B
s [CEEEE EE RS
Ave Sale Price 37.65 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3627 150 L 2o [BES . B
Gen-wt LMPs 2243 461 Buy 27.82 Ave Load-wt LMP S_ o2 250 (& N =
T T 00 | Laetee, w08 & :
Gen_ 226 53 (2 Er 2 aw a
Total 30.08 5= I I I I I g | 350
O RN AU A NN A e
o1y 123 456 7 8 9101112 = Prsas e s s ony
Net Revenue -25.47 ($ millions)
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse WY M"\ll Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
i 5.00 -
Regional Market I 1,997 GWh 7 GWh T 0 o
Net Position| 1,353 GWh 122 GWh Net Long (Sales) 2 300
644 GWh 122 GWh < igz
Change Change § o
Ave Sale Price 37.94 030 Revenue Change Costs  Change Ave Purchase Price 3483 143 £ 40
Gen-wt LMPs 43.90 1.47 465 003 Buy 2672 -110  AveLoad-wtLMP 000 000 8 -200
Energy 53.67 027 Gen_ 226 0.00 Energy 000] 000 & 300
Congestion -5.25 1.05 Total 28.98 Congestion 000| o000 2 ;’ Zg
Losses -4.52 014 Losses 0.00 0.00 12 3 45 6 7 8 9 1011 12 2 3 5 6 7 8 9 101112
Net Revenue -24.331 ($ millions)
Figure B.7 RMR High Gas Price Future: Run 7 Energy and Financial Flow Results
Hydropower | MtEbert | MWIG | Ffed | BidAd) . o
Run#8 Condition Flex Losses | Exempt | Factor MWTG Benefit 3.762 ($ millions)
Wet None 4.5% No | 1.050
0 [e—— N
1,836 GWh LAP Loads + Losse (-3 Wc' Tl Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo [ 1,997 GWh I 161 GWh 2 _ w0 oo
Net Position 2,987 GWh 1,151 GWh Net Long (Sales) &0 ™ m
B =
990 GWh 1,151 GWh g o - S
12345678 9101010 35 B
Ave Sale Price 36.16 Revenue ($ millions) Costs ($ millions) Ave Purchase Price 3837 200 — By e R AE
Gen-wt LMPs 38.60 41.62 Buy 619 Ave Load-wt LMP 000 §_,. ez 0
Energy 49.22 Gen 513 Energy 0.00 §§ ) % b0 |2 -
Congestion -5.81 Total 11.33 Congestion o00| &= 2 2 e
Losses -4.81 Losses ool T o - 34r:7xn:q:15203 L2 s 256780000
Net Revenue  30.30 ($ millions) e =
Increase Under the Regional Market Structure
1,836 GWh LAP Loads + Losse -3 Wec';ll Net Short (Buy] SalesPrice eeeees Purchase Price Revenue Increase ($ millions)
1,997 Gwh R — 161 GWh g 120
1,151 GWh Net Long (Sales) 2 00 100 o
s M e
1,151 GWh g 5 ou )
Change § 490 040 A5l [HE
Ave Sale Price 357 Revenue Change Costs  Change Ave Purchase Price 4049 213 g 300 o |z gl SR -
Gen-wt LMPs 1.47 4573 411 Buy 654 034 Ave Load-wt LMP 0.00 000 § 20 3 000 s|s sl s
084 Gen_ 513 0.00 000 & 1% 0 |3 e
055 Total 1167 0.34 000 & NN @<
0.08 000 e
: : 12 3 4 5 6 7 8 9 1011 12 123456 7 8 9101112
Net Revenue 34.062 ($ millions)

Figure B.8 RMR High Gas Price Future: Run 8 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAdj 5 T
Run#9 Condition Flex Losses | Exempt | _Factor MWTG Benefit 0.029 ($ millions)
Wet None 4.5% No | 0950
o —Gen e Load
1,836 GWh LAP Loads + Losse I -3 Wc 'l Net Short (Buy] % 00 Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 161 GWh £ =0 800
2,987 GWh 1,151 GWh Net Long (Sales) g:g, 200 .00 u
=
1,151 GWh : _— pER
1234567809 10uD 5 &gk
00 © o B
Ave Sale Price 36.16 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3837 300 . o 2 o e
Gen-wt LMPs 38.60 41.62 Buy 6.19 Ave Load-wt LMP S_ L2 000
£ £ 200 w03
Gen_ 513 5z % 2w
Total 11.33 5 =10 0z
£ £ a0
0 oz 1234567891011
Net Revenue  30.30  ($ millions) P e e
Increase Under the Regional Market Structure
1,836 GWh LAP Loads + Losse (-5 W<' T\l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
Regional Market 1,997 GWh 161 GWh = 40 050
3.00
Net Position| 1,151 GWh Net Long (Sales) R 040
990 GWh 1,151 GWh 2 100 -
change § 000
Ave Sale Price 35.94 -0.22 Revenue Change Costs  Change Ave Purchase Price 36.64 -173 2 100 000
Gen-wt LMPs 40.07 147 4137 -025 Buy 591 -028  Aveload-wtLMP 000 000 g 20 010
Energy 50.06] 0.84 Gen_ 513 0.00 Energy 0.00] 0.00 ;‘“" 020
Congestion -5.26] 055 Total  11.05 Congestion 000| o000 % : 22 a0
Losses 473 0.08 Losses 0.00) 0.00 12 3 45 6 7 8 9 1011 12 23456 7 8 9101112
Net Revenue 30.329 ($ millions)

Figure B.9 RMR High Gas Price Future: Run 9 Energy and Financial

Flow Results

Hydropower | MtElbert | MWTG | Fed | BidAd) . o
Run #10 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.283 ($ millions)
Average Full 4.5% No | 1.000
0 [ —— N
1,151 GWh LAP Loads + Losse [:ZT:Nc' T\l Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo [ 1,997 GWh I 846 GWh 2w 200
Net Position] 1,541 GWh 390 GWh Net Long (Sales) &
456 GWh 390 GWh 2 o
Ave Sale Price 4519 Revenue ($ millions) Costs ($ millions) Ave Purchase Price 29.90 150 0
Gen-wt LMPs 4851 17.62 Buy 25.29 Ave Load-wt LMP 000 §_ .. 05
Energy 59.78 Gen 259 Energy 0.00 §§ %
Congestion -5.08 Total 27.88 Congestion ooo| &% 2 H
Losses -6.19 Losses oo T o 0 3
Net Revenue -10.27 ($ millions)
Increase Under the Regional Market Structure
1,097 GWh LAP Loads + Losse lI 1|l Net Short (Bu SuesPrice +eee- purchaseprice | REVENUE Increase ($ millions)
1,997 GWh — 900 GWh o 050
434 GWh Net Long (Sales) E ¥
2 400 0.40 2
434 GWh ‘é 3.00 °
Change § 200 030
Ave Sale Price 323 Revenue Change Costs  Change Ave Purchase Price 2037 -052 g 100 020 5 5
Gen-wt LMPs 2.50 2102 3.40 Buy 2643 114 Ave Load-wt LMP 0.00 000 § 00 . I owEE e
171 Gen_ 258 -0.02 _|[Energy 0.00 :"“" 0 g € ° s 33s°3
0.76 Total 2900 1.12 Congestion 000 £ *° e 12 s
-3.00
0.03 Losses 0.00 123456789111 123456789001
Net Revenue -7.984 ($ millions)

Figure B.10 RMR High Gas Price Future: Run 10 Energy and Financial Flow Results

Western Area Power Admi

nistration
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Hydropower | MtElbert | MWTG | Fed | BidAdj . p—
Run#11 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.003 ($ millions)
Dry Full 4.5% No | 1.000
o Gen Lo
1,040 GWh LAP Loads + Losse lCLY RGN/l Net Short (Buy s —_ - Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 957 GWh £z 100
Net Po: n| 1,290 GWh 250 GWh Net Long (Sales) g:g, ‘" 5
707 GWh 250 GWh H e -
woo (RN 68 NI OO 8
Ave Sale Price 45.16 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price Lo [ H | .
Gen-wt LMPs 49.58 11.29 Buy 29.77 Ave Load-wt LMP s 3 200 (8 2 o
Gen_ 215 3 g % 250 b
Total 3192 5% ER
"~ g o 3 8 9 10 2
2 1234567 10111
Net Revenue -20.64 ($ millions)
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse @ RENC'T /|l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
[ Y Generation 1,997 GWh _ ,009 GWh 2 8 00
Net Po. n| 1,280 GWh 292 GWh Net Long (Sales) § 6.00 035 e
-717 GWh 292 GWh 2 40 g:” )
Change § 2.00 020 | |8 8
Ave Sale Price 4862 3.46 Revenue Change Costs  Change Ave Purchase Price 3041 -069 2 o | 28 % m e
Gen-wt LMPs 52.45 2.87 1418  2.90 Buy 30.68 091 Ave Load-wt LMP 000 000 & 0.00 010 = 3 e S5
Energy 63.13 1.83 Gen_ 214 002 [nergy . 000 £ 500 oos | s <8
Congestion -4.34 1.04 Total 3282 0.89 Congestion 000| o000 £ oo o 18 S s
Losses 634 0.00 Losses 000] 0.00 123456 78 9101112 2345678910112
Net Revenue -18.634 ($ millions)
Figure B.11 RMR High Gas Price Future: Run 11 Energy and Financial Flow Results
Hydropower | MtEbert | MWIG | Ffed | BidAd) . o
Run #12 Condition Flex Losses | Exempt | Factor MWTG Benefit 3.824 ($ millions)
Wet Full 4.5% No_ | 1.000
0 [ E—— N
1,606 GWh LAP Loads + Losse lETYNC Il Net Short (Buy] s - Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 391 GWh 2w oo
Net Position 2,910 GWh 1,304 GWh Net Long (Sales) &
913 GWh 1,304 GWh 2 o -

12 3 45 6 7 8 910112

Ave Sale Price 40.46 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 30.59 300 — By sel

Gen-wt LMPs 42.05 52.76 Buy 1195 Ave Load-wt LMP 000 5. 2
Energy 52.86 Gen_ 5.00 Energy 000 §% >
Congestion 5.26 Total  16.95 Congestion ooo| 58 03
Losses -5.56] Losses 000 T o 0

Net Revenue  35.81 (S millions) Pt e s s e

Increase Under the Regional Market Structure

1,580 GWh LAP Loads + Losse S V' J Net Short (Buy) SalesPrice eeeess purchaseprice | REVENUE Increase ($ millions)

Regional Market [SBCI\ [ g-141s)1} [ 1,997 GWh 417 GWh - 8o 0.90
Net Position 2,901 GWh 1,321 GWh Net Long (ales) i o
904 GWh 1,321 GWh ‘é 3.00 0.60
Change Change § 200 050
Ave Sale Price 43.13 267 Revenue Change Costs  Change Ave Purchase Price 2063 -095 g 100 040
Gen-wt LMPs 44.06 2.01 56.98 4.23 Buy 1237 0.42 Ave Load-wt LMP 0.00 000 § 00 030
154 Gen__ 498 -0.02 000 & 10 00
0.46 Total 17.35 0.40 0.00 3; :g :;:

0.02 0.00 12 3 4 5 6 7 8 9 1011 12 123456 7 8 9101112

Net Revenue 39.631 ($ millions)

Figure B.12 RMR High Gas Price Future: Run 12 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAd) X -
Run#13 Condition Flex Losses | Exempt | Factor MWTG Benefit -6.099 ($ millions)
Average None 45% | ves | 1000
. Gen —to
1,393 GWh LAP Loads + Losse [N\l Net Short (Buy s = - Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 604 GWh g2 200
1,618 GWh 225 GWh Net Long (Sales) E:g, 100 1.00 ]
225 GWh g 0 000
N PEEREREEEPE
Ave Sale Price 38.17 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 150 Y Lol hol | S8~
Gen-wt LMPs 4184 857 Buy 2132 Ave Load-wt LMP 5 _ 3
£z | w03
Gen_273 is : £
Total 24.04 5% %0 I 0z
L R e
Net Revenue -15.47 ($ millions) P e e

Regional Market

Net Position|
-380 GWh

Ave Sale Price
Gen-wt LMPs
Energy
Congestion
Losses

Generation
1,618 GWh

1,393 GWh LAP Loads + Losse 604 GWh
1,997 GWh
225 GWh Net Long (Sales)

225 GWh

Revenue Change Costs  Change Ave Purchase Price
9.03 046 Buy 27.87 656  Ave Load-wtLMP
Gen_ 273 000 [Energy
Total 30.60 6.56 Congestion
Losses

Net Short (Buy]
604 GWh

46.13
0.00

Net Revenue -21.568 ($ millions)

Ave. Price Increase ($/MWh)
8

5.00

Increase Under the Regional Market Structure

Revenue Increase ($ millions)

SalesPrice  +evees Purchase Price.

020

0.00

020

1

23456

78 910112 234

5678 9101112

Figure B.13 RMR High Gas Price Future: Run 13 Energy and Financial Flow Results

Net Revenue -33.402 ($ millions)

Hydropower | MtEbert | MWIG | Ffed | BidAd) S o
Run#14 Condition Flex Losses | Exempt | Factor MWTG Benefit -7.935 ($ millions)
Dry None 45% | ves | 1.000
1,230 GWh LAP Loads + Losse WY\l Net Short (Buy, s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I GWh 2w o0
Net Position] 1,353 GWh 123 GWh Net Long (Sales) & : El
44 GWh 123 GWh 3 0
10 (MEES EINE s
Ave Sale Price 37.65 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price  36.27 150 . o [AEEg. B 25"
Gen-wt LMPs 42.43 4.61 Buy 27.82 Ave Load-wt LMP 000 §_ .. 2 aw :
Energy 53.40) Gen 226 Energy 0.00 §§ % 3.00
Congestion -6.30 Total 30.08 Congestion ooo| &% °2 j Dg
Losses 4.66 Losses ool T o E 1234567890010
Net Revenue -25.47 ($ millions)
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse W {-yc"";\ Net Short (Buy] SalesPrice seseee Purchase Price Revenue Increase ($ millions)
Regional Market [[RCEITY e T 1,997 GWh — GWh 000 Fx
Net Po. 1,353 GWh 122 GWh Net Long (Sales) § 15.00 0.20 3 2 g z
B3
644 GWh 122 GWh 2 00 g o
2 1000 38
Change § = | s Al
Ave Sale Price 39.94 229 Revenue Change Costs  Change Ave Purchase Price 4698 1071 € 590 3 33
Gen-wt LMPs 43.90 147 489 028 Buy 3603 821  Aveload-wtLMP 000 000 8 5
0.27 Gen__ 226 0.00 000 & 000 120 .
105 Total 3829 821 oo § Lo
014 0.00 1 3 4 5 6 7 8 9 1011 12 123456 7 8 9101112

Figure B.14 RMR High Gas Price Future: Run 14 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAdj 5 T
Run#15 Condition Flex Losses | Exempt | _Factor MWTG Benefit -0.018 ($ millions)
Wet None 4.5% Yes | 1.000
o —Gen e Load
1,836 GWh LAP Loads + Losse I -3 Wc 'l Net Short (Buy] % 00 Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh GWh £ =0 800
2,987 GWh 1,151 GWh Net Long (Sales) g:g, 200 .00 u
=
1,151 GWh : - pER
12345678 910110 Gl
2.00 .y S
Ave Sale Price 36.16 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3837 300 B 2 o =
Gen-wt LMPs 38.60 41.62 Buy 6.19 Ave Load-wt LMP 0.00 éAm 2 0.00 - 1
Gen_ 513 55 LARET AL B
Total 11.33 5 =10 2
£ £ a0
012345’7?!?“\1]12 = Prsas e s s ony
Net Revenue  30.30  ($ millions) -
Increase Under the Regional Market Structure
1,836 GWh LAP Loads + Losse (-5 W<' T\l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
Regional Market [SCT (& 14lo1] 1,997 GWh 161 GWh 00 080
Net Po. n| 2,987 GWh 1,151 GWh Net Long (Sales) § 15.00
990 GWh 1,151 GWh %mou
Change §
Ave Sale Price 37.84 1.67 Revenue Change Costs  Change Ave Purchase Price 5042 1206 £ 500
Gen-wt LMPs 40.07 147 4355 193 Buy 814 195 Ave Load-wt LMP 000 000 8 2
Energy 50.061 0.84 Gen_ 513 0.00 Energy 0.00 ; 0.00 L]
Congestion -5.26 055 Total 1327 195 Congestion 00 2 N
Losses 4.73 0.8 Losses 0.00) 0.00 12 3 45 6 7 8 9101112 23456 7 8 9101112
Net Revenue 30.281 ($ millions)

Figure B.15 RMR High Gas Price Future: Run 15 Energy and Financial Flow Results

Net Revenue -15.670 ($ millions)

Hydropower | MtElbert | MWTG | Fed | BidAd) 5 -
Run #16 Condition Flex Losses | Exempt | Factor MWTG Benefit -0.201 ($ millions)
Average None 5.0% No | 1.000
0 [ —— L
1,393 GWh LAP Loads + Losse lR-{\ENc' Tl Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 604 GWh 2w o0
Net Position| 1,618 GWh 225 GWh Net Long (Sales) .E:E 100 1.00 S
80 GWh 225 GWh 2 o 000
. " " , o @EENS IESEER
Ave Sale Price 38.17 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 35.28 150 - s S
Gen-wt LMPs 41.84 857 Buy 21.32 Ave Load-wt LMP 000 §_ .. s 20 2
Energy 52.72 Gen_ 273 Energy oo0] §3 G a0 G
Congestion -6.11 Total 24.04 Congestion ooo| &% 2 2 e
Losses 4.78 Losses ool T o 03 P,
Net Revenue -15.47 ($ millions)
Increase Under the Regional Market Structure
1,396 GWh LAP Loads + Losse I Uil Net Short (Buy] SalesPrice eeeess purchaseprice | REVENUE Increase ($ millions)
Regional Market [[RCEITY e T 2,007 GWh — 610 GWh o s o
4.00
Net Po. 1,618 GWh 221 GWh Net Long (Sales) § 200 020
2
389 GWh 221 Gwh 2 w| . JH. L.
Change g 100 000 = = S S e
Ave Sale Price 40.18 201 Revenue Change Costs  Change Ave Purchase Price 3577 049 £ 00 A 2 s 18
Gen-wt LMPs 43.29 145 889 031 Buy 21.83 051 Ave Load-wt LMP 0.00 000 & 71'00 R R S A A
038 Gen_ 273 000 000 & 020 i
092 Total 2456 0.51 000 Z 030
3.00 030
015 0.00 12 3 4 5 6 7 8 9 1011 12 123456 7 8 9101112

Figure B.16 RMR High Gas Price Future: Run 16 Energy and Financial Flow Results
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Net Revenue -25.893 ($ millions)

Hydropower | MtElbert | MWTG | Fed | BidAd) . p—
Run #17 Condition Flex Losses | Exempt | Factor MWTG Benefit -0.426 ($ millions)
Dry None 5.0% No | 1.000

1,230 GWh LAP Loads + Losse IV YR\ /Ml Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 7 GWh g2 100
Net Position 1,353 GWh 123 GWh Net Long (Sales) Fgw o
644 GWh 123 GWh 2 o 050
-100
Ave Sale Price 37.65 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 36.27 150 B e
Gen-wt LMPs 42.43 461 Buy 27.82 Ave Load-wt LMP §_ 03 | | 250

2100 [Liene, w03
Gen_ 226 s % el = -3.00
Total 30,08 52 %0 I I I I I I I 0g 30
el Lanl "
Net Revenue -25.47 ($ millions) e
Increase Under the Regional Market Structure
1,232 GWh LAP Loads + Losse W FZ N\l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
Regional Market [ERCEITIEXIET — 2,007 GWh 774 GWh _ 5%
500 .
Net Position| 1,353 GWh 120 GWh Net Long (Sales) § 200 005
654 GWh 120 GWh 2 50 o
Change Change § 200 010
Ave Sale Price 39.92 227 Revenue Change Costs  Change Ave Purchase Price 3672 045 g 100 o015
Gen-wt LMPs 43.90 147 480 019 Buy 2843 061  Aveload-wtLMP 000 000 8 0% 020 3
Energy 53.67 0.27 Gen_ 226 0.00 Energy 0.00] 0.0 ;‘”" o005 .

Congestion -5.25 1.05 Total 30.70 0.61 Congestion 000| o000 % ; 22 00

Losses -4.52 014 Losses 0.00] 0.00 L 2345678 0000 4 s s s e

Figure B.17 RMR High Gas Price Future: Run 17 Energy and Financial Flow Results

Hydropower | MtElbert | MWTG Fed | BidAdj . .
Run#18 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.501 ($ millions)
Wet None 5.0% No 1.000
1,836 GWh LAP Loads + Losse (-3 Wc' Tl Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo \I— 1,997 GWh I 161 GWh 2w oo
Net Position 2,987 GWh 1,151 GWh Net Long (Sales) &0 ™ m
B =
990 GWh 1,151 GWh g o - S
1234567890010 G -,
00 o |8 8
Ave Sale Price 36.16 Revenue ($ millions) Costs ($ millions) Ave Purchase Price 3837 200 — By e R AE
Gen-wt LMPs 38.60 41.62 Buy 619 Ave Load-wt LMP 000§ _,. s 0w
Energy 49.22 Gen_ 5.13 Energy oo0] g% G 2w |8 3
Congestion -5.81 Total 11.33 Congestion o00| &= 2 2 e
Losses -4.81 Losses ool T o Sl § L2 s 256780000
Net Revenue  30.30 (S millions) Pt e s s e

Ave Sale Price
Gen-wt LMPs

164 GWh

<

1,843 GWh LAP Loads + Losse|

2,007 GWh

1,144 GWh

Net Long (Sales)
1,144 GWh

1.65 Revenue Change Costs  Change Ave Purchase Price
147 43.24 162 Buy 631 012 Ave Load-wt LMP
084 Gen_ 513 0.00

055 Total 1144 0.12

0.08

Net Revenue 31.800 ($ millions)

Net Short (Buy]
164 GWh

Increase Under the Regional

Market Structure

Revenue Increase ($ millions)

SalesPrice  ««+«+« Purchase Price
6.00
£ s00 o
3 070
2 400 0.60 3
‘é 300 050 e
0.40
g 200
Change g o
023 g 1o 020 2 -
0.00 -E B
0.00 § 010 H = e =
0.00 & 100 0.00
g -2.00 010 [§°8 s '8
000 £ 7% oo 153 S 2
0.00

1234567891011

Figure B.18 RMR High Gas Price Future: Run 18 Energy and Financial Flow Results
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Net Revenue

-18.627 ($ millions)

Hydropower | MtElbert | MWTG | Fed | BidAdj . T
Run #19 Condition Flex Losses | Exempt | _Factor MWTG Benefit 2.159 ($ millions)
Average Full _ prattle Load] No | 1.000
o —Gen e Load
1,270 GWh LAP Loads + Losse lCETINGI M Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 2,260 GWh 990 GWh £z 100
Net Position| 1,541 GWh 271 GWh Net Long (Sales) g:g, 050 =
H 000
719 GWh 271 GWh s 050 . R 8
100 (IS S 2
Ave Sale Price 44.54 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 30.56 L o (S | |
Gen-wt LMPs 48.51 12.07 Buy 30.26 Ave Load-wt LMP EAW 03 2.00 f & E
Gen_ 259 §§ % 250 g
Total 32.85 5= 0z 20 .
£ £ 3%
L L2 12345678 00un
Net Revenue -20.79  ($ millions) -
Increase Under the Regional Market Structure
1,213 GWh LAP Loads + Losse iKY\l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
Regional Market 2,260 GWh _ 1,047 GWh 2 -
Net Position| 318 GWh Net Long (Sales) Z 500 o
729 GWh 318 GWh < ‘;gz 025
Change § g, 020
Ave Sale Price 48.05 351 Revenue Change Costs  Change Ave Purchase Price 2094 -062 £ 100 015
Gen-wt LMPs 51.02 2.50 1530 3.23 Buy 3135 1.09 Ave Load-wt LMP 0.00 000 3 000 010
Energy 61.50 171 Gen 258 Energy 000 000 & 100 2:;
Congestion -4.32 0.76 Total 3392 1.07 Congestion 000| o000 2 ; Zg o0
Losses 616 003 Losses om| o i iiscraewnn s:lserssmun

Figure B.19 RMR High Gas Price Future: Run 19 Energy and Financial Flow Results

Hydropower | MtElbert | MWTG | Fed | BidAd) . o
Run #20 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.553 ($ millions)
Average Full 4.5% No | 0950
0 [ —— N
1,151 GWh LAP Loads + Losse [:ZT:Nc' T\l Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo [ 1,997 GWh I 846 GWh 2w 200
Net Position] 1,541 GWh 390 GWh Net Long (Sales) &
456 GWh 390 GWh 2 o
Ave Sale Price 45.19 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 29.90 150 o
Gen-wt LMPs 4851 17.62 Buy 25.29 Ave Load-wt LMP 000 §_ .. 05
Energy 59.78 Gen 259 Energy oo0] & g %
Congestion -5.08 Total 27.88 Congestion ooo| &% 2 H
Losses -6.19 Losses oo T o 0 3
Net Revenue -10.27 ($ millions)
Increase Under the Regional Market Structure
1,097 GWh LAP Loads + Losse IVl T;ll Net Short (Buy] SalesPrice eeeees Purchase Price Revenue Increase ($ millions)
I 1,997 GWh — 900 GWh £
434 GWh Net Long (Sales) L399
S 2
434 GWh ‘é 100
Change Change § 0.0
Ave Sale Price 0.80 Revenue Change Costs  Change Ave Purchase Price 27.90 -199 g 100
Gen-wt LMPs 2.50 19.97 235 Buy 2511 -0.19 Ave Load-wt LMP 0.00 000 § 200 |
171 Gen_ 258 -0.02 000 & 3%
076 Total 27.68 -0.20 000 £ : :g
0.03 0.00 12 3 4 5 6 7 8 9 1011 12 123456 7 8 9101112
Net Revenue -7.713  ($ millions)

Figure B.20 RMR High Gas Price Future: Run 20 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAdj 5 T
Run#21 Condition Flex Losses | Exempt | Factor MWTG Benefit 7.485 ($ millions)
Average  |AHist/CFull] 4.5% No | 1.000
200 —Gen e Load L
1,393 GWh LAP Loads + Losse - \ENCVl Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 604 GWh gz
1,618 GWh 225 GWh Net Long (Sales) %:3
225 GWh H
Ave Sale Price 38.17 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 35.28 B
Gen-wt LMPs 4184 857 Buy 2132 Ave Load-wt LMP §_ o 2
BEI00 | liee, e[ 408
Gen_ 273 5z “ [
Total  24.04 52 % I I 032
I RN N AR A
Net Revenue -15.47 ($ millions) P e e
Increase Under the Regional Market Structure
1,097 GWh LAP Loads + Losse TN\l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
i 20.00
Regional Market 1,997 GWh 900 GWh g 0.90
Net Position| 434 GWh Net Long (Sales) S 100 ij 2 -
& - g
466 GWh 434 GWh 1000 s s 2 - .
Change § 5% oso | puiMSIE SIS
Ave Sale Price 10.25 Revenue Change Costs  Change Ave Purchase Price 2037 -591 £ 000 040 [l Sl -
Gen-wt LMPs 9.18 2102 1245 Buy 2643 5.11 Ave Load-wt LMP 000 000 8 500 030 |3 °
Energy 8.77 Gen 258 Energy 000 000 € 00 zfg
Congestion 1.79 Total 29.00 4.9 Congestion 00| 000 2 0o
Losses 138 Losses 0.00 0.00 12 3 45 6 7 8 9 1011 12 2 3 5 6 7 8 9 101112
Net Revenue -7.984 ($ millions)

Figure B.21 RMR High Gas Price Future: Run 21 Energy and Financial Flow Results

Hydropower | MtElbert | MWTG | Fed | BidAd) . o
Run #22 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.418 ($ millions)
Average Full 4.5% No | 0975
0 [ —— N
1,151 GWh LAP Loads + Losse [:ZT:Nc' T\l Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo [ 1,997 GWh I 846 GWh 2w 200
Net Position] 1,541 GWh 390 GWh Net Long (Sales) &
456 GWh 390 GWh 2 o
Ave Sale Price 45.19 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 29.90 150 0
Gen-wt LMPs 4851 17.62 Buy 25.29 Ave Load-wt LMP 000 §_ .. 05
Energy 59.78 Gen__2.59 Energy ooo] £% %
Congestion -5.08 Total 27.88 Congestion ooo| &% 2 H
Losses -6.19 Losses oo T o 0 3
Net Revenue -10.27 ($ millions)
Increase Under the Regional Market Structure
1,097 GWh LAP Loads + Losse IVl T;ll Net Short (Buy] SalesPrice eeeees Purchase Price Revenue Increase ($ millions)
1,997 Gwh R — 900 GWh o 040
434 GWh Net Long (Sales) 20 035
S 3
434 GWh 2 2m e
Change § 100 o0
Ave Sale Price 2.02 Revenue Change Costs  Change Ave Purchase Price 2864 -126 g 000 015
Gen-wt LMPs 2.50 2049 2.88 Buy 2577 0.48 Ave Load-wt LMP 0.00 000 § 100 010
171 Gen_ 258 -0.02 [Energy 0.00 :'2“" oos
0.76 Total 2834 046 Congestion 000 £ 3 o0
-4.00
0.03 Losses 0.00 123456789111 123456789001
Net Revenue -7.849 ($ millions)

Figure B.22 RMR High Gas Price Future: Run 22 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAd) 5 T
Run #23 Condition Flex Losses | Exempt | _Factor MWTG Benefit 2.147 ($ millions)
Average Full 4.5% No | 1.025
o —Gen e Load
1,151 GWh LAP Loads + Losse [E:-VTNGI /M Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 846 GWh £ =20 300
1,541 GWh 390 GWh Net Long (Sales) 5 g 200
§
390 GWh 2 o 100 i
Ave Sale Price 45.19 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 29.90 150 B o0 282 3 NTEEE
Gen-wt LMPs 48.51 17.62 Buy 25.29 Ave Load-wt LMP EAW 05 100 EHSFC I < il | K
Gen__ 2559 55 |y % 20 o
Total 27.88 5= I 0z :
£ ERT
01 oz 1234567891011
Net Revenue -10.27  ($ millions)
Increase Under the Regional Market Structure
1,097 GWh LAP Loads + Losse TN\l Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
Regional Market 1,997 GWh 900 GWh = 0.60
600
Net Position| 434 GWh Net Long (Sales) § 00 050 u
466 GWh 434 GWh 2 400 0.40 e
Change § 300 030
Ave Sale Price 49.63 4.4 Revenue Change Costs  Change Ave Purchase Price 3011 021 g 200 020 5 8
Gen-wt LMPs 51.02 250 2155 3.93 Buy 27.09 1.80 Ave Load-wt LMP 000 000 g 100 010 |2 |88 PR
Energy 61.50| 171 Gen_ 2.58 Energy 000] 000 & 0.00 oo [EIN Sssss
Congestion 432 0.76 Total 29.66 178 Congestion 000| o000 % i 22 o0 2
Losses -6.16] 0.03 Losses 000] 0.00 234567809 10UR 2345678091011
Net Revenue -8.119 ($ millions)

Figure B.23 RMR High Gas Price Future: Run 23 Energy and Financial Flow Results

Hydropower | MtEbert | MWIG | Ffed | BidAd) . o
Run #24 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.012 ($ millions)
Average Full 4.5% No | 1.050
0 [ —— N
1,151 GWh LAP Loads + Losse [:ZT:Nc' T\l Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo [ 1,997 GWh I 846 GWh 2w 200
Net Position] 1,541 GWh 390 GWh Net Long (Sales) & 200
456 GWh 390 GWh g o g
3
S
Ave Sale Price 45.19 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 29.90 150 0 o TEnE
Gen-wt LMPs 4851 17.62 Buy 2529 Ave Load-wt LMP 000 §_ .. wr HTRB° - BST
Energy 59.78 Gen 259 Energy 0.00 §§ % 200 8
Congestion -5.08 Total 27.88 Congestion ooo| &% 2 2 e :
£
Losses -6.19 Losses 0.00| 0 0o 5 TS
Net Revenue -10.27 ($ millions)
Increase Under the Regional Market Structure
1,097 GWh LAP Loads + Losse IVl T;ll Net Short (Buy] SalesPrice eeeees Purchase Price Revenue Increase ($ millions)
I 1,997 GWh — 900 GWh e 070
434 GWh Net Long (Sales) 2l o
2 e
434 GWh ‘é 5.00 0.0
Change Change § 400 030
Ave Sale Price 5.65 Revenue Change Costs  Change Ave Purchase Price 3084 095 2 300 020
Gen-wt LMPs 2.50 2207 445 Buy 27.75 2.46 Ave Load-wt LMP 0.00 000 § 20 010
1711 Gen_ 258 -0.02 000 & 100 o =
076 Total 3033 244 000 2 °° N G
0.03 000 e
: : 12 3 4 5 6 7 8 9 1011 12 123456 7 8 9101112
Net Revenue -8.254  ($ millions)

Figure B.24 RMR High Gas Price Future: Run 24 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAdj 5 T
Run #25 Condition Flex Losses | Exempt | _Factor MWTG Benefit 1.594 ($ millions)
Wet Full 4.5% No | 0950
00 —Gen e Load L
1,606 GWh [CAGECORAGEY] 391 GWh [ES A s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 391 GWh £ =0 800
2,910 GWh 1,304 GWh Net Long (Sales) g:g, 200 6.00 o
R
1,304 GWh g o - Fogs
12 3 s 6 7 8 9 10 11 12 2 g d
Ave Sale Price 40.46 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 30.59 100 — Buy sl Y 200 2 -8
Gen-wt LMPs 42.05 52.76 Buy 11.95 Ave Load-wt LMP 0.00 § — 00 03 0.00 -
Gen_ 5.00 55 SIS JRET N 5
Total 16.95 5 =10 0z
£ Sk, 2 e
Net Revenue  35.81  ($ millions) -
Increase Under the Regional Market Structure
1,580 GWh LAP Loads + Losse ISVl Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
Regional Market [SCT (& 14lo1] 1,997 GWh 417 GWh = 40 0.60
3.00 5
Net Po. n| 2,901 GWh 1,321 GWh Net Long (Sales) § o0 o050 =
2 2 0.40 i
904 GWh 1,321 GWh 2 .
Change § ;g0 0.20
Ave Sale Price 40.98 051 Revenue Change Costs  Change Ave Purchase Price 815 244 2 | 010
Gen-wt LMPs 44.06 201 5414 138 Buy 1175 -0.20  Ave load-wtLMP 000 000 § 000
Energy 54.40) 154 Gen_ 498 -002 [energy X 000 & 010
Congestion -4.80 0.46 Total 1673 -0.22  |Congestion 000 000 % ‘4 w0 020
Losses 554 002 Losses 0.00 0.00 12 3 45 6 7 8 9101112 2 3 5 6 7 8 9 101112
Net Revenue 37.400 ($ millions)

Figure B.25 RMR High Gas Price Future: Run 25 Energy and Financial Flow Results

Net Revenue 38.516 ($ millions)

Hydropower | MtElbert | MWTG | Fed | BidAd) . o
Run #26 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.709 ($ millions)
Wet Full 4.5% No | 0975
0 [ —— N
1,606 GWh LAP Loads + Losse lETYNC Il Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 391 GWh 2w oo
Net Position 2,910 GWh 1,308 GWh Net Long (Sales) &
913 GWh 1,304 GWh 2 o -
1234567890110
Ave Sale Price 40.46 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 30.59 300 —Buy sel Y
Gen-wt LMPs 42.05 52.76 Buy 1195 Ave Load-wt LMP 000 §_,. B
Energy 52.86 Gen__ 5.00 Energy 0.00 §§ ) %
Congestion -5.26 Total 16.95 Congestion o00| &= 2 H
Losses 5.56 Losses oo T o - 0 3
Net Revenue  35.81 (S millions) Pt e s s e
Increase Under the Regional Market Structure
1,580 GWh LAP Loads + Losse Sy c' "} }l Net Short (Buy] SalesPrice eeeess purchaseprice | REVENUE Increase ($ millions)
Regional Market [SBCI\ [ g-141s)1} [ 1,997 GWh 417 GWh o s 080
4.00
Net Po. 2,901 GWh 1,321 GWh Net Long (Sales) § 300 o070
2 5
904 GWh 1,321 GWh 2 20 o 2
Change Change § 100 a0
Ave Sale Price 42.05 1.59 Revenue Change Costs  Change Ave Purchase Price 2889 -170 g 000 030 - o
Gen-wt LMPs 44.06 2.01 55.56 2.80 Buy 1206 0.11 Ave Load-wt LMP 0.00 000 § 100 020 2 2 3
154 Gen_ 498 0.0 000 & 2% 010 joir 3 Eey s o |1
0.46 Total 17.04 0.09 000 £ 3 e 1288 8 Sy.c
-4.00
0.02 0.00 12 3 4 5 6 7 8 9 1011 12 123456 7 8 9101112

Figure B.26 RMR High Gas Price Future: Run 26 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAdj 5 T
Run #27 Condition Flex Losses | Exempt | Factor MWTG Benefit 4.940 ($ millions)
Wet Full 4.5% No | 1.025
o —Gen e Load
1,606 GWh [CAGECORAGEY] 391 GWh [ES A % 00 Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 391 GWh £ =0 800
2,910 GWh 1,304 GWh Net Long (Sales) g:g, 200 .00 o
1,304 GWh : — | EEE
12 3 5 6 7 8 9 10 11 12 g “’uag.-
Ave Sale Price 40.46 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 30.59 100 — Buy sl Y 200 2 -8
Gen-wt LMPs 42.05 52.76 Buy 11.95 Ave Load-wt LMP 0.00 §Am 03 0.00
TE o 2
Gen_ 5.00 55 SIS JRET N 5
Total 16.95 5 =10 0z
T Il AR 5 e e
Net Revenue  35.81  ($ millions) P e e o
Increase Under the Regional Market Structure
1,580 GWh LAP Loads + Losse ISVl Net Short (Buy] SalesPrice  eeeenn purchase Price Revenue Increase ($ millions)
(el eied Generation 1,997 GWh 417 GWh =
Net Po. n| 2,901 GWh 1,321 GWh Net Long (Sales) §
904 GWh 1,321 GWh <
Change §
Ave Sale Price 4421 375 Revenue Change Costs  Change Ave Purchase Price 3038 -021 2
Gen-wt LMPs 44.06 201 5841 5.65 Buy 1268 073 Ave Load-wt LMP 000 000 8
Energy 54.40) 154 Gen_ 498 -002 [energy 000 &
Congestion -4.80 0.46 Total 17.66 0.71 Congestion 000 %~
Losses 554 002 Losses 0.00 0.00 12 3 45 6 7 8 9101112 2 3 5 6 7 8 9 101112
Net Revenue 40.746 ($ millions)

Figure B.27 RMR High Gas Price Future: Run 27 Energy and Financial Flow Results

Hydropower | MtElbert | MWTG | Fed | BidAd) . o
Run #28 Condition Flex Losses | Exempt | Factor MWTG Benefit 6.055 ($ millions)
Wet Full 4.5% No | 1.050
0 [ —— N
1,606 GWh LAP Loads + Losse lETYNC Il Net Short (Buy] s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 391 GWh 2w oo
Net Position] 2,910 GWh 1,304 GWh Net Long (Sales &
913 GWh 1,304 GWh 2 o -
1234567890110
Ave Sale Price 40.46 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 30.59 300 —Buy sel Y
Gen-wt LMPs 42.05 52.76 Buy 1195 Ave Load-wt LMP 000 §_,. B
Energy 52.86 Gen__ 5.00 Energy 0.00 §§ ) %
Congestion -5.26 Total 16.95 Congestion o00| &= 2 H
Losses 5.56 Losses oo T o - 0 3
Net Revenue  35.81 (S millions) Pt e s s e
Increase Under the Regional Market Structure
1,580 GWh LAP Loads + Losse Sy c' "} }l Net Short (Buy] SalesPrice eeeess purchaseprice | REVENUE Increase ($ millions)
Regional Market [SBCI\ [ g-141s)1} [ 1,997 GWh 417 GWh = :zz
Net Po. 2,901 GWh 1,321 GWh Net Long (Sales) § s‘ou
S 6
904 GWh 1,321 GWh ‘é 5.00
Change Change § 400
Ave Sale Price 45.29 4.83 Revenue Change Costs  Change Ave Purchase Price 3112 053 E 300
Gen-wt LMPs 44.06 2.01 59.83 7.08 Buy 1299 1.04 Ave Load-wt LMP 0.00 000 § 20
154 Gen_ 498 -0.02 [Energy 000 & Loo
0.46 Total  17.97 1.02 Congestion 000 £ ?ZZ
0.02 Losses 0.00 1234567891011 2345678910uUR
Net Revenue 41.862 ($ millions)

Figure B.28 RMR High Gas Price Future: Run 28 Energy and Financial Flow Results
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Hydropower | MtElbert | MWTG | Fed | BidAd) X -
Run #29 Condition Flex Losses | Exempt | _Factor MWTG Benefit 2.828 ($ millions)
Dry Full 45% | no | o950

1,040 GWh LAP Loads + Losse lCLY /Ml Net Short (Bu: s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 957 GWh gz 100
Net Po: n| 1,290 GWh 250 GWh Net Long (Sales) E:é 10 00 &
-707 GWh 250 GWh g oo -
roo (IS (G0 SN B
Ave Sale Price 45.16 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 150 -150 [l 0 93

2.00
250
3.00

350

Gen-wt LMPs 49.58 1129 Buy 29.77 Ave Load-wt LMP
Energy . Gen_ 215
Congestion Total  31.92

Losses.

Transaction
(GWh)
(Umn/$)ao0d

1234567891011

Net Revenue -20.64 ($ millions)

Increase Under the Regional Market Structure

988 GWh LAP Loads + Losse @ Mi\CNCcl\ 8l Net Short (Bu SalesPrice  eeeenn purchaserice | REVENUE Increase ($ millions)
[ Y Generation 1,997 GWh _ ,009 GWh = 6 035
Net Po. n| 1,280 GWh 292 GWh Net Long (Sales) § 4.00 030 -
2 2 2 q
-717 GWh 292 GWh 2 20 oz | S SIS 5 g
Change § ;4 020 - E | §
Ave Sale Price 46.19 1.03 Revenue Change Costs  Change Ave Purchase Price 2889 -221 £ o1s [§ = L3
Gen-wt LMPs 52.45 2.87 13.47 219 Buy 29.15 -0.62 Ave Load-wt LMP 0.00 000 & 200 010 [© El bl
Energy 63.13 183 Gen_ 214 -002 [energy 000] 000 & 400 005
Congestion -4.34 1.04 Total 3128 -0.64 |Congestion 000 000 %
6.00 000
Losses 634 0.00 Losses 0.00 0.00 12 3 45 6 7 8 9 1011 12 23456 7 8 9101112

Net Revenue -17.809 ($ millions)

Figure B.29 RMR High Gas Price Future: Run 29 Energy and Financial Flow Results

Hydropower | MtElbert | MWTG | Fed | BidAd) . -
Run #30 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.416 ($ millions)
Dry Full 4.5% No | 0975
1,040 GWh LAP Loads + Losse lCLY Rl Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation \I— 1,997 GWh I 957 GWh 2w o0
Net Position] 1,290 GWh 250 GWh Net Long (Sales) Z&w 050 5
s 0.00
07 GWh 250 GWh 2 o 050 -
a8 o B 5
100 (@SS &880 S
Ave Sale Price 4516 Revenue ($ millions) Costs ($ millions) Ave Purchase Price 31.10 150 JEEEY o
Gen-wt LMPs 49.58 11.29 Buy 29.77 Ave Load-wt LMP 000 §_ .. 2 200 |8 2 a
Energy 61.30] Gen__ 215 Energy 0.00 §§ L . % 2 ;\“ o
Congestion 538 Total 3192 Congestion 000 &= %° I I I I I I I 7'5 ;Lg
Losses 6.34 Losses ool T o 03 s e s s
Net Revenue -20.64 ($ millions) Pt e s s e
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse @M/ Nci\ T}l Net Short (Buy] SalesPrice eeeess purchaseprice | REVENUE Increase ($ millions)
[Ny Generation 1,997 GWh — ,009 GWh 2% 035
Net Po. n| 1,280 GWh 292 GWh Net Long (Sales) § 6.00 030 &
2 b
717 GWh 292 GWh ‘§ 4.00 0% | g &
Change § , 4, 0.20 s E < - E g .
Ave Sale Price 47.41 2.25 Revenue Change Costs  Change Ave Purchase Price 2965 -145 2 015 H mEEE
Gen-wt LMPs 52.45 2.87 13.83 254 Buy 2991 0.14 Ave Load-wt LMP 000 000 g 00 010 [ S
1.83 Gen_ 214 -002 [energy 0.00 % 500 vos |8 2 g
1.04 Total 3205 0.13 Congestion 0 5 o 000 c
0.00 Losses - 0.00 1234567891011 12345678091w0uU1R

Net Revenue -18.221 ($ millions)

Figure B.30 RMR High Gas Price Future: Run 30 Energy and Financial Flow Results
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Net Revenue -19.046 ($ millions)

Hydropower | MtElbert | MWTG | Fed | BidAdj 5 T
Run#31 Condition Flex Losses | Exempt | _Factor MWTG Benefit 1.591 ($ millions)
Dry Full 4.5% No | 1.025
o —Gen e Load
1,040 GWh LAP Loads + Losse lCLY RGN/l Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh 957 GWh £ =20 100
Net Po: n| 1,290 GWh 250 GWh Net Long (Sales) g:g, 100 050 2
000
-707 GWh 250 GWh g o 050 =
Ave Sale Price 45.16 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 150 o [ e SE=
Gen-wt LMPs 49.58 11.29 Buy 29.77 Ave Load-wt LMP S _ o2 200 I8 n o
TE | ... 08 s (B b :
Gen_ 215 g3 Tl g z o
28 5 0E
Total 3192 H II | I I I I I II s o
012345’7BQ]U111203 Prsas e s s ony
Net Revenue -20.64 ($ millions) -
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse @ Mi\CNCcl\ 8l Net Short (Bu SalesPrice  eeeenn purchaserice | REVENUE Increase ($ millions)
[naluey Generation I 1,997 GWh _ ,009 GWh L0 050
Net Po: n| 1,280 GWh 292 GWh Net Long (Sales) § 8.00 0.40
& -3
-717 GWh 292 GWh ‘é 6.00 030 o
Change Change § 0
Ave Sale Price 49.84 468 Revenue Change Costs  Change Ave Purchase Price 3117 007 £
Gen-wt LMPs 52.45 2.87 1454 325 Buy 3145 168 Ave Load-wt LMP 000 000 § 2
Energy 63.13 183 Gen_ 214 -002 [energy X 0.00 % 000
Congestion -4.34 1.04 Total 3358 166 Congestion 00| 000 2
Losses 6.34 0.00 Losses 000] 0.00 1234567809 0uUR 2345678091011

Figure B.31 RMR High Gas Price Future: Run 31 Energy and Financial Flow Results

Net Revenue -19.459 ($ millions)

1

2345

6 7 8 9 1011 12

Hydropower | MtEbert | MWIG | Ffed | BidAd) S o
Run #32 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.178 ($ millions)
Dry Full 4.5% No | 1.050
1,040 GWh LAP Loads + Losse lCLY Rl Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 957 GWh 2w o0
Net Position] 1,290 GWh 250 GWh Net Long (Sales) Z&w 00 5
s 0.00
07 GWh 250 GWh 2 o 050 -
> HEENE B
: 34 7 % "gg3
Ave Sale Price 45.16 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 31.10 150 ARl IR
Gen-wt LMPs 49.58 11.29 Buy 29.77 Ave Load-wt LMP 000 §_ .. 2 200 |8 2 Y
Energy 61.30] Gen 215 Energy 0.00 §§ % 250 5y
Congestion 538 Total 3192 Congestion 000 &= %° °2 i “g
Losses 634 Losses ool T o E S 1 23ass7ssmun
Net Revenue -20.64 ($ millions)
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse @M/ Nci\ T}l Net Short (Buy] SalesPrice eeeess purchaseprice | REVENUE Increase ($ millions)
Regional Market [CENTEITNY 1,997 GWh — 10 050
Net Po. 1,280 GWh 292 GWh Net Long (Sales) § 8.00 040 s
<
717 GWh 292 GWh g o 030 ©
Change § ;o o2 o
Ave Sale Price 51.05 5.89 Revenue Change Costs  Change Ave Purchase Price 3194 o084 2 oo | EE B 2aEms
Gen-wt LMPs 52.45 2.87 1489 3.60 Buy 3222 244 Ave Load-wt LMP 000 000 8 2% 000 | i _
1.83 Gen_ 214 002 [Energy 000 % 000 010 |3 2 5
1.04 Total 3435 243 |Congestion 000 2 020
0.00 Losses 000

1234567891011

Figure B.32 RMR High Gas Price Future: Run 32 Energy and Financial Flow Results
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Attachment C

Market Stress Future: RMR Financial Model Result Synopsis

Hydropower Mt Elbert MWTG Fed Bid Adj
Run#1 Condition Flex Losses | Exempt | Factor
Average None 4.5% No | 1.000
§ [ n——
1,393 GWh LAP Loads + Losse [NVl Net Short (Buy) [N Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 604 GWh 2w o
— >z
Net Positi 1,618 GWh 225 GWh Net Long (Sales) £810 .. l l..l 200 u
-380 GWh 225 GWh 2 o - 100 <
12 3 a4 6 7 8 9 10 11 12 0.00
s 1 . 1o [BEENE = 8eE R
Ave Sale Price 4231 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 39.47 150 Buy sl o Y o BERLE |
Gen-wt LMP: 951 Buy 23.85 Ave Load-wt LMP i v T - 5
Gen_ 273 8% - 2 7
Total 2658 58 s I ng
otal 26 5
I AR R NN N
e 123 456 7 8 9101112 - Prsas e s e
Net Revenue -17.07 ($ millions)
Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse (/LN \\\ Net Short (Buy] SalesPrice eene purchase Price Revenue Increase ($ millions)
Regional Market (BTN E TN} II— 1,997 GWh I 604 GWh e 020
1,618 GWh 225 GWh Net Long (Sales) § 400 015
by =
225 GWh z iﬁ 0.10 3
Change Change § ;o oos | g b B
Ave Sale Price 43.04 113 Revenue Change Costs  Change Ave Purchase Price 3080 033 £ g0 000
= z = 2
Gen-wt LMPs 46.42 124 976 026 Buy 24.05 020 Ave Load-wt LMP 4258 012 & -100 o0s |2 2E cl
Energy 53.90 -0.55 Gen_ 273 0.00 Energy 49.74] -062 & 200 010 b .
_273 000 | S 0
Congestion -3.42 1.60 Total 26.78 0.20 Congestion 312 o053 % 3% 015
-4.00 5
Losses -4.05 019 Losses 4.04 021 12 3 45 6 7 8 9 101112 123 456 7 8 9101112

Net Revenue -17.018 ($ millions)

Figure C.1 RMR Market Stress Future: Run 1 Energy and Financial Flow Results

Hydropower Mt Elbert MWTG Fed | BidAdj
Run#2 Condition Flex Losses | Exempt | Factor
Dry None 4.5% No | 1.000
—Gen ——Lload
1,230 GWh LAP Loads + Losse YR\l Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 767 GWh 2= 100
1,353 GWh 123 GWh Net Long (Sales) £ 2 000 i"'
§
123 GWh s «~ AEEEE BRSNS
2 SR S 8 "ged
0 *oa G
Ave Sale Price 41.88 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 40.33 - 200 § E o
Gen-wt LMPs 5.13 Buy 30.94 Ave Loa 4 5 _ 3 3.00 ©
Gen_ 226 s IR ki
Total 33.20 5 02
£ £ so0
= 1234567 89101112
Net Revenue -28.07  ($ millions)
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse W {- M\l Net Short (Buy] SalesPrice eenee purchase Price Revenue Increase ($ millions)
Regional Market (CITNI I I— 1,997 GWh I 767 GWh o 6@ 01s
1,353 GWh 122 GWh Net Long (Sales) ) 010
122 GWh 3 20 oos | o oo 8.8
Change Change § 3 Bl 2 3
Ave Sale Price 1.29 Revenue Change Costs  Change Ave Purchase Price 4065 032 £ o000 z & 2 2
Gen-wt LMPs 1.26 529 015 Buy 3118 0.24 Ave Load-wt LMP 4258 012 % ¢ B N -
-0.58 Gen_ 226 000 Energy 4974 -062 & 200 ' -010 o &
1.67 Total 33.44 024 Congestion 2| 083 % R
017 L 204 021 % o
- 0sses. s - 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112

Net Revenue -28.154 ($ millions)

Figure C.2 RMR Market Stress Future: Run 2 Energy and Financial Flow Results
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Hydropower | MtElbert | MWIG | Fed | BidAd) ) -
Run#3 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.332 ($ millions)
Wet None 45% | No | 1.000

1,836 GWh LAP Loads + Losse SR TIWC\ )M Net Short (Buy s e Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 161 GWh 2 o
2,987 GWh 1,151 GWh Net Long (Sales) 2w
£
1,151 GWh i, =]

123456 7 8 91011
sl

Ave Sale Price 40.06 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 41.93 300
Gen-wt LMPs 42.27 46.11 Buy 6.77 Ave Load-wt LMP 42.46

S
Gen_ 513 5% &
1190 25 2
Total 11.90 5210 0Z
LA o Jull, g

123 4567809101112

Net Revenue  34.21  ($ millions)

Increase Under the Regional Market Structure

1,836 GWh LAP Loads + Losse i3 NC\ |l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
Regional Market NI AT 1,997 awh R ——1 161 GWh o B 100
Net Po: 2,987 GWh 1,151 GWh Net Long (Sales) § 6.00 0380
990 GWh 1,151 GWh 2 a0 o6 5
Change § ;o 040
Ave Sale Price 4132 127 Revenue Change Costs  Change Ave Purchase Price 272 079 2 S 2
Gen-wt LMPs 43.48 121 4757 146 Buy 690 0.13 Ave Load-wt LMP 4258 012 8 000 020 sl B
-0.42 Gen 513 0.00 Energy 062 £ 200 000 = =
1.50 Total 12.03 0.13 Congestion 0s3 £ g o 128 g g:zH
014 Losses ~ 0.1 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112

Net Revenue 35.540 ($ millions)

Figure C.3 RMR Market Stress Future: Run 3 Energy and Financial Flow Results

Hydropower Mit Elbert MWTG Fed | BidAdj N .
Run#4 Condition Flex Losses | Exempt | Factor MWTG Benefit -0.659 ($ millions)
Average None 45% | No | 1050
— Gen ——Load
1,393 GWh LAP Loads + Losse N\ ¥cI'T\M Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 604 GWh Eow .
1,618 GWh 225 GWh Net Long (Sales] g:g 100 200 o
225 GWh g, 00 g
000
22 H -eelqs
Ave Sale Price 4231 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 39.47 150 j:”] SEY SE-EER
Gen-wt LMPs 4517 951 Buy 23.85 Ave Load-wt LMP 246 5 _ o i 5
Gen 2.73 Energy gL 7
—2E 23 5 200
Total 26,58 Congestion 52
£ 500

Losses .. 0

1234567 809101112

Net Revenue -17.07  ($ millions)

Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse| 604 GWh EH LT d(:IN Salesprice Purchase Price Revenue Increase ($ mi

1,997 GWh I 604 GWh 800 040

Regional Market [ICI) (-1 40e)1]

Net Po 1,618 GWh 225 GWh Net Long (Sales) 600 030
5
380 GWh 225 GWh 500 . ij‘j N

Change
Ave Sale Price 45.61 3.30 Revenue Change Costs Change  Ave Purchase Price 4179 232

000

0.10

Ave. Price Increase ($/MWh)
-
8

Gen-wt LMPs 46.42 124 1025 074 Buy 2526 140  Ave Load-wtLMP 4471 225 § 100 020
-0.55 Gen_ 273 0.00 1.87 & 000 030
1.60 Total 27.99 1.40 037 z 10 040
019 0.01 -2.00

1234567891011
Net Revenue -17.733 ($ millions)

Figure C.4 RMR Market Stress Future: Run 4 Energy and Financial Flow Results
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Net Revenue

-29.449 ($ millions)

Hydropower MtEbert | MWTG | Fed | BidAd) = o
Run#5 Condition Flex Losses | Exempt | Factor MWTG Benefit 0.770 ($ millions)
Average None 4.5% No | 0950
—en ——Load
1,393 GWh LAP Loads + Losse N\ Z.Nc\'T M Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 604 GWh 2w .
1,618 GWh 225 GWh Net Long (Sales) 28w 20 =
N = |
12 3 45 6 7 8 9 1011 12 0.00 NEE = ~ BB o
Ave Sale Price 4231 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3947 150 — 5y sl ;:: ]
Gen-wt LMPs 45.17 9.51 Buy 23.85 Ave Load-wt LMP 4246 5 _ . 5
2 100 coee | a0 300 &
Gen_ 273 53 2w z
Total 26,58 52 %0 I I 02
i e oy
Net Revenue -17.07  ($ millions) Lo - o )
Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse \Z N\ |l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
eI Generation 1,997 GWh _I\ 604 GWh 2 4o 530
Net Po 1,618 GWh 225 GWh Net Long (Sales) 2 2o s
380 GWh 225 GWh 2 S
% o000 | om0
Change § = B El
Ave Sale Price 4127 -1.04 Revenue Change Costs  Change Ave Purchase Price 3781 -166 £ 500 oos [EISL 1818 °s
Gen-wt LMPs 46.42 1.24 928 023 Buy 2285 -1.00  Ave Load-wtLMP 4045 201 8 s 8 g =N
-0.55 Gen_ 273 0.00 Energy -3.11 :-400 0.00 = =
1.60 Total 2558 -1.00 |Congestion oe8 £ 0os 2 3
019 Losses 0.42 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112
Net Revenue -16.304 ($ millions)
Hydropower Mt Elbert MWTG Fed | BidAdj 5 -
Run#6 Condition Flex Losses | Exempt | Factor MWTG Benefit -1.383 ($ millions)
Dry None 4.5% No | 1.050
—en ——Load
1,230 GWh LAP Loads + Losse YR\ \ Ml Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I GWh Eow
1,353 GWh 123 GWh Net Long (Sales) 8w I T
123 GWh 2 0
12345678 901U
Ave Sale Price 4188 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 4033 s0
Gen-wt LMPs 45.69 513 Buy 30.94 Ave Load-wt LMP 4246 5 _ .
Gen 2.26 Energy e
R— €8 50
Total 33.20 Congestion 5= I I I
£ ¥
Net Revenue -28.07  ($ millions) cre o ome
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market [CTS &= 41o)1] [ 1,997 GWh = jﬁ 010
Net Po: 1,353 GWh 122 GWh Net Long (Sales) 2 om ::; H
644 GWh 122 GWh G . oos [N NS [SISIETE
Change g 300 oo @TENT 8 =
Ave Sale Price 4532 345 Revenue Change Costs  Change Ave Purchase Price 2268 235 £ 500 015 ® 3
Gen-wt LMPs 46.96 1.26 5.55 0.42 Buy 3274 180 Ave Load-wt LMP 4471 225 8 100 0.20 . <
-0.58 Gen_ 226 0.00 187 & 000 o &l
167 Total 3500 1.80 037 z 10 025
-2.00 e
017 001 12 3 4 5 6 7 8 9 101112 123 456 7 89101112

Figure C.6 RMR Market Stress Future: Run 6 Energy and Financial Flow Results
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Hydropower Mt Elbert MWTG Fed Bid Adj o Lo
Run#7 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.206 ($ millions)
Dry None 4.5% No 0.950
Gen — Lo
1,230 GWh LAP Loads + Losse JESRZTRVN Net Short (Buy) RN o h

Status Quo Generation II— 1,997 GWh I 767 GWh g2
1,353 GWh 123 GWh Net Long (Sales) E;g%, 100
123 GWh 2 0
Ave Sale Price 4188 Revenue ($ millions) Costs ($millions) Ave Purchase Price  40.33 150
Gen-wt LMPs 45.69 513 Buy 30.94 Ave Load-wt LMP 42.46 é =100

Gen__ 226 55
Total  33.20 g2 50

£

Net Revenue -28.07  ($ millions)

Monthly Net Revenue ($ millions)

1,230 GWh LAP Loads + Losse| 767 GWh LELId(:I1

Increase Under the Regional Market Structure

SalesPrice  sseees Purchase Price
eI Generation 1,997 GWh _I\ GWh 2 4o
Net Po 1,353 GWh 122 Gwh Net Long (Sales) T
644 GWh 122 GWh 2 .
Change § :
Ave Sale Price 41.01 -0.87 Revenue Change Costs  Change Ave Purchase Price 3862 171 2 500
Gen-wt LMPs 46.96 126 502 -0.11 Buy 29.62 -1.32 Ave Load-wt LMP 4045 -2.01 3
-0.58 Gen 226 0.0 Energy 311 i-wﬂ
167 Total 31.88 -1.32 Congestion 068 z
0.17 Losses . 042 %

123456789 w0u1R
Net Revenue -26.860 ($ millions)

Revenue Increase ($ millions)

025

020

023
021

015

o 3 )
0.10 [SRES °
s © S

012

005

Blos
0.06

000

0.0

0.05

010

Figure C.7 RMR Market Stress Future: Run 7 Energy and Financial Flow Results

Hyd Mt Elbe MWTG Fed Bid Adj e, m
Run#8 G Flexm Losses zx:mm Faﬂnr‘ MWTG Benefit 3.365 ($ millions)
Wet None 4.5% No 1.050
1,836 GWh LAP Loads + Losse [ESRTFRCIILI Net Short (Buy) [ e T
Status Quo Generation II— 1,997 GWh I GWh & w0
2,987 GWh 1,151 GWh Net Long (Sales) H g 200
s ——
1,151 GWh : o

1234 5 6 7 8 910111
sel

Ave Sale Price 40.06 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 4193 300
Gen-wt LMPs 4227 46.11 Buy 677 Ave Load-wt LMP 42.46
Gen_ 513 Energy
Total  11.90 Congestion
Losses . 0

Transaction
(GWh)

Net Revenue  34.21 (S millions)

Monthly Net Revenue ($ millions)

800
2
600 8
o8

200 b uiE 2

w mE
o 2 ]
200 | g BN <
000

1234567 809101112

1,836 GWh LAP Loads + Losse| 161 GWh A LA

SalesPrice  sesees Purchase Price

Regional Market (CINNI I 1,997 GWh I 161 GWh o100
Net Po: 2,987 GWh 1,151 GWh Net Long (Sales) S o
990 GWh 1,151 GWh 2 6w
Change §

Ave Sale Price 43.39 333 Revenue Change Costs  Change Ave Purchase Price 448 292 2
Gen-wt LMPs 43.48 121 49.95 3.84 Buy 724 047 Ave Load-wt LMP 4471 225 § 2
042 Gen_ 513 0.00 187 € o500
1.50 Total 1237 047 037 3 200

0.14 0.01

1234567891011
Net Revenue 37.574 ($ millions)

Increase Under the Regional Market Structure

Revenue Increase ($ millions)

10
120
om0
00
0w . <
on | 3 SENE 5 8 5
om0

o [§ 3

Py L

1234567 89101112

114

071

Figure C.8 RMR Market Stress Future: Run 8 Energy and Financial Flow Results
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Hydropower MtElbert | MWIG | Fed | BidAd) = o
Run#9 Condition Flex Losses | Exempt | Factor MWTG Benefit -0.702 ($ millions)
Wet None 4.5% No | 0950
—en ——Load
1,836 GWh LAP Loads + Losse SR TIWC\ )M Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 161 GWh 2w
2,987 GWh 1,151 GWh Net Long (Sales) E_T 5, 200
] -
1,151 GWh s 0
123456789 w0uR
Ave Sale Price 40.06 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 41.93 300 s 6
Gen-wt LMPs 4227 46.11 Buy 677 Ave Load-wt LMP 4246 5, P
Gen_ 513 5= -
Total  11.90 £ 2100 02
e B Al 3
Net Revenue  34.21  ($ millions) ! Pro e s senn
Increase Under the Regional Market Structure
1,836 GWh LAP Loads + Losse i3 NC\ |l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
eI Generation 1,997 GWh _I\ 161 GWh = 5® 550
Net Po: 2,987 GWh 1,151 GWh Net Long (Sales) Z 0 o <
990 GWh 1,151 GWh 250 020 R .
Change @ 000 Y ::1: E s
Ave Sale Price 3926 -0.80 Revenue Change Costs  Change Ave Purchase Price 4058 -135 £ - 010 |3 TGS gse 2
Gen-wt LMPs 43.48 121 4519 -0.92 Buy 655 -0.22  Aveload-wtLVP 4045 -2.01 § 200 | e 020 [F ¢ a S5 o
-0.42 Gen_ 513 0.00 Energy -311 :_400 050 <
1.50 Total 1168 022  |Congestion 068 £ o
1 L a2 o0 o
0. 0sses. 0. 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112
Net Revenue 33.507 ($ millions)

Figure C.9 RMR Market Stress Future: Run 9 Energy and Financial Flow Results

Net Revenue

-10.455 ($ millions)

Hydropower Mt Elbert MWTG Fed | BidAdj 5 -
Run#10 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.124 ($ millions)
Average Full 4.5% No | 1.000
—en ——Load
1,245 GWh LAP Loads + Losse L7 NI\l Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 752 GWh 2= .
1,568 GWh 324 GWh Net Long (Sales) 3:5 200 o
S 100 &
0.00 -
Ave Sale Price 50.00 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 34.72 100 |SHIEHISIRRTE FLR8SE
Gen-wt LMPs 50.18 16.18 Buy 26.12 Ave Load-wt LMP 424§ _ 2o | B
Gen 264 Energy §'§ e L L0 B
Total  28.76 Congestion 52 %0 I I ] I I I I II ©E L
£
Net Revenue -12.58 ($ millions) e ~
Increase Under the Regional Market Structure
1,165 GWh LAP Loads + Losse [iE:E¥ X'/ [l Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market (NGNS ELIIeN 1,997 GWh I 832 GWh 250 03
400
Net Po: 1,555 GWh 390 GWh Net Long (Sales] § 300 030 £}
442 GWh 390 GWh 2 20 02s 5 °
Change § 100 020 | oy
Ave Sale Price 5185 185 Revenue Change Costs  Change Ave Purchase Price 3370 -102 g 000 o] o | BEE 2 nae
Gen-wt LMPs 52.97 2.79 2020 4.02 Buy 2803 192 Ave Load-wt LMP 4258 012 8100 010 < mE .
1.06 Gen_ 262 -0.02 < 200 o0s |2 g3
174 Total  30.65 189 220 oo B
-4.00
001 12 3 4 5 6 7 8 9 101112 123 456 7 89101112

Figure C.10 RMR Market Stress Future: Run 10 Energy and Financial Flow Results
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Hydropower Mt Elbert MWTG Fed Bid Adj o Lo
Run#11 Condition Flex v |\momsl| msmm MWTG Benefit 2.225 ($ millions)
Dry Full 45% | No | 1.000
Gen — Lo
1,040 GWh LAP Loads + Losse [SCEVRIIM Net Short (Buy) R e
Status Quo Generation II— 1,997 GWh I 957 GWh g2
1,290 GWh 250 GWh Net Long (Sales) 325, 100
250 GWh 2 0
Ave Sale Price 49.20 Revenue ($ millions) Costs ($millions) ~Ave Purchase Price  35.05 150 .
Gen-wt LMPs 52.81 12.30 Buy 3355 Ave Load-wt LMP 42.46 E,_ 00 60
Gen__2.15 55 by Jatos
Total 35.71 §2 %0 | II II I I I I 02
£ kLl 03
12

34567891011

Net Revenue -23.41 ($ millions)

Monthly Net Revenue ($ millions)

i
3
000
3 S
1.00 2 sl S 3
38 5 B Fyad
&l : Qi
200 |8 L
300 )
400
1234567891011

Increase Under the Regional Market Structure

988 GWh LAP Loads + Losse BNl Net Short (Buy] SalesPrice  eeeenn Purchase Price
(L]  Generation 1,997 GWh _H o 8
Net Po 1,280 GWh 292 GWh Net Long (Sales) Z o
717 GWh 292 GWh Z 4
Change § 0
Ave Sale Price 51.87 2.68 Revenue Change Costs Change AvePurchasePrice 3388 -117 2

Gen-wt LMPs 55.70 2.90 1513 2.84 Buy 3418 063  Aveload-wtLMP 258 012 g 0%
0.9 Gen_ 214 -002 |[Energy < 200
189 Total 3632 061 |Congestion LI

0.06 Losses - 12 3 45 6 7 8 9 1011 12

Net Revenue -21.186 ($ millions)

Revenue Increase ($ millions)
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Figure C.11 RMR Market Stress Future: Run 11 Energy and Financial Flow Results

Nl el A PN Tl v serei 3.3 (s mitions
Wet Full 4.5% No 1.000
1,670 GWh LAP Loads + Losse JSEYYRVIIM Net Short (Buy) [N e
Status Quo Generation II— 1,997 GWh I 327 GWh I_w
2,938 GWh 1,268 GWh Net Long (Sales) g
1,268 GWh : —

1234 5 6 7 8 910111

Ave Sale Price 43.63 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3478 300

Gen-wt LMPs 44.89 55.30 Buy 1138 Ave Load-wt LMP 4246 § -
Gen 5.05 Energy =

Total 16.43 Congestion E €100

Losses .. 0
1234567 89101112

Net Revenue  38.88 (S millions)

Monthly Net Revenue ($ millions)

10.00

800
600 =
e

400 e

g "W
200 | |8 S s
000
200 |3 o

1234567 89101112

1,624 GWh LAP Loads + Losse EYERG I Net Short (Buy SalesPrice  esssee Purchase Price
Regional Market (NCIINA eI} I 1,997 GWh I 373 GWh o o™
Net Po 2,924 GWh 1,300 GWh Net Long (Sales) i
927 GWh 1,300 GWh ? 3.00
Change Change § 200
Ave Sale Price 45.99 236 Revenue Change Costs Change AvePurchasePrice 3361 -117 £ 100
Gen-wt LMPs 46.91 2,01 50.77 446 Buy 1253 115  Aveload-wtLMP 4258 012 8 00 |
041 Gen_ 502 -0.02 & 00 |
157 Total  17.55 112 B ; ZZ
0.04

1234567891011
Net Revenue 42.218 ($ millions)

Increase Under the Regional Market Structure

Revenue Increase ($ mi
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Figure C.12 RMR Market Stress Future: Run 12 Energy and Financial Flow Results
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Net Revenue

-33.997 ($ millions)

Hydropower MtElbert | MWIG | Fed | BidAd) = o
Run#13 Condition Flex i ||zl Eo MWTG Benefit -4.571 ($ millions)
Average None 4.5% Yes | 1.000
00 — Gen ——Lload L
1,393 GWh LAP Loads + Losse J{\Z X'\ \l Net Short (Buy] = Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 604 GWh 2w o
1,618 GWh 225 GWh Net Long (Sales) 28w 20 =
N = ||
12 3 45 6 7 8 9 1011 12 0.00 NEE = ~ BB o
Ave Sale Price 4231 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3947 150 — 5y sl ;:: ]
Gen-wt LMPs 45.17 951 Buy 23.85 Ave Load-wt LMP 4246 5 _ oo | ac o
Total 26,58 52 %0 I 02
Sl bkl s o
Net Revenue -17.07  ($ millions) Lo
Increase Under the Regional Market Structure
1,393 GWh LAP Loads + Losse \Z N\ |l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
eI Generation 1,997 GWh _I\ 604 GWh 22® 50
LA gl la &
Net Po: 1,618 GWh 225 GWh Net Long (Sales) §15m 020 (S8 S g 3 S e <
380 GWh 225 GWh 2 oo o | s o
Change g 060 R
Ave Sale Price 43.04 113 Revenue Change Costs  Change Ave Purchase Price 4746 798 £ 500
Gen-wt LMPs 46.42 124 976 026 Buy 2868 4.83 Ave Load-wt LMP 4974 7.8 8 080 g
-0.55 Gen_ 273 000 Energy s oo 100
1.60 Total 3141 4.83 Congestion 2
1 L -5.00 120
019 0sses 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112
Net Revenue -21.644 ($ millions)
Figure C.13 RMR Market Stress Future: Run 13 Energy and Financial Flow Results
Hydropower Mt Elbert MWTG Fed | BidAdj 5 -
Run#14 Condition Flex Losses | Exempt | Factor MWTG Benefit -5.931 ($ millions)
Dry None 45% Yes | 1.000
00 — Gen ——Load L
1,230 GWh LAP Loads + Losse W {- M|\, Net Short (Buy] = Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I GWh Eow
1,353 GWh 123 GWh Net Long (Sales) ?_:g. 100
123 GWh 2 o q 3 3 9
12345678 910011 g8 3 8 g%l
Ave Sale Price 41.88 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 40.33 s0 : Giln
Gen-wt LMPs 45.69 513 Buy 30.94 Ave Load-wt LMP 424§ _
Gen 2.26 Energy e
Total 33.20 Congestion g2 50
£
o 10 11 12 56 7 8 9101112
Net Revenue -28.07  ($ millions) ~
Increase Under the Regional Market Structure
1,230 GWh LAP Loads + Losse SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market [CTS &= 41o)1] 1,997 GWh 2200 0.00
Net Po: 1,353 GWh 122 GWh Net Long (Sales) 2w o [HSle L o
644 GWh 122 GWh < o (8 SRS S
% 10.00 ® 3 °
Change § 050 3R
Ave Sale Price 43.16 1.29 Revenue Change Costs  Change Ave Purchase Price 2827 794 £ 500 <
Gen-wt LMPs 46.96 1.26 529 015 Buy 37.02 609 Ave Load-wt LMP 2974 7.8 8 080
-0.58 Gen_ 226 0.00 -062 & 000 100
1.67 Total 39.28 6.09 365 2 0
-5.00 1
017 425 12 3 4 5 6 7 8 9 101112 123 456 7 89101112

Figure C.14 RMR Market Stress Future: Run 14 Energy and Financial Flow Results
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Hydropower MtElbert | MWTG | Fed | BidAdj

Run#15 Condition Flex v |\momsl| msmm MWTG Benefit -0.010 ($ millions)
Wet None 45% | ves | 1.000
1,836 GWh LAP Loads + Losse JESETIRV/ Net Short (Buy) [ e e
Status Quo Generation II— 1,997 GWh I 161 GWh E_ w0
2,987 GWh 1,151 GWh Net Long (Sales) Z& w0
Z
1,151 GWh 2 —|

123456 7 8 91011
sl

Ave Sale Price 40.06 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 41.93 300

Gen-wt LMPs 42.27 46.11 Buy 6.77 Ave Load-wt LMP 42.46 E =200 40
Gen_ 513 5=
Tron 0
Total 11.90 5210 2
£

anil,

123 4567809101112

(mw/s)

Net Revenue  34.21  ($ millions)

Monthly Net Revenue ($ millions)

Net Revenue 34.199 ($ millions)

Increase Under the Regional Market Structure
1,836 GWh LAP Loads + Losse i3 NC\ |l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
Regional Market NI AT 1,997 awh R ——1 161 GWh e 100
1200 -
Net Po 2,987 GWh 1,151 GWh Net Long (Sales) 3N %
S 104 060 =
990 GWh 1,151 GWh 2 800 040 G
Change § 600 0.20 § E 5 E E
Ave Sale Price 4132 127 Revenue Change Costs  Change Ave Purchase Price 5103 910 £ 4% Sl —
Gen-wt LMPs 43.48 121 4757 146 Buy 824 147 Ave Load-wt LMP 49.74 7.8 8 200 020 il 2 3 3 2 N
042 Gen 513 000 [Energy s 0 o s
1.50 Total 1337 147 Congestion g'jzz o0
014 Losses 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112

Figure C.15 RMR Market Stress Future: Run 15 Energy and Financial Flow Results

1,396 GWh LAP Loads + Losse| 610 GWh LEH LT d(:1

SalesPrice  wsseee Purchase Price

[nlvey Generation 2,007 GWh I 610 GWh 600

Net Po: 1,618 GWh 221 GWh Net Long (Sales)
389 GWh 221 GWh

Change

Ave. Price Increase ($/MWh)
8

Ave Sale Price 43.41 110 Revenue Change Costs  Change Ave Purchase Price 3985 038 :x -
Gen-wt LMPs 46.42 124 961 010 Buy 2433 048  Ave load-wtLMP 4258 012 $ 100
-0.55 Gen_ 273 000 200
1.60 Total 27.06 048 300
0.19 -4.00

1234567891011
Net Revenue -17.449 ($ millions)

Reve

nue Increase ($ mil

Hydropower Mt Elbert MWTG Fed | BidAdj N .
Run#16 Condition Flex Losses | Exempt | Factor MWTG Benefit -0.376 ($ millions)
Average None 5.0% No | 1.000
Gen =L
1,393 GWh LAP Loads + Losse N\ ¥cI'T\M Net Short (Buy s - . Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 604 GWh Eow .
1,618 GWh 225 GWh Net Long (Sales] g:g 100 200 o
225 GWh 5, 100 g
000
100 [RGB YRSE g8
Ave Sale Price 4231 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 39.47 150 e o EERLE |
Gen-wt LMPs 4517 9.51 Buy 23.85 Ave Load-wt LMP 4246 5 _ . m‘n 5
Gen_ 273 Energy 55 i
= 23 5 400
Total 26,58 Congestion 52
£ 5.00
Losses & o 123456 7 8 9101112
Net Revenue -17.07  ($ millions)
Increase Under the Regional Market Structure

0.00

Figure C.16 RMR Market Stress Future: Run 16 Energy and Financial Flow Results
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Hydropower | MtElbert | MWIG | Fed | BidAd) 3 o
Run#17 Condition Flex v |\momsl| msmm MWTG Benefit -0.520 ($ millions)
Dry None 5.0% No | 1.000
Gen =L
1,230 GWh LAP Loads + Losse YR\l Net Short (Buy s — . Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 767 GWh 2w L0
1,353 GWh 123 GWh Net Long (Sales) E;s, 100 I . . 000 :l
123 GWh E 100 a3 3
5 9 011 i 3 8 Fg23
ST A&
Ave Sale Price 4188 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 40.33 150 y o
Gen-wt LMPs 45.69 513 Buy 30.94 Ave Load-wt LMP 4246 5 _
Gen__ 226 e
Total  33.20 g2 50
£
o 123456 7 8911112
Net Revenue -28.07  ($ millions)
Increase Under the Regional Market Structure
1,232 GWh LAP Loads + Losse lSWFZ¥\'\ll Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
eI Generation 2,007 GWh _I\ 774 GWh = 5®
Net Po 1,353 GWh 120 GWh Net Long (Sales) Z w0
654 GWh 120 GWh 2
2 200
Change §
Ave Sale Price 43.14 127 Revenue Change Costs  Change Ave Purchase Price 4070 037 £ o000
Gen-wt LMPs 46.96 1.26 519 006 Buy 3151 058  Aveload-wtLMP 4258 012 §
-0.58 Gen_ 226 000 [Energy S 200
167 Total 3378 058 |Congestion 2 o0
017 Losses 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112
Net Revenue -28.586 ($ millions)
Figure C.17 RMR Market Stress Future: Run 17 Energy and Financial Flow Results
Hydropower Mt Elbert MWTG Fed | BidAdj N .
Run#18 Condition Flex Losses | Exempt | Factor MWTG Benefit 0.904 ($ millions)
Wet None 5.0% No | 1.000
Gen =L
1,836 GWh LAP Loads + Losse R IIMC\\ M Net Short (Buy s I . Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I GWh & w0 200
2,987 GWh 1,151 GWh Net Long (Sales) g 60 g
&
1,151 GWh g o - SNER =
12345678 901U m bl &
Ave Sale Price 40.06 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 21.93 00 s o g B 2
Gen-wt LMPs 42.27 46.11 Buy 6.77 Ave Load-wt LMP 42.46 §Am 0.00 =
Gen 513 Energy Eg T 2w |3
Total 11.90 Congestion 5 =100 2
= o | | Jul = -4.00
Losses 2 szz/fc7avmmza£ 1234567891011
Net Revenue  34.21 (S millions) e ~
Increase Under the Regional Market Structure
1,843 GWh LAP Loads + Losse T ¥c{'/ |l Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ millions)
Regional Market (NGNS ELIIeN 2,007 GWh I 164 GWh 28 080
Net Po: 2,987 GWh 1,144 GWh Net Long (Sales) Z oo 00 g
980 GWh 1,144 GWh ? 4.00 0.40
Change § ;4 020 o q
Ave Sale Price 4130 1.25 Revenue Change Costs  Change Ave Purchase Price 275 081 2 25 =l &
Gen-wt LMPs 43.48 121 4724 113 Buy 699 022 Ave Load-wt LMP 4258 012 000 000 s — m—
-0.42 Gen_ 513 000 S 200 020 [3 3 S 33%
1.50 Total 1212 0.22 2 o a0
0.14 123 456 7 8 9101112 1234567 89101112
Net Revenue 35.113 ($ millions)

Figure C.18 RMR Market Stress Future: Run 18 Energy and Financial Flow Results

Western Area Power Administration

109




Hydropower MtEbert | MWTG | Fed | BidAdj - o
Run#19 Condition Flex v |\momsl| msmm MWTG Benefit 2.235 ($ millions)
Ave/Dry for MS Full _ prattleload] No | 1.000

4.50

1,133 GWh LAP Loads + Losse i WPENCII M Net Short (Buy s Monthly Net Revenue ($ millions)
QOTTWEN Generation II— 2,260 GWh —I\ 128 GWh 2o o0
1,290 GWh 157 GWh Net Long (Sales) A 050 5
100 ?
157 GWh g o 0
200
Ave Sale Price 48.22 Revenue ($ millions) Costs ($millions) ~Ave Purchase Price  35.76 L s
Gen-wt LMPs 52.81 7.57 Buy 40.32 Ave Load-wt LMP 4246 5 _ w03 00
Gen_ 215 5% ws | 350
Total  42.48 g2 nz 0
= ]

123 4567809101112

Net Revenue -34.90 ($ millions)

Increase Under the Regional Market Structure

1,084 GWh LAP Loads + Losse W VN |l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
Regional Market (ENCIIIS eI} I— 2,260 GWh _I\ 176 GWh = 03s
Net Po: 1,280 GWh 196 GWh Net Long (Sales) Z 600 030
980 GWh 196 GWh 2 0 025
Change Change § 0 020
Ave Sale Price 5140 3.19 Revenue Change Costs  Change Ave Purchase Price 3452 -124 2 015
Gen-wt LMPs 55.70 2.90 1007 249 Buy 4060 028  Aveload-wtLMP 4258 012 8 00 010
096 Gen_ 214 -002 [Energy 062 £ 200 005
1.89 Total 4274 0.26  |Congestion 053 % oo
0.06 Losses 04] 021

Net Revenue -32.668 ($ millions)

Figure C.19 RMR Market Stress Future: Run 19 Energy and Financial Flow Results

1234567 809101112

Hydropower Mt Elbert MWTG Fed | BidAdj N -
Run #20 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.516 ($ millions)
Average Full 4.5% No | 0950
0 —en ——Load L
1,245 GWh LAP Loads + Losse WL N\ Net Short (Buy] = Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 752 GWh Eow .
>2
1,568 GWh 324 GWh Net Long (Sales) £ 100 l l . 200
é o ..- . 100 &
0.00 -
Ave Sale Price 50.00 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 34.72 150 100 |SHIEHISIRRTE FLR8SE
Gen-wt LMPs 50.18 16.18 Buy 26.12 Ave Load-wt LMP 424§ _ 2o | B '
Gen_ 264 Energy 55 | 300 ®
_ 264 83 . g .
Total 28.76 Congestion 5% I I ] | I I I II oo
Losses .. S o 1
1 6785

2345 10 11 12

Net Revenue -12.58 ($ millions)

Increase Under the Regional Market Structure

1,165 GWh LAP Loads + Losse [iE:E¥ X'/ [l Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market (BTSN} 1,997 GWh I 832 GWh o 035
100
Net Po: 1,555 GWh 390 GWh Net Long (Sales) § 000 030 ]
442 GWh 390 GWh 210 025 = (8 =
Change § 200 | . . 0.20 E & E Sa
Ave Sale Price 49.26 -0.74 Revenue Change Costs  Change Ave Purchase Price 3202 270 2300 | T 015 5 d
Gen-wt LMPs 5297 279 1919 3.01 Buy 2663 052  Aveload-wtLMP 4045 201 § 40 010 | °33%q
1.06 Gen_ 262 -0.02 311 ‘;_'”" 005 |° ©
174 Total  29.25 0.49 068 2 6% oo
-0.01 042 7®
N . 12 3 4 5 6 7 8 9 101112 123 456 7 89101112

Net Revenue -10.063 ($ millions)

Figure C.20 RMR Market Stress Future: Run 20 Energy and Financial Flow Results
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Net Revenue

-10.259 ($ millions)

3456 7 8 9101112

Hydropower | MtElbert | MWIG | Fed | BidAd) 3 o
Run#21 Condition Flex v |\momsl| msmm MWTG Benefit 6.619 ($ millions)
Average _|AHist/CFull]  4.5% No | 1.000
—en ——Load
1,393 GWh LAP Loads + Losse N\ Z.Nc\'T M Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 604 GWh 2w .
1,618 GWh 225 GWh Net Long (Sales) 28w 200 =
N = | 8
12 3 45 6 7 8 9 1011 12 0.00 NEE = ~ BB o
Ave Sale Price 4231 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 3947 150 — 5y sl ;:: ]
Gen-wt LMPs 45.17 9.51 Buy 23.85 Ave Load-wt LMP 4246 5 _ . 5
2 100 coee | a0 300 &
Gen_ 273 53 2w z
£8 w0 03
C H N TR NN R
0121/51778Q1011205 1234567 89101112
Net Revenue -17.07  ($ millions) - -
Increase Under the Regional Market Structure
1,165 GWh LAP Loads + Losse £ ¥R/l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
eI Generation 1,997 GWh _I\ 832 GWh 22® o0
Net Po: 1,555 GWh 390 GWh Net Long (Sales) g . .
442 GWh 390 GWh L1000 =E
2 500 060 =] 2
Change g S 28
Ave Sale Price 5185 9.54 Revenue Change Costs  Change Ave Purchase Price 3370 577 2 oo a0 | B o 52553
Gen-wt LMPs 5297 7.80 2020 10,69 Buy 2803 418  Aveload-wtLMP 4258 012 § 500 3 dg° 3
6.73 Gen 262 -0.11 Energy 062 % 1000 020 I8 -
2.09 Total 30.65 4.07 |Congestion 053
1.02 L 2 0 o
-10 0sses. 0. 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112
Net Revenue -10.455 ($ millions)
Figure C.21 RMR Market Stress Future: Run 21 Energy and Financial Flow Results
Hydropower Mt Elbert MWTG Fed | BidAdj N .
Run #22 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.320 ($ millions)
Average Full 4.5% No | 0975
—en ——Load
1,245 GWh LAP Loads + Losse L7 NI\l Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 752 GWh 2= .
1,568 GWh 324 GWh Net Long (Sales) 3:5 200 o
S 100 &
0.00 -
Ave Sale Price 50.00 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 34.72 100 |SHIEHISIRRTE FLR8SE
Gen-wt LMPs 50.18 16.18 Buy 26.12 Ave Load-wt LMP 424§ _ i B . B
Gen_ 264 Energy 55 | 0B 00 B
_ 264 83 . g .
Total 28.76 Congestion 5% I I I 02
£ wl 2 ew
Losses szz/fc7avmmza£ 1234567891011
Net Revenue -12.58 ($ millions) e ~
Increase Under the Regional Market Structure
1,165 GWh LAP Loads + Losse [iE:E¥ X'/ [l Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market (NGNS ELIIeN 1,997 GWh I 832 GWh £ o 030
Net Po: 1,555 GWh 390 GWh Net Long (Sales) § 200 025
442 GWh 390 Gwh & 100 020
2 000
Change § oo . 015
Ave Sale Price 50.56 055 Revenue Change Costs  Change Ave Purchase Price 3286 186 £ 500 | -
Gen-wt LMPs 5297 279 19.69 351 Buy 2733 122 Aveload-wtLMP 4151 095 $ 300 010
1.06 Gen_ 262 -0.02 -187 & 400 005
500
174 Total 29.95 119 060 £ >0 oo
-001 031

1011 12

Western Area Power Administration

Figure C.22 RMR Market Stress Future: Run 22 Energy and Financial Flow Results
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Hydropower | MtElbert | MWIG | Fed | BidAd) 3 —
Run#23 Condition Flex v |\momsl| msmm MWTG Benefit 1.928 ($ millions)
Average Full 45% | No | 1025
[Epp——
1,245 GWh LAP Loads + Losse L7 X\ \Ml Net Short (Buy s Monthly Net Revenue ($ millions)
CEO-Ull Generation I— 1,997 GWh I 752 GWh 2o So0
1,568 GWh 324 GWh Net Long (Sales) 8w 200 -
2 o 100 &
0.00 2
Ave Sale Price 50.00 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 34.72 150 o 00 |GG FLE8E
Gen-wt LMPs 50.18 16.18 Buy 26.12 Ave Load-wt LMP 4246 5 _ 60 2 2o | - ‘
Gen_ 264 R PR e R T SR ki
Total 28.76 §~"’III I IIIIII g
T ! 0o 3 I 23456785000
123 456 7 8 9101112 b ’

Net Revenue -12.58 ($ millions)

Increase Under the Regional Market Structure

1,165 GWh LAP Loads + Losse| 832 GWh [LEHLIad(:I1 Revenue Increase ($ millions)

SalesPrice  sseees Purchase Price
Regional Market [ICINISENTN [ 1,997 awh R0 832 Gwh =% 0s
Net Po 1,555 GWh 390 GWh Net Long (Sales) Z 500 e B
442 GWh 390 GWh & 400 030 °
9 300 0
Change Change § ;0 o &
Ave Sale Price 53.15 3.15 Revenue Change Costs Change  Ave Purchase Price 3455 -017 E 1.00 0.15 ) - E
Gen-wt LMPs 52.97 279 20.70 4.52 Buy 2874 2.62 Ave Load-wt LMP 43.64 118 3 o000 | 0.10 3 s - “ e 29 E
1.06 Gen_ 262 002 [Energy 062 & -100 005 3 gelE2
P
174 Total 3135 259  |Congestion 045 £ 200 e lE
-001 Losses 2 011 1 T234s5678910n10

Net Revenue -10.651 ($ millions)

Figure C.23 RMR Market Stress Future: Run 23 Energy and Financial Flow Results

Losses

1234567 809101112

Hydropower Mt Elbert MWTG Fed | BidAdj 5 -
Run#24 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.732 ($ millions)
Average Full 4.5% No | 1.050
0 —en ——Load L
1,245 GWh LAP Loads + Losse WL N\ Net Short (Buy] = Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 752 GWh 2= .
1,568 GWh 324 GWh Net Long (Sales) 3:5 200 o
H g,
0.00 -
Ave Sale Price 50.00 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 34.72 100 |SHIEHISIRRTE FLR8SE
Gen-wt LMPs 50.18 16.18 Buy 26.12 Ave Load-wt LMP 4246 5 _ 2o | B '
Gen  2.64 Energy 5% e L o0 B
Total 28.76 Congestion EE
g L1kl
1 6785

2345 10 11 12

Net Revenue -12.58 ($ millions)

Increase Under the Regional Market Structure

1,165 GWh LAP Loads + Losse [iE:E¥ X'/ [l Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market (BTSN} 1,997 GWh I 832 GWh o 8w 050
Net Po: 1,555 GWh 390 GWh Net Long (Sales) § 6.00 0.40 ';“
442 GWh 390 GWh 5 o0 o
Change § 020 g
Ave Sale Price 54.45 2.44 Revenue Change Costs  Change Ave Purchase Price 3539 067 2 200 = BEB
Gen-wt LMPs 52.97 279 2121 503 Buy 29.44 3.32 Ave Load-wt LMP 4471 225 8 RN B 2 panEng b
1.06 Gen_ 262 -0.02 187 S 000 000 = .
2
174 Total 3205 3.29 0 2 oo 12
-0.01 001 -
N - 12 3 4 5 6 7 8 9 101112 123 456 7 89101112

Net Revenue -10.847 ($ millions)

Figure C.24 RMR Market Stress Future: Run 24 Energy and Financial Flow Results
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Hydropower | MtElbert | MWIG | Fed | BidAd) 3 —
Run #25 Condition Flex v |\momsl| msmm MWTG Benefit 0.976 ($ millions)
Wet Full 45% | No | 0950
Gen Lo
1,670 GWh LAP Loads + Losse VYRl Net Short (Buy s I - Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 327 GWh 2w 1000
2,938 GWh 1,268 GWh Net Long (Sales) E;g, 200 800
1,268 GWh : o — L8
123456 7 8 910112 200 A [
wog
Ave Sale Price 43.63 Revenue ($ millions) Costs ($millions) ~ Ave Purchase Price 34.78 00 ——. o o0 | @ B o
Gen-wt LMPs 44.89 55.30 Buy 1138 Ave Load-wt LMP w206 5 _ o0 | =
Total 16.43 £ 2100 03 ;}
£ 2 aw
o 0z 1234567 89101112
Net Revenue  38.88 (S millions) Lo

Increase Under the Regional Market Structure

1,624 GWh LAP Loads + Losse| 373 GWh LEH LA Revenue Increase ($ millions)

SalesPrice  sseees Purchase Price
Regional Market ICITIEN LT I— 1997 wh K10 373 Gwh s o
Net Po 2,924 GWh 1,300 GWh Net Long (Sales) E o0 =
927 GWh 1,300 GWh 2w 030 -
Change Change § ;oo o0 | - 2 g
Ave Sale Price 43.69 0.06 Revenue Change Costs Change AvePurchasePrice 3193 -285 2, ow |8 8 8 8 & e
Gen-wt LMPs 46.91 2,01 56.78 147 Buy 1190 052  AveLoad-wtlMP 045 201 8 000 5 e
041 Gen_ 502 002 [Energy S i g;g 3 - B
157 Total 1692 050  |Congestion £
500 030
0.04 Losses 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112
Net Revenue 39.856 ($ millions)
Figure C.25 RMR Market Stress Future: Run 25 Energy and Financial Flow Results
Hydropower. Mt Elbert MWTG Fed | BidAdj N .
Run #26 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.157 ($ millions)
Wet Full 4.5% No 0.975
Gen — Lo
1,670 GWh LAP Loads + Losse VYRVl Net Short (Buy s I . Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 327 GWh & w0 1000
2,938 GWh 1,268 GWh Net Long (Sales) 3:5 200 800
1,268 GWh 2 _- -
12345 6785011 L IS
Ave Sale Price 43.63 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 34.78 300 — Buy el e RN ] 8 i e [ °
Gen-wt LMPs 44.89 55.30 Buy 1138 Ave Load-wt LMP 42.46 §Am 3 0.00 = =
Gen 505 Energy 5% oo |2 Zls
Total 16.43 Congestion £ 210 M o
£ bl 400
Losses .. 0

1234567 89101112
1234567 89101112

Net Revenue  38.88 (S millions)

Increase Under the Regional Market Structure

1,624 GWh LAP Loads + Losse EYERG I Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market (NGNS ELIIeN I 1,997 GWh I 373 GWh 250 080
Net Po 2,924 GWh 1,300 GWh Net Long (Sales) i
927 GWh 1,300 GWh ? 200
Change Change § 100
Ave Sale Price 44.84 121 Revenue Change Costs  Change AvePurchase Price 3277 -2.01 00
Gen-wt LMPs 46.91 201 5827 2.97 Buy 1221 083  Aveload-wtLMP 4151 095 810 |
041 Gen_ 502 -0.02 187 & 200 | %
157 Total 17.24 081 0.60 Ejzz
0.04 031

12 3 4 5 6 7 8 9 101112 123 456 7 89101112
Net Revenue 41.037 ($ millions)

Figure C.26 RMR Market Stress Future: Run 26 Energy and Financial Flow Results
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Hydropower MtElbert | MWIG | Fed | BidAd) g o
Run #27 Condition Flex i ||zl Eo MWTG Benefit 4.519 ($ millions)
Wet Full 4.5% No | 1.025

Gen Lo
1,670 GWh LAP Loads + Losse VYRl Net Short (Buy s I - Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 327 GWh &z 1000
2,938 GWh 1,268 GWh Net Long (Sales) 325, 200 800
1,268 GWh g o — L8
12385678 3wun]| . 2 EE =
wog
Ave Sale Price 43.63 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 34.78 300 — Buy sl 20 [ g L] B o
Gen-wt LMPs 44.89 55.30 Buy 1138 Ave Load-wt LMP w206 5 _ o0 | o
Total 16.43 £ 2100 03 ;}
£ L e

1234567 89101112
123 4567809101112

Net Revenue  38.88  ($ millions)

Increase Under the Regional Market Structure
1,624 GWh LAP Loads + Losse JEYENC' |l Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
[WRAII  Generation I— 1,907 own R —=="10 373 Gwh o -

Net Po: 2,924 GWh 1,300 GWh Net Long (Sales) 100
927 GWh 1,300 GWh

080

Ave. Price Increase ($/MWh)
8

Change Change 060
Ave Sale Price 47.14 351 Revenue Change Costs  Change Ave Purchase Price 3445 -033 2 200 040
Gen-wt LMPs 4691 2.01 6126 596 Buy 1284 146  Ave Load-wtLMP 4364 118 g 10 020
0.41 Gen 502 -002 [energy 062 & 000 d 000
157 Total 17.86 144 Congestion 0.45 ; ZZ 020 18
0.04 Losses - 011 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112

Net Revenue 43.399 ($ millions)

Figure C.27 RMR Market Stress Future: Run 27 Energy and Financial Flow Results

Hydropower. Mt Elbert MWTG Fed | BidAdj N .
Run #28 Condition Flex Losses | Exempt | Factor MWTG Benefit 5.700 ($ millions)
Wet Full 4.5% No | 1.050
—en ——Load
1,670 GWh LAP Loads + Losse VYRVl Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation II— 1,997 GWh I 327 GWh & w0 1000
2,938 GWh 1,268 GWh Net Long (Sales) 3:5 200 8.00
1,268 GWh 2 _- i
123 45 6 7 8 9 1011 12 200 #H & @
2 |
Ave Sale Price 4363 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 34.78 300 w0 | 2|8 R -
Gen-wt LMPs 44.89 55.30 Buy 1138 Ave Load-wt LMP 4246 5 _ 200 0.00 = =
Gen_ 5.05 Energy e oo |2 7%
€ 8100 E] -
Total  16.43 Congestion 52 ’
£ 400

Losses. . 0 1234567 89101112
1234567 89101112

Net Revenue  38.88 (S millions)

Increase Under the Regional Market Structure

1,624 GWh LAP Loads + Losse EYERG I Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market (NGNS ELIIeN I 1,997 GWh I 373 GWh S 140
2,924 GWh 1,300 GWh Net Long (Sales) S o 120
927 GWh 1,300 GWh 2 6w o
Change Change § 0 oo
Ave Sale Price 48.29 4.66 Revenue Change Costs Change  Ave Purchase Price 3529 051 2 040
Gen-wt LMPs 46.91 2.01 62.75 7.45 Buy 1315 177 Ave Load-wt LMP 4471 2.25 _; 200 020
0.41 Gen 502 -0.02 187 % 000 000 S 5 8
(1);7‘ Total 1817 175 gzz E 200 020 g
! Y : .

1234567891011
Net Revenue 44.580 ($ millions)

Figure C.28 RMR Market Stress Future: Run 28 Energy and Financial Flow Results
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Net Revenue -20.233 ($ millions)

Hydropower | MtElbert | MWIG | Fed | BidAd) 3 —
Run #29 Condition Flex v |\momsl| msmm MWTG Benefit 3.178 ($ millions)
Dry Full 4.5% No | 0950
1,040 GWh LAP Loads + Losse LY MM Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation [ 1,997 GWh I 957 GWh 2w L0 _
1,290 GWh 250 GWh Net Long (Sales) E;g, 100 . 3
250 GWh 2 o S
ol gE & o8 F .8
Ave Sale Price 49.20 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 35.05 150 o a0 |B i ol 5l B
Gen-wt LMPs 52.81 12.30 Buy 3355 Ave Load-wt LMP 4246 5 _ 0 3 & - o
Gen_ 215 §§ : o oo i w0g | 300 B
== 28 o B o . 2
52 02
Total  35.71 g |II IIIIIII ©E L
0121/51778Q1011205 1234567 89101112
Net Revenue -23.41 ($ millions) - -
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse BNl Net Short (Buy] SalesPrice  eeeenn Purchase Price Revenue Increase ($ millions)
Regional Market (CITNI I I 1,997 GWh _I\ 009 GWh = 040
Net Po 1,280 GWh 292 GWh Net Long (Sales) Z w0 035 =
717 GWh 292 GWh Z o ST .
Change Change g-zuo . 020 s ~ E o - 5 3
Ave Sale Price 49.28 0.08 Revenue Change Costs  Change Ave Purchase Price 3219 -286 2 o ol&] [E s
Gen-wt LMPs 55.70 2.90 1438 2.08 Buy 3247 -1.08  Aveload-wtLMP 045 201 8 % 0w |2 S
096 Gen_ 214 -0.02 311 S 600 oos
1.89 Total 3461 -1.10 068 2
800 000
0.06 0.42 12 3 45 6 7 8 9 1011 12 123 456 7 8 9101112

Figure C.29 RMR Market Stress Future: Run 29 Energy and Financial Flow Results

Net Revenue -20.710 ($ millions)

Hydropower Mt Elbert MWTG Fed | BidAdj 5 -
Run #30 Condition Flex Losses | Exempt | Factor MWTG Benefit 2.701 ($ millions)
Dry Full 4.5% No | 0975
—en ——Load
1,040 GWh LAP Loads + Losse LY\l Net Short (Buy s Monthly Net Revenue ($ millions)
Status Quo Generation I 1,997 GWh I 957 GWh Eow o0 -
==
1,290 GWh 250 GWh Net Long (Sales| £ e - . ~ . 0o s
250 GWh s 0 - S
12345678 91001 roo (SRR gl R S
Sl B il
Ave Sale Price 49.20 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 35.05 150 — Buy sl oo &Y s EE
Gen-wt LMPs 52.81 12.30 Buy 3355 Ave Load-wt LMP 4246 5 _ . & o 5
Gen_ 215 Energy §'§ S el ) oS 300 B
e 28 50 i B A B 02
Total  35.71 Congestion g I II 1 I I I III ©E L
Losses szz/fc7avmmza£ 1234567891011
Net Revenue -23.41  ($ millions) e ~
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse ¥Rl Net Short (Buy SalesPrice  eesese Purchase Price Revenue Increase ($ mi
Regional Market [T [ 1,997 GWh —I\ ,009 GWh 2 o35
Net Po. 1,280 GWh 292 GWh Net Long (Sales) § 400 030 8
717 GWh 292 GWh 2 200 0| gl q
Change Change § ;. 020 G| E B e
Ave Sale Price 50.58 138 Revenue Change Costs  Change Ave Purchase Price 33.04 201 £ 015 g° Gl =]
Gen-wt LMPs 55.70 2.90 14.75 246 Buy 3333 -023  Aveload-wtLMP 4151 095 § 20 010 g
0.96 Gen_ 214 -0.02 187 & 400 oos |2
1.89 Total 3546 -0.24 060 3
600 000
0.06 031 12 3 4 5 6 7 8 9 101112 123 456 7 89101112

Figure C.30 RMR Market Stress Future: Run 30 Energy and Financial Flow Results
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Hydropower Mt Elbert MWTG Fed Bid Adj n .
Run#31 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.749 ($ millions)
Dry Full 4.5% No 1.025
1,040 GWh LAP Loads + Losse LAVl Net Short (Buy) [
Status Quo Generation [ 1,997 GWh I 957 GWh g
Net Position| 1,290 GWh 250 GWh Net Long (Sales) é:g 100
-707 GWh 2 o
1
Ave Sale Price 49.20 Revenue ($ millions) Costs ($ millions) ~ Ave Purchase Price 35.05 150 o 200 B o
Gen-wt LMPs 52.81 12.30 Buy 3355 Ave Load-wt LMP 42.46 E =100 60 3 i) 2 o
Gen_ 215 £3 e Sipeeen. g 300 el
£3 5 B e . g
At
AT e 1234567891011
Net Revenue -23.41 ($ millions) Lo e oo
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse JEWVERCIV} I Net Short (Buy) SaesPrice seenes purchaseprce | REVENUeE Increase ($ millions)
ey Generation [ 1997 wh K 1,009 Gwh o 8 o
Net Position 1,280 GWh 292 GWh Net Long (Sales) § 6.00 030 -
17 GWh 292 GWh £ am - g
Change Change § 4 os | HE B
Ave Sale Price 53.17 3.97 Revenue Change Costs  Change Ave Purchase Price 3473 032 2 o | B8 T EmE
Gen-wt LMPs 55.70 2.90 1551 321 Buy 3504 148 Ave Load-wt LMP 4364 118 3 00 005 A digs 23
096 Gen_ 214 002 [Energy 062 % 200 oo s &
1.89 Total 37.17 146  |Congestion oss £ os 1B
- s
006 Losses o1 1234567 8910112 12345678 0951011
Net Revenue -21.662 ($ millions)

Figure C.31 RMR Market Stress Future: Run 31 Energy and Financial Flow Results

Net Revenue -22.138 ($ millions)

1

Hydropower MtElbert | MWITG | Fed | BidAdj - q
Run # 32 Condition Flex Losses | Exempt | Factor MWTG Benefit 1.273 ($ millions)
Dry Full 45% No | 1.050
N [eren—— L
1,040 GWh LAP Loads + Losse [CLY RV Net Short (Buy) [N Monthly Net Revenue ($ millions)
Status Quo Generation i 1,997 GWh I 957 GWh & 100 _
1,290 GWh 250 GWh Net Long (Sales) & B I = s
250 GWh g, AN L]
123456 78 91011
Ave Sale Price 49.20 Revenue ($ millions) Costs ($ millions)  Ave Purchase Price 35.05 150 — By sl g0 .
Gen-wt LMPs 52.81 12.30 Buy 3355 Ave Load-wt LMP 246 5 _ o 3
Gen_ 215 §§ IR I ke ENIE %
Total 3571 58 =0 I I [ I II 'I 0E
g 1 o 2
o AL l234567s89 000
Net Revenue -23.41 ($ millions) e
Increase Under the Regional Market Structure
988 GWh LAP Loads + Losse i Wi\CRC\\ I Net Short (Buy] Salesprice  eeeeen purchase Price Revenue Increase ($ millions)
Regional Market (ENCIINS eI [ 1,997 GWh —I\ 1,009 GWh 210w 040
1,280 GWh 292 GWh Net Long (Sales) § 800 030
292 GWh Z 600 020
Change Change § 0 o1
Ave Sale Price 54.47 527 Revenue Change Costs  Change Ave Purchase Price 3558 053 £
Gen-wt LMPs 55.70 2.90 1589 3.59 Buy 3589 234 Ave Load-wt LMP. 4471 225 3 200 000
0.9 Gen_ 214 002 [Energy 187 < 000 -0.10
1.89 Total 3803 232 Congestion 037 2
200 020
0.06 Losses 001

23456 78910112 1234567891011

Figure C.32 RMR Market Stress Future: Run 32 Energy and Financial Flow Results
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Attachment D

Adjustments to the Pump Storage Methodology and
Transmission Loss Accounting

After LAP model runs had been completed and the second draft of this report had been written,
inaccuracies were discovered in the basic methodology that Brattle used and Argonne followed to
compute LAP and CRSP Regional Market financial impacts. Argonne with guidance from LAP staff
therefore made improvements to the LAP Financial spreadsheet in order to estimate the effect of these
improvements on LAP modeling results. Because the CRSP modeling process was not yet complete at
the time modeling inaccuracies were discovered, Argonne modified the modeling process it used for the
CRSP system such that it more closely mimicked current-day operations under the Status Quo Case.
These modeling improvements are reflected in the CRSP results presented earlier in this report.

The LAP Financial Spreadsheet was improved to more accurately compute the following situations:

Energy short positions: For short positions, LAP losses are backed out from FES load bus calculations,

thus removing double counting of losses.

Pump Storage: Pumped storage production was treated as negative generation in the Brattle
methodology. Under some situations, this incurred pumping purchase costs that were based on the
weighted-average load LMP instead of at the Mt. Elbert LMP. Also pumping treated as negative
generation was multiplied by the powerplant production cost resulting in a positive revenue associated
with pumping water to the Mt. Elbert upper reservoir. This was corrected such that pumping now incurs
an operating cost in addition to energy purchase that are required to pump water. Lastly, because
pumping energy was treated as an additional load it was also subject to load-based rules regarding
exemptions from marginal congestion and loss LMP components. This inconsistency was resolved by
treating pumped mode power consumption as a load at the Mt. Elbert bus. The revised methodology
assumes that LAP generating resources serves as much Mt. Elbert pumping load as possible. Any
remaining load is then served by the market at the Mt. Elbert bus at the plant’s LMP. When purchasing
power from the grid there are no energy transmission losses, however, the loss and congestion
components of the LMP remain. In addition, when pumping, the load is also excluded from the
generation-weighted LMP calculation.

Revised LAP financial results for the Current Trends Future is shown below along with a
comparison of previous results (i.e., prior model enhancements). It should be noted that under
reference point assumptions (Run 1) the estimated Regional Market financial benefits are about
$345,000 lower under the revised methodology. General trends among model results and the financial
benefit ranking of model runs are very similar. Based on this comparison LAP staff concluded that the
differences between the results shown below and those described in the main body of this report were
not large enough to warrant the rewrite of this report, but were significant enough to warrant
mentioning and documenting with this attachment.
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Run ID

19- Brattle Bench
16

17

18

12

14

15

L
1-Ref Pnt
a

29
30
11
31
32
20
22
10
23
24
25
26
12
27
28
21

Current Trends

Regional Market Price Benefits ($1,000)

ML,
Hydropower Albert MWTG OnlyPay BidAdj | Revised | Previous| Change % Change from
Condition Flex Losses MEC Factor Values | Values ($1,000) |Previous Values
Ave/Dry for MS Full Brattleloa No 1.000 323 1,479 {1,156) {78)
Average Mone 5.00% MNo 1.000 11 271 (260) (96)
Dry MNone 5.00%  No 1.000 (42) 232 [274) {118)
Wet None 5.00% No 1.000 [218) 193) (125) 135
Average Mone 4.50%  Yes 1.000 (1,915)] (1,618 (297) 18
Dy MNone 4.50% fes 1.000 (2,102) 12,223) 121 i3]
Wet MNone 4.50% Yes 1.000 (1,439) (609) (B30) 136
Dry MNone 4.50% Mo 0.950 255 1,189 (934) (73]
Dry MNone 4.50%  No 1.000 71 470 (399) (85)
Dry MNone 450% Mo 1.050 (112) (243) 137 (55)
Average MNone 4.50% Mo 0.950 191 509 [ 718] (79)
Ave/Dry for M5 None 4.50%  No 1.000 164 509 {344) (68)
Average None 4.50% No 1.050 138 109 29 27
Wet MNone 450% Mo 0.950 (1,174) (972) (202) 21
Wet None 4.50% No 1.000 55 144 (89) (62]
Wet MNone 4.50% Mo 1.050 1,285 1,260 25 2
Dry Full 450% Mo 0.950 1,091 2,046 {955) (47)
Dry Full 4.50% Mo 0.975 1,040 1,730 (690) (40)
Dry Full 4.50% Mo 1.000 928 1,414 (426) (30)
Dry Full 450% Mo 1.025 337 1,098 (161) (15)
Dry Full 4.50% Mo 1.050 886 782 104 0
Average Full 4.50% Mo 0.950 361 1,671 (1,310) (78)
Average Full 4.50% Mo 0.975 413 1,526 (1,113) (73]
Average Full 4.50% Mo 1.000 465 1,381 (517) (66)
Average Full 4.50% Mo 1.025 517 1,237 (720) (58)
Average Full 4.50% Mo 1.050 569 1,092 (523) (48]
Wet Full 450% Mo 0.950 {1,293) {209 (1,084) 519
Wet Full 450% Mo 0.975 (607) 405 (1,012) {250
Wet Full 4.50% Mo 1.000 79 1,020 (540) (92)
Wet Full 4.50% Mo 1.025 783 1,634 (B3] (53]
Wet Full 4.50% Mo 1.050 1,451 2,248 (797) (35)
Average Hist/CFu 4.50% Mo 1.000 (698) 2,825 13,523) (125)
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Attachment E

CRSP Monthly Model Result Statistics

Flaming Gorge Water Release Statistics for 2024

e\ X = 90 Percentile 75 Percentile = \edian
e 25 Percentile =10 Percentile = Min sees Aye
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Flaming Gorge Forebay Elevation Statistics for 2024
= Max =90 Percentile 75 Percentile =——Median
25 Percentile ===10 Percentile ===Min = Ave

7,000

6,800

6,600
6,400

6,200

6,000

5,800

Monthly Forebay Elevation (ft)

5,600
Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec

Blue Mesa Water Release Statistics for 2024

e [\ 3 X = 90 Percentile 75 Percentile e Median
e 7 5 Percentile =10 Percentile e Min see Ave
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Blue Mesa Forebay Elevation Statistics for 2024

e [\ X ===9(0 Percentile @ =75 Percentile =—=Median

=285 Percentile @ ===10 Percentile = ===Min Ave
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Morrow Point Release Statistics for 2024

e [\ 3 X = 90 Percentile 75 Percentile e Median
=) 5 Percentile =10 Percentile == Min see Ave
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Morrow Point Elevation Statistics for 2024
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Crystal Release Statistics for 2024

e [\ 3 X = 90 Percentile 75 Percentile e Median
=) 5 Percentile =10 Percentile == Min see Ave
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Crystal Elevation Statistics for 2024

e [\ X =90 Percentile 75 Percentile =——=Median
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Fontenelle Water Release Statistics for 2024
e [\ 21X = 90 Percentile 75 Percentile e—NMedian
== )5 Percentile == 10 Percentile e=—Min see Ave
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Fontenelle Forebay Elevation Statistics for 2024
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Attachment F

Detailed SRP Exchange and GFA Contracts Result under High Gas
and Market Stress Futures

Results for the High Gas Future

SRP Energy Exchange Benefits under the Regional Market

Net Rev ($1,000)
TAG 1X: GC to SRP Load TAG 2X: Craig to CRSP North Load TAG 4X: 4 Corners to CRSP NM Load
Energy Price Energy Price Energy Price
($/mMwh) ($/mMwh) ($/Mwh)
Energy Energy Energy
Energy In Out Energy In Out Energy In Out Total
Glen Ave
1X SRP Canyon | Pinnacle Ave Net 2X SRP WAPA Ave Net 4X SRP Ave Net NetEnergy | Net CRSP
Exchange LMP  |Peak LMP| h Deliv h Four Four h
Month (GWh)  [($/MWh)|($/MWh)]|($/MWh)| ($1,000) (GWh) Craig Pnts |($/Mwh)| ($1,000) (GWh) | Corners | Corners |($/MWh)]| ($1,000) | (GWh) ($1,000)
Jan 2373 4540 4837 292 -693.6 1924 4201 4407  -1.95 -375.4 57.5 4494  44.94 0.00 0.0 487.2 -1,068.9
Feb 208.4 4382 4555  -158 -329.1 1785 4148 4273  -1.07 -190.2] 333 4237 4237 0.00 0.0 4203 -519.3
Mar 1642 3880 4069  -1.80 -294.8] 139.8 3631 3767  -1.23 -172.1] 309 3756 37.56 0.00 0.0 334.9 -466.9)
Apr 173.8 3565 3821  -2.29 -397.2) 1411 3222 3423 -178 -251.7] 402 3482 3482 0.00 0.0 355.0 -648.9)
May 1151 3814 4032  -2.06 -236.9) 641 3487 3676  -177 -113.7] 55.0 3655  36.55 0.00 0.0 234.2 -350.6)
Jun 1440 4192 4548  -3.49 -502.6] 983 3739 39.83  -244 -239.8 529 4051 4051 0.00 0.0 295.1 -742.5)
Jul 1921 4958 5350  -3.71 -713.5] 127.7 4523 47.96  -2.41 -308.2} 727 4887  48.87 0.00 0.0 392.5 -1,021.7]
Aug 176.4  49.97 5444  -455 -802.3) 1458 4585 4856  -2.64 -385.1f 526  49.67  49.67 0.00 0.0 3749 -1,187.4
Sep 172.6  47.87 5137  -3.43 -591.4) 1388  43.86 4636  -2.42 -336.4) 384 4722 47.22 0.00 0.0 349.7 -927.7]
Oct 1644 4470 4745  -2.52 -414.6) 129.1 4201 4387  -1.73 -223.5) 459 4405  44.05 0.00 0.0 339.3 -638.2]
Nov 182.8 4280 4592  -2.76 -504.0) 165.8  37.44 4047  -2.78 -460.4) 213 4283 42583 0.00 0.0 369.9 -964.4
Dec 253.0 4659  49.82  -3.00 -758.1) 206.7 4113 4405 270 -558.2] 50.2  45.88  45.88 0.00 0.0 509.9 -1,316.2)
Annual 2,184.2 43.77 46.76 -2.84 -6,238.1] 1,727.9 39.98 42.21 -2.08 -3,614.6] 550.8 42.94 42.94 0.00 0.0] 4,462.9 -9,852.7
SRP Wheeling Benefits under the Regional Market
TAG 3X: Craig to Pinnacle Peak TAG 5X: 4 Corners to Pinnacle Peak
Energy Price Energy Price
($/MwWh) ($/Mwh)
Energy Energy
Energyiln  Out Energyiln  Out Total
3X SRP Ave Net 5X SRP Ave Net Wheeled CRSP
Exchange Pinnacle | Revenue| Revenue |Exchange| Four |[Pinnacle | Revenue| Revenue Energy | Revenue
(GWh) Craig Peak |($/MWh)| ($1,000) | (GWh) | Corners | Peak |($/MWh)| ($1,000) (GWh) ($1,000)
45.2 42.01 48.37 -7.72 -348.5 14.7 44,94 48.37 -2.93 -43.0, 59.8 -391.4
49.2 41.48 45.55 -5.00 -246.0 35.0 42.37 45.55 -2.86 -100.2 84.3 -346.2
95.3 36.31 40.69 -4.42 -420.8 29.0 37.56 40.69 -2.73 -79.0, 124.2 -499.8
723 32.22 38.21 -5.79 -418.3 40.3 34.82 38.21 -3.50 -141.0 112.5 -559.3
89.3 34.87 40.32 -5.11 -455.9 31.2 36.55 40.32 -4.01 -125.2 120.5 -581.1
110.9 37.39 45.48 -7.53 -834.5 25.8 40.51 45.48 -5.06 -130.8] 136.7 -965.3
96.8 45.23 53.50 -8.85 -856.3 26.4 48.87 53.50 -4.51 -119.1 123.2 -975.4
104.2 45.85 54.44 -8.59 -895.3 24.4 49.67 54.44 -4.87 -118.7 128.6 -1,014.0
37.0 43.86 51.37 -6.71 -248.1 26.8 47.22 51.37 -4.12 -110.3 63.7 -358.4
45.5 42.01 47.45 -4.80 -218.5 54.8 44.05 47.45 -3.41 -186.8| 100.3 -405.3
67.3 37.44 45.92 -8.40 -565.4 70.0 42.83 45.92 -3.10 -216.7 137.3 -782.1
48.3 41.13 49.82 -9.81 -474.3 34.5 45.88 49.82 -4.13 -142.3 82.8 -616.6
861.1 39.98 46.76 -6.89 -5,982.0| 412.7 42.94 46.76 -3.77 -1,513.0| 1,273.8 -7,495.0
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GFA Contract Benefits under the Regional Market
APS GFA Contract PAC GFA Contract DGT GFA Contract
Energy Price Energy Price Energy Price
($/Mwh) ($/Mwh) ($/Mwh)
HrMax Energy Energy HrMax Energy Energy HrMax Energy Energy
285 MW In Out 250 MW In Out 26 MW In Out Total
Total
APS Trans Glen Pinnacle Ave Net PAC Trans| Pinnacle Glen Ave Net DGT Trans| Flaming Glen Ave Net Trans Net CRSP
Service Canyon Peak Revenue | Revenue | Service Peak Canyon | Revenue | Revenue Service Gorge Canyon | Revenue | Revenue | Service Revenue
Month| (GWh) |($/MWh) | ($/MWh) | ($/MWh) | ($1,000) | (GwWh) |($/MWh)]|($/MWh)|($/MWh)| ($1,000) | (GWh) [($/MWh)|($/MWh) | ($/Mwh)| (51,000) | (GWh) ($1,000)
Jan 41.7 4534  48.06 -2.81  -117.2 57.0 48.06 4534 2.66 151.8] 4.2 4172 4543 -4.56 -19.2| 102.9 15.4]
Feb 18.8  44.05 45.55 -2.82 -53.0| 479 4555  44.05 1.30 62.2 16 4138 46.19 -4.38 -7.1 68.4 2.0
Mar| 5.5 3836 40.06 -1.15 -6.3 10.5 40.06 38.36 0.70 7.3 55 36.03 4231 -6.26 -34.4 215 -33.4]
Apr 17 36.22 38.47 -1.38 -2.3 30.0 3847 36.22 2.29 68.7] 7.2 3326 3955 -6.47 -46.7 38.9 19.7|
May| 45 39.15 41.08 -0.57 -2.5] 59.0 41.08 39.15 2.01 118.9 4.9 3535 3443 1.28 6.3| 68.4 122.6
Jun 5.7 4297 46.20 -2.77 -15.7 727 46.20 42.97 3.86 280.3| 74 3798 3821 0.34 2.5] 85.7 267.1
Jull 3.7 49.76  53.40 -3.98 -14.6| 711 53.40 49.76 4.01 284.9 7.9 4468 4573 -0.76 -6.0 82.7 264.2
Aug] 0.6 50.62 54.88 -2.38 -1.5] 79.7 54.88 50.62 4.83 384.9 7.7 4594 4995 -3.83 -29.4} 88.0 354.0f
Sep| 0.0 4756 50.76 0.00 0.0] 63.5 50.76 47.56 3.30 209.6 4.7 4418  48.77 -4.27 -20.1 68.2 189.6)
Oct| 4.2 4489 47.27 -1.89 -8.0 48.7 47.27 4489 2.38 116.14 4.7 4235 4469 -3.10 -14.5| 57.6 93.6)
Nov| 11.2  43.04 4594 -3.48 -38.9 15.2 4594 43.04 3.25 49. 6.5 36.58 43.15 -6.03 -39.4 33.0 -28.8
Dec 25.1 47.23 50.22 -3.15 -79.1] 5.7 50.22 47.23 3.38 19.2] 10.6  41.32  48.37 -6.97 -73.7 41.4 -133.5}
Annual| 122.7 44.10 46.82 -2.20 -339.2] 561.1 46.82 44.10 2.83 1,753.4] 72.9 40.07 43.90 -3.75 -281.7] 756.7 1,132.6
Results for the Market Stress Future Results
SRP Energy Exchange Benefits under the Regional Market
Net Rev ($1,000)
TAG 1X: GC to SRP Load TAG 2X: Craig to CRSP North Load ITAG 4X: 4 Corners to CRSP NM Load
Energy Price Energy Price Energy Price
($/MwWh) ($/MwWh) ($/MwWh)
Energy Energy Energy
Energy In Out Energy In Out Energy In Out Total
Glen Ave
1X SRP Canyon | Pinnacle Ave Net 2X SRP WAPA Ave Net 4X SRP Ave Net Net Energy| Net CRSP
Exchange LMP  |Peak LMP| h Deliv h Four Four h
Month| (GWh) |($/MWh)|($/MWh)|($/MWh)| ($1,000) (GWh) Craig Pnts |($/MWh)| ($1,000) | (GWh) | Corners | Corners [($/MWh)| ($1,000) | (GWh) ($1,000)
Jan 237.3 47.07 48.56 -1.40 -333.2 192.4 44.08 45.41 -1.25 -239.7 57.5 45.22 45.22 0.00 0.0 487.2 -572.9
Feb 2084 4711  47.69 -0.49 -101.3] 1785 4525 45.79 -0.34 -61.1] 333 44.40 44.40 0.00 0.0 4203 -162.4]
Mar 164.2 41.56 42.53 -0.86 -141.4] 139.8 39.76 40.35 -0.45 -62.6] 30.9 38.82 38.82 0.00 0.0 3349 -204.0}
Apr 173.8 39.19 40.51 -1.03 -179.5 141.1 36.48 37.58 -0.89 -125.6| 40.2 36.70 36.70 0.00 0.0} 355.0 -305.1
May 115.1 40.72 41.59 -0.71 -81.4 64.1 37.93 39.00 -0.92 -59.2] 55.0 37.09 37.09 0.00 0.0 2342 -140.6}
Jun 144.0 4534  47.60 -2.08 -299.9 98.3 4176  43.23 -1.42 -139.5 52.9 4236 4236 0.00 0.0 295.1 -439.4)
Jul 192.1 52.34 54.88 -2.33 -446.8) 127.7 48.79 50.65 -1.57 -200.4 72.7 50.24 50.24 0.00 0.0} 392.5 -647.2
Aug 176.4 51.35 53.88 -2.49 -439.4] 145.8 4791  49.65 -1.67 -243.0| 52.6  49.58 49.58 0.00 0.0] 374.9 -682.5
Sep 172.6  49.89 52.08 -2.10 -362.1 138.8  46.79 48.32 -1.49 -207.5| 384 4819 48.19 0.00 0.0] 349.7 -569.6|
Oct 164.4 46.15 48.11 -1.78 -292.5] 129.1 44.29 45.44 -1.07 -138.2 45.9 44.67 44.67 0.00 0.0 339.3 -430.7|
Nov 182.8 45.71 47.77 -1.69 -309.8) 165.8 41.67 43.76 -1.88 -311.0) 213 44.91 44.91 0.00 0. 369.9 -620.8]
Dec 253.0 47.85 49.93 -1.86 -471.5| 206.7 44.08  45.90 -1.63 -336.7 50.2 46.43 46.43 0.00 0.2' 509.9 -808.2}
Annual| 2,184.2 46.19 47.93 -1.57 -3,458.8| 1,727.9 43.23 44.59 -1.21 -2,124.5] 550.8 44.05 44.05 0.00 0.0I 4,462.9 -5,583.3

44

Western Area Power Administration

126




SRP Wheeling Benefits under the Regional Market
TAG 3X: Craig to Pinnacle Peak TAG 5X: 4 Corners to Pinnacle Peak
Energy Price Energy Price
($/MWh) ($/MWh)
Energy Energy
Energy In Out Energy In Out Total
3X SRP Ave Net 5X SRP Ave Net Wheeled CRSP
Exchange Pinnacle | Revenue| Revenue |Exchange| Four |[Pinnacle | Revenue| Revenue Energy Revenue
Month | (GWh) | Craig Peak [($/MWh)| ($1,000) | (GWh) | Corners | Peak |($/MWh)| ($1,000) (GWh) ($1,000)
Jan 45.2 44.08 48.56 -5.51 -248.9 14.7 45.22 48.56 -2.90 -42.5 59.8 -291.5
Feb 49.2 45.25 47.69 -3.42 -168.2 35.0 44.40 47.69 -2.96 -103.8 84.3 -272.0
Mar 95.3 39.76 42.53 -2.77 -263.6 29.0 38.82 42.53 -3.34 -96.8 124.2 -360.5
Apr 723 36.48 40.51 -3.95 -285.0 40.3 36.70 40.51 -3.91 -157.7 1125 -442.8
May 89.3 37.93 41.59 -3.35 -299.1 31.2 37.09 41.59 -4.52 -140.9 120.5 -440.0|
Jun 110.9 41.76 47.60 -5.36 -593.8 25.8 42.36 47.60 -4.88 -126.1 136.7 -719.9
Jul 96.8 48.79 54.88 -6.53 -631.8, 26.4 50.24 54.88 -4.41 -116.4 123.2 -748.2,
Aug 104.2 47.91 53.88 -6.05 -630.9 24.4 49.58 53.88 -4.45 -108.5 128.6 -739.3,
Sep 37.0 46.79 52.08 -4.52 -166.9 26.8 48.19 52.08 -3.86 -103.4) 63.7 -270.3|
Oct 45.5 44.29 48.11 -3.03 -137.9 54.8 44.67 48.11 -3.47 -190.0, 100.3 -327.9
Nov 67.3 41.67 47.77 -6.14 -413.7| 70.0 44.91 47.77 -2.86 -200.2] 137.3 -613.9
Dec 48.3 44.08 49.93 -6.78 -327.6) 34.5 46.43 49.93 -3.55 -122.2] 82.8 -449.9
Annual | 861.1 43.23 4793 -4.78 -4,167.6| 412.7 44.05 47.93 -3.76 -1,508.6] 1,273.8 -5,676.2
GFA Contract Benefits under the Regional Market
APS GFA Contract PAC GFA Contract DGT GFA Contract
Energy Price Energy Price Energy Price
—_(B/mwh) __(/mwh) —_(S/Mwh)
HrMax Energy Energy HrMax Energy Energy HrMax Energy Energy
285 MW In Out 250 MW In Out 26 MW In Out Total
APS Trans Glen Pinnacle Ave Net PAC Trans| Pinnacle Glen Ave Net DGT Trans| Flaming Glen Ave Net E:‘eertgv Net CRSP
Service Canyon Peak Revenue | Revenue | Service Peak Canyon | Revenue | Revenue | Service Gorge Canyon
Month| (GWh) |($/Mwh) [ ($/Mwh) | ($/Mwh) | ($1,000) | (Gwh) |($/mMwh) [ ($/Mwh) [ ($/Mwh) | ($1,000) | (Gwh) |($/mMwh) | ($/Mwh) [ ($/Mwh) | ($1,000) | (Gwh) | ($1,000)
Jan| 41.7 46.89  48.08 -1.33 -55.5 57.0 48.08 46.89 1.20 68.2 4.2 4372 44.87 -2.19 -9.2| 102.9 3.5
Feb 18.8 4739 47.68 -1.21 -22.8 479 47.68 4739 0.15 7.0] 16 4513 46.81 -1.42 -2.3| 68.4 -18.1]
Mar| 5.5 41.11  41.89 -0.42 -2.3 10.5 41.89 4111 -0.18 -1.9 5.5 3936 42.95 -3.28 -18.0 215 -22.2
Apr 1.7 39.83 40.78 0.33 0.6| 30.0 4078 39.83 117 35.1 7.2 37.14 4060 -3.64 -26.2] 389 9.4
May| 45 4160 42.09 1.40 6.3] 59.0 42.09 41.60 0.29 17.1 49 38.07 3498 3.38 16.6| 68.4 40.0
Jun 57 46.56  48.42 -1.78 -10.1] 72.7 48.42 46.56 2.22 161.3| 7.4 4247 39.68 3.29 24.2] 85.7 175.4]
Jul 3.7 52.39 54.59 -2.46 -9.1] 71.1 54.59 52.39 2.40 170.3| 7.9 48.03 4643 1.86 14.7 82.7 176.0|
Aug 0.6 51.91 54.24 -1.16 -0.7| 79.7 54.24 51.91 2.59  206.6 7.7 4785 49.11 -1.11 -8.5] 88.0 197.4]
Sep 0.0 4997 51.87 0.00 0.0} 63.5 51.87 49.97 1.76 111.4] 4.7 4697 48.93 -1.51 -7.1] 68.2 104.3|
Oct, 4.2 46.28  47.87 -1.13 -4.8| 48.7 47.87  46.28 1.61 78.2 47 4457 44.48 -0.26 -1.2] 57.6 72.3
Nov| 11.2 4549  47.47 -2.72 -30.4] 15.2  47.47 4549 2.33 35.5] 6.5 40.88  43.88 -2.66 -17.4 33.0 -12.3
Dec 25.1 48.89 50.61 -1.81 -45.4 5.7 50.61 48.89 2.50 14.2] 10.6 44.84 48.72 -3.89 -41.1] 41.4 -72.3
Annual| 122.7 46.53 47.97 -1.02 -174.2| 561.1 47.97 46.53 1.50 903.2| 72.9 43.25 44.29 -0.95 -75.5] 756.7 653.4
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